UNITED STATES OF AMERICA
BEFORE THE
FEDERAL ENERGY REGULATORY COMMISSION
In the Matter of
MOUNTAIN VALLEY PIPELINE, LLC

Docket No. CP19-14-000

MOTION TO INTERVENE AND PROTEST OF APPALACHIAN MOUNTAIN
ADVOCATES, APPALACHIAN VOICES, CENTER FOR BIOLOGICAL
DIVERSITY, CHESAPEAKE CLIMATE ACTION NETWORK, HAW RIVER
ASSEMBLY, AND THE SIERRA CLUB
I.

MOTION TO INTERVENE
Pursuant to 18 C.F.R. §§ 157.10, 385.211, and 385.214, the following parties

move to intervene and protest in the above-captioned proceedings and request an
evidentiary hearing on the application of Mountain Valley Pipeline, LLC (“Mountain
Valley”) for the Southgate Project (“the Project”):
Appalachian Mountain Advocates is a non-profit law and policy center focused
on protection of the environment and human communities in the Appalachian region,
with offices in Virginia and West Virginia. Appalachian Mountain Advocates works to
promote sensible energy policies that protect the environmental and economic well-being
of the citizens of the region in the short and long term. Appalachian Mountain Advocates
opposes any energy development that unreasonably impacts the region’s communities,
landscapes, and water resources and contributes to long-term reliance on climate-altering
fossil fuels.
Appalachian Voices is an award-winning, nonprofit organization working in
partnership with local people and communities to defend the natural heritage and
economic future of the Appalachian region. Our primary focus is to strengthen the
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citizens movement across Virginia, West Virginia, North Carolina, Tennessee and
Kentucky to shift the region away from harmful, polluting energy practices — like
mountaintop removal coal mining and natural gas fracking — to cleaner, more just and
sustainable energy sources.
Appalachian Voices has offices in Charlottesville and Norton, Va., Knoxville,
Tenn., and Asheville and Chapel Hill, N.C. and employs 29 passionate, professional
individuals including environmental policy experts, community organizers and water
quality specialists. Appalachian Voices has almost 1,000 dues-paying members, plus
another 25,000 supporters throughout the country who take action to help us achieve our
goals. The Project would pose unacceptable environmental damage and health risks to
our members and supporters along the 73-mile proposed route through Virginia and
North Carolina and would compound the harmful impacts that people in the Appalachian
region living near natural gas fracking sites already experience. Further, public and
private investment in this project would lock the country into decades more of
dependence on fossil fuels, diverting those investments away from cleaner, more
sustainable energy options for the region including efficiency and wind and solar
generation.
The Center for Biological Diversity (“Center”) is a national, nonprofit
conservation organization with over 1.6 million members and online activists dedicated
to the protection of endangered species, a safe climate, wild places, and a healthy
environment. Among our key priorities is preventing the construction of new, dirty fossil
fuel facilities as a means to guard against environmental degradation and encourage the
development of clean, renewable energy sources. The Center has offices in Asheville
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and Raleigh, North Carolina, as well as Norfolk, Virginia. We enjoy over 63,000 duespaying members, and over 1.5 million online activists nationwide.
The construction and operation of the MVP Southgate pipeline would harm the
interests of our members by facilitating the hydraulic fracturing and fossil fuel production
that degrades the climate, environmental health, and endangered species habitat that we
seek to defend. The pipeline’s route would threaten the environmental health of the
communities through which it would pass with hazardous spills. Furthermore, the
pipeline would threaten the aquatic habitat of the Atlantic pigtoe, an imperiled freshwater
mussel currently proposed for listing under the Endangered Species Act.
The Chesapeake Climate Action Network (“CCAN”) is the first grassroots,
nonprofit organization dedicated exclusively to fighting climate change and all of the
harms fossil-fuel infrastructure causes in Maryland, Virginia, and Washington, D.C. and
to securing policies that will put us on a path to climate stability. CCAN has offices in
Takoma Park, Md., Richmond, Va., and Norfolk, Va. One of the primary tools CCAN
uses to fight climate change and move toward a clean-energy future is building,
educating, and mobilizing a powerful grassroots movement to push for a societal switch
away from dirty fossil-fuel energy and toward clean energy. In support of its mission,
CCAN opposes projects that could contribute to climate change, harm the public, and
degrade the Chesapeake Bay.
CCAN has over 60,000 supporters in Maryland, Virginia, and Washington, D.C.
who have signed up to receive updates from CCAN, donated to CCAN, signed an online
petition, or attended a CCAN-sponsored event. Of our supporters, more than 20,000 live
in Virginia. CCAN supporters live, exercise, work, raise children, garden, fish, boat, and
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recreate on a regular basis on or near the route of the Project. CCAN seeks to intervene in
this proceeding because the Project will exacerbate climate change in a region that is
particularly susceptible to the impacts, will lock the region in to future reliance on fossil
fuels while taking resources away from renewable energy and energy efficiency, and will
cause additional environmental and economic harm to our supporters.
The Haw River Assembly is a 501(c)(3) non-profit citizens’ group founded in
1982 to restore and protect the Haw River and Jordan Lake, and to build a watershed
community that shares this vision. Our goals are to promote environmental education,
conservation and pollution prevention; to speak as a voice for the river in the public
arena; and to put into peoples’ hands the tools and the knowledge they need to be
effective guardians of the river.
The Haw River is at the headwaters of the Cape Fear River Basin, and includes
the Jordan Lake reservoir, providing drinking water and recreation to North Carolina.
Tributaries of the Haw River and Jordan Lake flow through Guilford, Rockingham,
Caswell, Alamance, Orange, Chatham, Wake and Durham counties. Almost one million
people are part of this watershed–sedimentation, wastewater, and runoff impair its waters.
The Haw River Assembly is dedicated to the goal of environmental justice and
equality for all people in our watershed. The Haw River Assembly is a stronger
organization and our work to protect water is more successful when our organization
represents the full diversity of people living in our watershed. We believe all people
should have access to enjoyment of the natural world and a voice in decisions that may
affect their environment and/or health. This project poses serious environmental threats
to the Haw River watershed, the people who depend on it for drinking water and
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recreation, and the wildlife who rely on this habitat in an urbanizing region. Our
community should not be put at risk or taken advantage of by corporate greed for this
unnecessary fracked gas pipeline project.
The Sierra Club is a national nonprofit organization of approximately 780,000
members dedicated to exploring, enjoying, and protecting the wild places of the earth; to
practicing and promoting the responsible use of the earth’s ecosystems and resources; to
educating and enlisting humanity to protect and restore the quality of the natural and
human environment; and to using all lawful means to carry out these objectives. Sierra
Club leads the charge to move away from fossil fuels that cause climate disruption and
toward a clean energy economy.
The Virginia Chapter of the Sierra Club is over 19,000 members strong. It has
offices in Northern Virginia, Richmond, Norfolk, and Charlottesville. The North Carolina
Chapter has over 20,000 members and offices located in Raleigh and Wilmington. The
energy choices we make today will impact members for generations to come. Sierra Club
firmly believes that Virginians and North Carolinians want and deserve clean air to
breathe, safe water to drink and good local jobs. But our utilities and many of our leaders
are relying on dirty fuels that put our health at risk, destroy our land and contribute to
climate disruption. Building clean, renewable energy like wind and solar power, and
conserving energy through efficiency programs, will jump start new industries, create
jobs and help keep our families safe from harmful pollution.
The Sierra Club seeks to intervene in this proceeding because the Project impacts
our water resources, fragments our forests, threatens endangered species, disrupts cultural
attachments and communities adjacent to the corridor, impacts our historic resources,
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violates property rights, inflicts economic damage on communities and continues to block
the development of renewable energy sources.
Together, these groups represent thousands of citizens, consumers, and
landowners that would be directly affected by construction and operation of the proposed
pipeline and associated facilities. Although these groups share common goals, each group
has its own independent mission and supporter base and each group joins this motion as
individual movants, requesting independent intervenor status on behalf of their
organizations in the above-captioned proceedings.
The movant’s interests are not adequately represented by any existing party to the
proceeding and their participation would further the public interest. This motion is timely
filed in accordance with FERC’s November 19, 2018 Notice.
II.

COMMUNICATIONS AND SERVICE
All communications, pleadings, and orders with respect to this proceeding should

be sent to the following group representatives:

Benjamin A. Luckett
Senior Attorney
Appalachian Mountain Advocates
PO Box 507
Lewisburg, WV 24901
(304) 645-0125
bluckett@appalmad.org
Peter Anderson
Virginia Program Manager
Appalachian Voices
812 East High Street
Charlottesville, VA 22902
(434) 293-6373
peter@appvoices.org
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Perrin de Jong
North Carolina Staff Attorney
Center for Biological Diversity
P.O. Box 6414
Asheville, NC 28816
(828) 774-5638
perrin@biologicaldiversity.org
Anne Havemann
General Counsel
Chesapeake Climate Action Network
6930 Carroll Ave, Suite 720
Takoma Park, MD 20912
(240) 396-1984
anne@chesapeakeclimate.org
Emily Sutton
Haw Riverkeeper
Haw River Assembly
PO Box 187
Bynum, NC 27228
(919) 542-5790
emily@hawriver.org
Elizabeth F. Benson
Staff Attorney
Sierra Club
2101 Webster Street, Ste. 1300
Oakland, California 94612
(415) 977-5723
elly.benson@sierraclub.org
III.

PROTEST
Pursuant to 18 C.F.R. § 385.211, the above-listed groups file the following protest

in opposition to the issuance of a Certificate of Convenience and Necessity under Section
7 of the Natural Gas Act, 15 U.S.C. § 717f, for the Project. These groups (“ProposedIntervenors”) protest the Project because it is not needed, will have significant adverse
impacts on a wide variety of environmental resources, will disrupt the traditional
character of numerous communities and substantially lower property values in the
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vicinity of the project and the supply production areas, and will further commit the nation
to long-term dependence on climate-altering fossil fuels.
This Motion and Protest state the interests and positions of the ProposedIntervenors to the extent known at this time. Proposed-Intervenors intend to obtain and
develop additional factual evidence and arguments in this proceeding and reserve the
right to submit those materials to FERC as they are developed.
Under the Natural Gas Act, the Federal Energy Regulatory Commission
(“FERC”) must determine whether the construction of the applicant’s proposed pipeline
“is or will be required by the present or future public convenience and necessity.” 15
U.S.C. § 717f(e). If FERC cannot make that determination, then the “application shall be
denied.” Id. In 1999, FERC issued a Policy Statement setting forth the criteria that it uses
in determining whether to authorize the construction of major new pipeline facilities, i.e.,
whether a proposed pipeline is required by public convenience and necessity. 88 FERC ¶
61227.
The threshold question under the 1999 Policy Statement is “whether the project
can proceed without subsidies from . . . existing customers.” Id. at 61,746. Because the
Project is a new pipeline without existing customers, the threshold question does not
apply to the pending application at issue. Id.1
The second step of the analysis under the 1999 Policy Statement is to address
“whether the applicant has made efforts to eliminate or minimize any adverse effects the
project might have on the existing customers of the pipeline proposing the project,
existing pipelines in the market and their captive customers, or landowners and
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See also Application at 10–11.
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communities affected by the route of the new pipeline.” Id. at 61,745. Regarding the
latter group, FERC has stated that
[l]andowners whose land would be condemned for the new pipeline rightof-way, under eminent domain rights conveyed by the Commission’s
certificate, have an interest, as does the community surrounding the rightof-way. The interest of these groups is to avoid unnecessary construction,
and any adverse effects on their property associated with a permanent
right-of-way.
Id. at 61,748.
If adverse effects on those three interests remain, then FERC must balance those
adverse effects against public benefits of the proposal. Id. at 61,745. “To demonstrate that
its proposal is in the public convenience and necessity, an applicant must show public
benefits that would be achieved by the project that are proportional to the project’s
adverse impacts.” Id. at 61,748. Types of public benefits “could include meeting
unserved demand, eliminating bottlenecks, access to new supplies, lowers costs to
consumers, providing new interconnects that improve the interstate grid, providing
competitive alternatives, increasing electric reliability, or advancing clean air objectives.”
Id. “Vague assertions of public benefits will not be sufficient,” and the stated interests
must outweigh the adverse effects caused by the project for FERC to grant a Certificate.
See id. at 61,748, 61,750; see also Millennium Pipeline Co., 141 FERC ¶ 61,198, 2012
WL 60607320, at *4 (2012). “The more interests adversely affected or the more adverse
impact a project would have on a particular economic interest, the greater the showing of
public benefits from the project required to balance the adverse impact.” Id. at *5.
A crucial component of the assessment of the public benefits of the project is the
determination of whether the project is needed. FERC cannot merely rely on the amount
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of capacity under contract, but must rather look at “all relevant factors reflecting on the
need for the project.” 88 FERC ¶ 61, 744, 61,748. On its face, FERC’s 1999 Certificate
Policy Statement represented a shift in FERC’s evaluation of certificate applications
away from narrow reliance on the existence of precedent agreements towards a more
holistic analysis. Historically, FERC policy required applicants to show market support
for a project through contractual commitments for at least 25 percent of the proposed
pipeline’s capacity. Id. at ¶ 61,743. But in 1999, FERC revised its policy, acknowledging
that the percentage-of-capacity test was inadequate because, in part, “[t]he amount of
capacity under contract . . . is not a sufficient indicator by itself of the need for a project.”
Id. at ¶ 61,744. The Commission further observed that “[u]sing contracts as the primary
indicator of market support for the proposed pipeline project also raises additional
questions when the contracts are held by pipeline affiliates.” Id. In other words, concerns
that capacity contracts in and of themselves are insufficient to demonstrate need are
exacerbated when those contracts exist between affiliated entities.
The 1999 policy statement sought to remedy problems caused by FERC’s longstanding sole reliance on precedent agreements. To that end, it established a list of means
by which the Commission could assess market benefit, one of the indicators of public
benefit for a proposed project. See id. at ¶ 61,747. Those means included, but were not
limited to “precedent agreements, demand projections, potential cost savings to
consumers, or a comparison of projected demand with the amount of capacity currently
serving the market.” Id. In clarifying its policy, FERC explicitly stated that “as the
natural gas marketplace has changed, the Commission’s traditional factors for
establishing the need for a project, such as contracts and precedent agreements, may no
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longer be a sufficient indicator that a project is in the public convenience and necessity.”
Order Clarifying Statement of Policy, 90 FERC ¶ 61,128, 61,390 (Feb. 9, 2000).
FERC must make these determinations based on the record before it. This means
that, regardless of any applicable presumptions, FERC has a duty to make its own
determination. See Panhandle Producers and Royalty Owners Ass’n v. Econ. Regulatory
Admin., 822 F.2d 1105, 1110–11 (D.C. Cir. 1987). Simply put, “the agency must
examine the relevant data and articulate a satisfactory explanation for its action including
a rational connection between the facts found and the choice made.” Motor Vehicle Mfrs.
Ass’n of the U.S. v. State Farm Mut. Auto. Ins. Co., 463 U.S. 29, 43 (1983). Mountain
Valley’s application does not support the finding that the ACP is required by the public
convenience and necessity.
A. Mountain Valley Has Not Provided Sufficient Evidence of Market Demand to
Support a Finding of Public Convenience and Necessity
Industry analysts are convinced that we have a substantial surplus of pipeline
capacity with existing pipelines, projects under construction, and applications in the
regulatory queue.2 The Energy Information Administration forecasts that residential use
of natural gas will decline by 0.6% per year between now and 2040. Commercial and
industrial uses are expected to increase 0.4% and 0.6% per year, respectively. Industrial
consumption will be especially sensitive to the price of natural gas. Use of gas for
electricity generation is predicted to grow at a rate of 0.5% per year.3 Despite this small

2

See, e.g., June 30, 2017 Comments of Thomas Hadwin in FERC Docket No. CP16-10000 on behalf of Friends of the Central Shenandoah (Accession No. 20170630-5306)
(“Hadwin Comments”) at 6–8.
3

Id. at 8.
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predicted increase in demand, and corresponding production levels in the Marcellus and
Utica formation, pipeline takeaway capacity from the region is expanding rapidly:

Industry experts project that given the current drilling activity in the Appalachian Basin
the pipeline capacity in the region will be over 50 percent greater than the production
capacity, at least through 2022.4 The excess of pipeline capacity in the Appalachian Basin

Id. at 5 (citing “Drilling Activity: How Much Does the Market Need?, Matthew Hoza,
BTU Analytics, March 14, 2017); see also id. at 11 (“In the mid to long-term,
incremental outbound capacity from Pennsylvania and Ohio is expected to exceed
Marcellus production (i.e., pipeline constraints in Marcellus are a short-term
phenomenon), assuming expected pipeline expansions go in service on time.” (quoting
Quadrennial Energy Review Analysis: Department of Energy, Office of Energy Policy
and Systems Analysis. “Natural Gas Infrastructure Implications of Increased Demand
from the Electric Sector.” February 2015. Appendix B: Natural Gas)).
4
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provides ready access to markets and will equalize prices between production zones.5 A
study by Synapse Energy Economics found that “given existing pipeline capacity,
existing natural gas storage, the expected reversal of the direction of flow on the existing
Transco pipeline,6 and the expected upgrade of an existing Columbia pipeline, the supply
capacity of the Virginia-Carolinas region’s existing natural gas infrastructure is more
than sufficient to meet expected future peak demand.”7
Even if capacity needs of the Project’s lone customer, Public Service Company of
North Carolina, Inc. (“PSNC Energy”), grow along with projected population increases,
which is not a given, those needs can be met through existing contracted capacity. As the
North Carolina Department of Environmental Quality explained
The region is projected to experience population growth, in an amount that
equates to roughly an 11 % increase in design-day requirements between 2018
and 2023. As shown in Table 1 below, the addition of the throughput delivered by
the Southgate Project would increase the contracted capacity volume by 100%,
which would far exceed the historical deliveries and the growth projected in the
service population.8

5

Id. at 6–7

6

Since the release of that study, FERC approved the Transco reversal as part of the
Atlantic Sunrise Project, Docket No. CP15-138.
7

Synapse Energy Economics, Inc., Are the Atlantic Coast Pipeline and the Mountain
Valley Pipeline Necessary? An examination of the need for additional pipeline capacity
into Virginia and Carolinas, 1-1 (2016) (hereinafter, “Synapse Study”), attached as
Exhibit A. That study was prepared prior to the approval of the Atlantic Coast and
Mountain Valley pipelines, which FERC approved in October 2017 in FERC Dockets
No. CP15-554 and CP16-10, respectively.
8

North Carolina DEQ, November 5, 2018 Comment Regarding Demonstrated Need and
the Public Interest of the Mountain Valley Pipeline- Southgate Extension Project, FERC
Docket No. PF18-4-000 (Accession No. 20181106-5000).
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Mountain Valley has thus not demonstrated that its proposed project is required by the
public convenience and necessity.
B. Mountain Valley’s Affiliate Relationship with PSNC Undermines the
Precedent Agreement’ Ability to Demonstrate Market Demand
Mountain Valley’s lone precedent agreement, which it claims supports a finding a
public convenience and necessity, is with PSNC for 300,000 dth/day, or 80 percent of the
Project’s design capacity. After entering the precedent agreement, PSNC purchased a 30
percent ownership interest in the Project. More and more, experts, including former
Commission Chair Norman Bay, agree that pipeline developers use precedent agreements
between the developer and an affiliated regulated utility with captive ratepayers—like the
contracts described above—to justify building pipeline infrastructure in the absence of
actual market demand.9. When the Commission accepts precedent agreements between
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See J.F. Wilson, Evaluating Market Need for the Atlantic Coast Pipeline 6-12 (2017),
attached as Exhibit B.; Separate Statement of Commissioner Bay, FERC Docket No.
CP15-115 3 (Feb. 3, 2017); S. Isser, Natural Gas Pipeline Certification and Ratemaking
24 (2016), attached as Exhibit C.; Hearing to Examine Oil and Gas Pipeline
Infrastructure and the Economic, Safety, Environmental, Permitting, Construction, and
Maintenance Considerations Associated with that Infrastructure: Hearing Before the S.
Comm. on Energy & Nat. Res., 114th Cong. (June 14, 2016) (statement of N. Jonathan
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affiliated companies, one of which, the shipper, is a regulated utility, for a project of this
scale, it allows the shipper utility to “impose long-term financial obligations on captive
ratepayers.”10 Utility ratepayers bear the risk of the project while the project’s financial
rewards accrue to the shareholders of the utility’s parent company. Or, to put it another
way, the captive utility ratepayers subsidize the new pipeline construction to the benefit of
the parent company’s shareholders. This structure, which shifts the risk from the
shareholders to the ratepayers, subverts the “price signals sent by a rational market” 11 and
allows companies to pursue unneeded projects “at the expense of alternative transport
options.”12 Given the manner in which this relationship skews normal market incentives,
FERC must look beyond the affiliate precedent agreement to determine if the project is
truly required by the public convenience and necessity.
IV. CONCLUSION
For the reasons stated above, the above listed groups respectfully request that they
be permitted to intervene as parties in this proceeding and request that FERC set the
Southgate Project application for a full evidentiary hearing to resolve contested issues of
fact regarding the need for the Project and balance of public benefits and adverse impacts
of the Project. Proposed-Intervenors believe that an evidentiary hearing will show that
Mountain Valley cannot demonstrate the need for the Project. Even if FERC finds that
the Project is needed, Proposed-Intervenors believe that a hearing will demonstrate that

Peress, Envt’l Def. Fund at 5) [hereinafter Testimony of N. Jonathan Peress], included as
attached as Exhibit D.; C. Kunkel & T. Sanzillo, Inst. for Energy Econ. & Fin. Analysis,
Risks Associated with Natural Gas Pipeline Expansion in Appalachia 5-6 (2016),
included as attached as Exhibit E.
10
Testimony of N. Jonathan Peress at 5.
11
Id.
12
Isser at 24.
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the adverse effects of the Project substantially outweigh the public benefits of the
proposal and the project is thus not in the public convenience and necessity.
Respectfully submitted on behalf of all parties in this intervention and protest,
Sincerely,

Benjamin A. Luckett
Appalachian Mountain Advocates
PO Box 507
Lewisburg, WV 24901
(304) 645-0125
bluckett@appalmad.org
On behalf of Appalachian Voices, Center for Biological Diversity, Chesapeake Climate
Action Network, Haw River Assembly, and the Sierra Club
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CERTIFICATE OF SERVICE
I hereby certify that I have on December 10, 2018, caused the foregoing
document to be served upon each person designated on the official service list
compiled by the Secretary in this proceeding.

Sincerely,

Benjamin A. Luckett
Appalachian Mountain Advocates
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EXECUTIVE SUMMARY
The Southern Environmental Law Center and Appalachian Mountain Advocates retained Synapse Energy
Economics, Inc. (Synapse) to determine whether proposed new interstate pipelines that would deliver
natural gas from West Virginia to Virginia and the Carolinas are necessary to maintain adequate gas
supply to the region. Two new interstate pipelines have been proposed to transport natural gas from
the Marcellus Shale into Virginia and the Carolinas:
1) Atlantic Coast Pipeline (proposed by Dominion Pipeline, Duke Energy, Piedmont Natural
Gas, and AGL Resources); and
2) Mountain Valley Pipeline (proposed by EQT Midstream Partners, NextEra US Gas Assets,
WGL Midstream, and Vega Midstream MVP).
In their proposals, the developers of these projects assert that subscription rates for pipeline capacity
demonstrate the need for additional natural gas in the target region, but they fail to compare the
region’s existing natural gas supply capacity to its expected future peak demand for natural gas. We
undertake that comparison in this report. In the analysis presented here Synapse finds that, in fact,
given existing pipeline capacity, existing natural gas storage, the expected reversal of the direction of
flow on the existing Transco pipeline, and the expected upgrade of an existing Columbia pipeline, the
supply capacity of the Virginia‐Carolinas region’s existing natural gas infrastructure is more than
sufficient to meet expected future peak demand. This result raises significant questions about the need
for additional investment in new interstate natural gas pipelines in the region and, more generally, the
utility of pipeline subscription rates as justification for these projects.

Future demand for natural gas
Synapse developed low and high scenarios of future natural gas use for the study region, defined as
Virginia, North Carolina, and South Carolina, to identify the expected range of likely demand for natural
gas. Both low and high scenarios comply with the U.S. Environmental Protection Agency’s limits for
carbon dioxide emissions under the Clean Air Act. These limits consist of two separate regulations under
Section 111(b) (Carbon Pollution Standards), which establishes federal standards for new, modified, and
reconstructed power plants, and Section 111(d) (Clean Power Plan), which establishes state‐based
standards for existing power plants. While the demand for energy services is the same in each scenario,
the low gas use scenario assumes greater energy efficiency savings and a more rapid build out of
renewable generating facilities while the high gas use scenario assumes a greater number of retirements
of coal‐fired generating units and the use of new and existing natural gas‐fired generators to meet
emission goals.
In the high gas use scenario, renewable capacity and savings from energy efficiency in each state are
determined by individual Renewable Portfolio Standards and Energy Efficiency Resource Standards.
North Carolina is the only state in our study region with a Renewable Portfolio Standard, so its
renewable capacity increases to meet its targets. Otherwise, renewable capacity and energy efficiency
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savings remain relatively constant in the high gas use scenario throughout the study period. Natural gas
is used to meet Clean Power Plan targets, thus representing the outer bound of likely future natural gas
demand. For both scenarios, Synapse estimated the highest combined electric and non‐electric natural
gas demand in any hour of the year in order to compare this “peak hour” value to the region’s
anticipated supply capacity of natural gas. If the region’s natural gas infrastructure can supply sufficient
gas during the peak hour of greatest demand, then there should be no obstacle to supplying gas during
the rest of the year. Figure ES‐1 shows the peak demand for natural gas in each year during the study
period for the low gas use and high gas use scenarios.
Figure ES‐1. Peak demand for natural gas in the low gas use and high gas use scenarios
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Future natural gas supply capacity
In Virginia and the Carolinas, peak demand for natural gas is satisfied by the combination of several
different types of supply capacity, notably:


Existing pipelines: The existing pipelines belonging to Transco, Cove Point, Columbia
Gas Transmission, Dominion Transmission, Southern Natural Gas, South Carolina PL
Corporation, East Tennessee Natural Gas, Nora Transmission, and Bluefield Gas have the
capacity to supply just over 300 MMcf per hour into the study region.



Reported natural gas storage: Storage is an essential part of every natural gas supply
system and plays a critical role in meeting peak demand. Reported liquefied natural gas
(LNG) and underground natural gas storage in the region has the capacity to supply 71
MMcf per hour. Not all owners of natural gas infrastructure are required to report
storage capacity, so the region’s maximum or actual natural gas storage is not known.
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The “reported” storage value used in this analysis is, therefore, a conservative
assumption and, indeed, is lower than the minimum amount of regional storage that
existed in 2015 (that is, the difference between pipeline capacity and peak hour
demand).


Expected reversals and upgrades of existing pipelines: The reversal of the Transco
Mainline pipeline as part of the Atlantic Sunrise project has been proposed before the
Federal Energy Regulatory Commission (FERC) and is expected to add the capacity to
supply 254 MMcf per hour to the study region in 2017 (changing the export of 127
MMcf to an import of 127 MMcf, for a net change of 254 MMcf). The WB Xpress
project, an upgrade to an existing pipeline proposed by Columbia Gas, would add an
additional 73 MMcf per hour to the region beginning in 2018.

Result: Natural gas supply capacity exceeds peak demand
Figure ES‐2 compares maximum expected natural gas demand (peak‐hour demand in our high gas
scenario) in years 2015 through 2030 to anticipated natural gas supply capacity on existing and
upgraded infrastructure, including existing pipelines, reported storage, the 2017 reversal of the Transco
Mainline pipeline, and the 2018 WB Xpress project. (Note that reported supply capacity is lower than
actual peak hour demand in 2015 and 2016: In all likelihood, the gap in capacity to serve actual peak was
supplied by natural gas storage facilities that are not reported in publicly available data sources.)
Figure ES‐2. Maximum peak hour natural gas demand compared to anticipated natural gas supply on existing
and upgraded infrastructure
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For Virginia and the Carolinas, the anticipated natural gas supply capacity on existing and upgraded
infrastructure is sufficient to meet maximum natural gas demand from 2017 through 2030: Additional
interstate natural gas pipelines, like the Atlantic Coast and Mountain Valley projects, are not needed to
keep the lights on, homes and businesses heated, and existing and new industrial facilities in production.
This assessment of sufficient supply capacity includes only reported storage capacity, ignoring the
existence of additional unreported storage capacity demonstrated by recent years’ peak hour demand.

Assessing the need for pipeline investment
Interstate transmission pipeline infrastructure serving Virginia and the Carolinas is part of an
interconnected system that includes pipeline and storage capacity both inside and outside of the region.
Considering each new pipeline proposal as an isolated project ignores important alternatives that would
increase regional natural gas supply capacity and avoid the adverse impacts on communities or the
environment that can result from new construction. Alternatives to new pipeline construction include:


Projects that reverse the flow of the Transco pipeline will lead to a significant increase in
natural gas capacity in the Virginia and Carolinas region, and make new interstate
transmission infrastructure (e.g., the proposed Atlantic Coast Pipeline and the Mountain
Valley Pipeline) unnecessary to serve the market in Virginia and the Carolinas. Reversal
of the Transco pipeline is one component of the proposed Atlantic Sunrise project.



Investment in additional storage facilities may be a more cost‐effective solution to
boosting natural gas supply capacity in those few hours of the year where concerns exist
regarding supply constraints.



New or accelerated measures for gas energy efficiency, electricity energy efficiency,
demand response (programs that pay large electric consumers to shift demand off of
peak hours), and investment in renewable generating resources are critical tools to
lower both annual and peak demand for natural gas.

To safeguard public interests, a determination of need for new pipeline infrastructure requires a
detailed, integrated analysis of natural gas supply capacity and demand for the region as a whole.
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1.

INTRODUCTION

Two new interstate pipelines have been proposed to transport natural gas from West Virginia into
Virginia and the Carolinas: 1) Atlantic Coast Pipeline (proposed by Dominion Pipeline, Duke Energy,
Piedmont Natural Gas, and AGL Resources); and 2) Mountain Valley Pipeline (proposed by EQT
Midstream Partners, NextEra US Gas Assets, WGL Midstream, and Vega Midstream MVP).1 The
developers of both projects assert that these pipelines are necessary to meet regional energy demand
now and in the future.
Interstate transmission pipeline infrastructure serving Virginia and the Carolinas is part of an
interconnected system that includes natural gas pipeline and storage capacity both inside and outside of
the region. For a pipeline developer to establish that a new interstate pipeline is necessary, it would
need to demonstrate that existing natural gas capacity in Virginia and the Carolinas region is not
sufficient to provide enough gas to meet the demand over the course of a year or—more importantly—
in the peak winter hour. For such a demonstration to be defensible, it would be necessary to base
estimates of future capacity and demand of natural gas on detailed modeling of both the non‐electric
and electric sectors. If there were evidence of a capacity shortage in the model, it would likely present
itself through higher natural gas prices and resulting higher electricity prices and/or through modeled
results showing curtailment of natural gas‐fired generators.
The developers of the Atlantic Coast and Mountain Valley proposal development projects assert that
these pipelines are necessary to meet regional energy demand. Synapse conducted an independent
examination of the validity of these statements by analyzing public documents relating to the proposed
and existing natural gas infrastructure, and performing a modeling analysis of projected natural gas
demand. We conducted our analysis in four steps:


Estimation of winter peak non‐electric demand in our study region



Development of two scenarios of demand for natural gas in the electric sector and low,
reference, and high sensitivity assumptions regarding the price of natural gas



Assessment of future natural gas supply in our study region



Analysis of balance between natural gas capacity and demand during the winter peak
hour

Section 2 of this report provides an overview of the ways in which pipeline developers have assessed the
need for their projects in the filings submitted to the Federal Energy Regulatory Commission. It then
describes our own estimates of future peak demand for natural gas.

1

Note that a third pipeline, the Appalachian Connector Pipeline, has also been proposed by the Williams Company but the
necessary application and supporting materials have not yet been filed with the Federal Energy Regulatory Commission.
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Section 3 describes existing natural gas capacity infrastructure and anticipated future supply.
Section 4 compares existing and projected natural gas supply with natural gas demand during the winter
peak for each modeled year.
Finally, three appendices present detailed modeling assumptions and results:


Appendix A presents the methodology used to estimate non‐electric demand.



Appendix B presents the methodology used to estimate demand from the electric
sector.



Appendix C presents the methodology used to develop the estimates of winter peak
natural gas use in the ReEDS model.

2.

FUTURE DEMAND FOR NATURAL GAS

A determination of need for incremental pipeline capacity in the Virginia‐Carolinas region requires a
projection of future demand for natural gas from non‐electric (residential, commercial, and industrial)
and electric end uses. Residential and commercial use of natural gas is primarily for space and water
heating and thus peaks annually in the winter when temperatures are lower. Industrial use often stays
consistent from month to month. Regional use of natural gas for electric generation has historically been
summer peaking; however, a slight decline in summer gas use in the past year, combined with an
increase in winter gas demand, has resulted in similar gas consumption levels in the electric sector for
both summer and winter peaks. As a result, when we combine the non‐electric and electric uses for
natural gas, we find that the “ultimate system peak,” or hour of maximum natural gas demand, occurs in
the winter. In order to ensure adequate supply to consumers, local distribution companies must be able
to procure enough natural gas to reliably meet this ultimate system peak.
In their filings with the Federal Energy Regulatory Commission (FERC), pipeline developers must
demonstrate that a market need exists for each of the proposed new pipelines, which should include
detailed forecasts of expected end‐use demand in the region. However, as described below, the
developers’ assessments of need rely primarily on Energy Information Administration (EIA), the
statistical and analytical agency within the United States Department of Energy, projections of growth in
natural gas used for electric generation.

2.1.

Pipeline Developer Assessment of Need

The developers of the new natural gas pipelines proposed to run through Virginia and the Carolinas
assert that their projects are necessary to meet future energy needs. Under Section 7(c) of the Natural
Gas Act of 1938, FERC has jurisdiction over pipeline infrastructure and is authorized to issue certificates
of “public convenience and necessity” for “the construction or extension of any facilities...for the
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transportation in interstate commerce of natural gas.” FERC’s decision to grant or deny a pipeline
certificate is based upon a determination of whether the pipeline project would be in the public interest.
The agency accounts for several factors, including a project’s potential impact on pipeline competition,
the possibility of overbuilding, subsidization by existing customers, potential environmental impacts,
avoidance of the unnecessary use of eminent domain, and other considerations. This determination
relies heavily on a demonstrated market need for the proposed new pipeline. FERC requires
assessments of the need for new natural gas supply in the study region. Those assessments, which
reside in the Resource Report 1 documents filed by the developers, are summarized below.

Atlantic Coast Pipeline
The developers of the Atlantic Coast Pipeline attribute the need for the pipeline largely to their
expectation of growth in future electric demand from natural gas generation. The developers cite data
from EIA and the U.S. Census Bureau, stating that natural gas demand for all uses in Virginia and North
Carolina has grown by 37 and 50 percent, respectively, between 2008 and 2012.2 The pipeline’s
developers claim that “demand for natural gas in Virginia and North Carolina is expected to increase in
coming decades due to a combination of population growth and displacement of coal‐fired electric
power generation.”3 They use the U.S. Census Bureau prediction that between 2000 and 2030, Virginia’s
population will grow by 2.7 million residents and North Carolina’s by 4.2 million residents.4 They also
state that coal plant retirements and low natural gas prices will cause natural gas to surpass coal as the
most common fuel for electric power generation in the region by 2035.5
The Atlantic Coast Pipeline developers commissioned a study from ICF International showing a scenario
in which between 2019 and 2038 approximately 9,900 megawatts (MW) of coal and nuclear generating
capacity in Virginia and North Carolina will retire, while the region builds 20,200 MW of new natural gas
capacity. As a result, ICF predicts that demand for natural gas for electric power generation in the two
states will “grow 6.3 percent annually between 2014 and 2035, increasing from 1 Bcf/d (billion cubic
feet per day) to 3.7 Bcf/d.”6
In April 2014, Duke Energy and Piedmont issued a request for proposals in North Carolina for
incremental pipeline transportation service, citing their “existing and future natural gas generation
requirements, core load growth, and system reliability and diversity goals.”7 Virginia Power Services
Energy Corp, Inc. issued a similar request to serve Virginia. These companies contracted for

2

3
4
5
6
7

Natural Resource Group. 2015. Draft Resource Report 1: General Project Description. Prepared for Atlantic Coast Pipeline, LLC
Docket No. PF15‐6‐000 and Dominion Transmission, Inc. Docket No PF15‐5‐000. Available online at:
https://www.dom.com/library/domcom/pdfs/gas‐transmission/atlantic‐coast‐pipeline/acp‐shp‐rr1‐1.pdf.
Ibid.
Ibid.
Ibid.
Ibid, page 1‐5.
Ibid, page 1‐5.
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transportation service on the Atlantic Coast Pipeline, along with other companies in the region.
According to the pipeline’s developers, “over 90 percent of the new pipeline system’s capacity has been
contracted for in binding precedent agreements with major utilities and local distribution
companies…(and) (t)he ACP [Atlantic Coast Pipeline] is not designed to export natural gas overseas; this
is not a component of the purpose and need of the ACP.”8

Mountain Valley Pipeline
The assessment of need from the developers of the Mountain Valley Pipeline has fewer details, though
they also base their needs assessment on their expectation of growth in electric power generation from
natural gas. Developers state that the EIA predicts total U.S. natural gas consumption will increase from
25.6 trillion cubic feet in 2012 to 31.6 trillion cubic feet in 2040, with much of this increase in demand
coming from the electric sector.9 Developers also state that “the increased demand for natural gas is
expected to be especially high in the southeastern United States, as coal‐fired generation plants convert
to or are replaced by natural gas fired generation plants. The infrastructure design of the Project is
expected to benefit these regions by connecting the production supply to the market demand.”10 Finally,
according to the developers, “MVP [Mountain Valley Pipeline] may also support additional uses of
natural gas in south central West Virginia and southwest Virginia by providing an open access pipeline
that can facilitate interconnects and subsequent economic development associated with having access
to affordable gas supplies, as these areas currently have limited interstate pipeline capacity.”11The
Mountain Valley Pipeline reports that it has secured 20‐year commitments for firm transportation
capacity for its full capacity, though the amount of gas that will be contracted for has not been reported
at this time.12

Summary
The assessment of need from the developers of these proposed pipelines rely entirely on the
expectation that there will be significant growth in regional natural gas use for electric power generation
over the next 20 years. Developers expect that the Atlantic Coast Pipeline and Mountain Valley Pipeline
will primarily (1) serve new natural gas‐fired electric generating units constructed to replace retiring coal
units or (2) meet growing electric demand in Virginia and North Carolina. Both pipeline developers rely
on projections of electric demand and infrastructure additions from the EIA; however, the EIA has

8
9

Ibid, page 1‐7.
Mountain Valley Pipeline Project. 2015. Resource Report 1 – General Project Description. Prepared for Docket No. PF‐15‐3.
Available online at: http://www.mountainvalleypipeline.info/current‐news.

10
11

Ibid.
Ibid.

12

Business Wire. 2016. Mountain Valley Pipeline Secures New Shipper Commitment with Con Edison. Available online at:
http://www.businesswire.com/news/home/20160122005701/en/Mountain‐Valley‐Pipeline‐Secures‐Shipper‐Commitment‐Con
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revised its forecasts of electricity consumption steadily downward over the last 15 years, as shown in
Figure 1.
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Figure 1. Historic EIA forecasts of electricity consumption, as published in the Annual Energy Outlook (AEO)

AEO 2015

Pipeline developers also rely on subscription rates as a demonstration of need for new pipeline capacity.
However, many of the customers that have contracted for capacity on these proposed pipelines are
affiliates or subsidiaries of the pipeline owners, and are regulated utilities that pass pipeline costs to
consumers through rates.
Of the two proposed pipeline developers that have filed an assessment of need, only the Atlantic Coast
Pipeline developer did a modeling study to quantify the projected increase in natural gas demand.
Neither developer assessed current and projected pipeline and storage capacity in the region to
determine whether it is adequate to meet a projected increase in natural gas demand.

Pipeline Economics
Insufficient capacity to meet expected future natural gas demand is not the only reason that may
explain proposals to develop new natural gas pipelines. Reasons for private investors to advance
proposals for new natural gas supply infrastructure also include:


A secure return on investment: Guaranteed—or otherwise very secure—avenues for
returns on investments in natural gas pipelines are possible if utilities receive legislative,
utility commission, or FERC approval to recover pipeline expenditures from gas or
electric customers. These returns are, at time, higher than those for other investment
opportunities.
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Market benefits from lower or higher natural gas prices: Large corporations with
diverse holdings may take actions that depress or inflate the price of natural gas. These
actions may have complex benefits in other related markets such as providing a stimulus
for additional fuel switching to natural gas.



Commitment to the future of natural gas: For corporations with both deep and wide‐
spread investments in the future of natural gas, actions to further entrench public
energy infrastructure in this fuel may have long‐run benefits unrelated to meeting
current or near‐future demand.



Interplay between market competitors: Companies that have the development of
natural gas pipelines as a core business area may propose pipelines early—before their
competitors—as part of a long‐run strategy to protect their market share.



Overseas exports: The expected rapid expansion of U.S. exports of liquefied natural gas
(LNG) over the next five to ten years will require sufficient infrastructure to deliver
natural gas to existing and proposed LNG terminals. Pipeline developers that are
confident that demand for U.S. LNG exports is on the rise have an additional motivation
to expand their ownership interests in natural gas supply infrastructure.

2.2.

Estimates of Peak Demand for Natural Gas

Synapse projected peak demand for natural gas in Virginia and the Carolinas from 2015 to 2030. This
projection had two components: non‐electric natural gas demand and demand for natural gas from the
electric sector. Forecasts of non‐electric demand for natural gas reflect demand projections from natural
gas suppliers in the Virginia‐Carolinas region under a single scenario, commonly referred to as the
“design‐day” forecast. However, demand for natural gas from the electric sector is highly dependent
upon the compliance pathway that each state decides to pursue to meet its individual reduction targets
for emissions of carbon dioxide (CO2) as established under the Clean Air Act’s regulation of new and
existing power plants.
We estimated peak natural gas demand under two scenarios: (1) a low gas use scenario that assumes
compliance with the Clean Air Act through greater energy efficiency savings and a more rapid build out
of renewable generating facilities; and (2) a high gas use scenario that assumes increased use of natural
gas for electric power generation (thus representing the maximum expected gas use in the region). As
described in more detail in Appendix A, we relied primarily on filings from natural gas distribution
companies with the public utility commissions in their respective states as the basis for our forecast of
non‐electric natural gas use. For the electric sector, we used the National Renewable Laboratory’s
Regional Energy Deployment System (ReEDS model) to simulate electric system dispatch in the Eastern
Interconnection and provide the forecasted volume of peak natural gas use under our high gas use and
low gas use scenarios.
We then combined the forecast of peak non‐electric demand with the forecasts of electric sector natural
gas demand under both the high gas use and low gas use scenarios, as shown in Figure 2.
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Figure 2. Combined peak demand for natural gas (non‐electric and electric) in the low gas use and high gas use
scenarios
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As shown in Figure 2, total demand for natural gas is higher in the high gas use scenario when
companies rely on gas‐fired generators to meet Clean Air Act goals. Demand in the peak hour reaches
597 MMcf in 2030 in this scenario, which reflects the maximum possible gas use in the region during the
study period, compared to a peak‐hour demand of 515 MMcf in the scenario that relies upon increased
additions of renewable energy and energy efficiency in order to meet emissions reduction targets for
CO2.

3.

ANTICIPATED NATURAL GAS SUPPLY ON EXISTING AND
UPGRADED INFRASTRUCTURE

A determination of need for additional incremental pipeline capacity in the Virginia‐Carolinas region also
requires an inventory of existing natural gas infrastructure and planned upgrades and modifications to
that infrastructure and an assessment of whether or not that supply flow is adequate to meet projected
demand. The forms of natural gas capacity infrastructure considered in this analysis include existing
pipeline capacity, existing storage, and future reversals and expansions of existing pipelines that would
bring additional natural gas into the Virginia‐Carolinas region. Inter‐ and intrastate natural gas pipelines
transport gas from producing areas to both local distribution companies and directly to large consumers
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like electric power plants. These natural gas supplies typically help regions meet baseload (that is,
average or everyday) natural gas demand, while storage resources contribute to meeting peak demand.
Natural gas can be stored underground in aquifers, salt caverns, and depleted oil and gas fields, as well
as aboveground in tanks that allow storage in liquid form.
Figure 3 gives an example graphical representation of the relationship between natural gas demand and
natural gas supply infrastructure. The graph shows the forecasted winter demand for natural gas in 2015
and the supply available in the region from Piedmont Natural Gas, a distributor of natural gas in North
and South Carolina, to meet that demand. The black line represents natural gas demand, and the
colored rectangles represent the various types of capacity infrastructure used to meet demand on a
given day. The graph shows pipeline capacity at the bottom of the stack, with the Transco, Columbia,
Sunbelt, and East Tennessee pipelines providing natural gas in each of the 151 days shown on the graph.
Base storage capacity is shown in the middle of the graph, and is represented by the Hardy storage
facility as well as the storage services available on the Dominion, Columbia and Transco systems. Finally,
the top tier of the graph shows available LNG storage, which is used to meet demand on a small number
of peak winter days, and includes the Pine Needle, PNG LNG, and Transco LNG facilities. Note that in
2015 the Piedmont Natural Gas territory—as is common throughout the Virginia‐Carolinas region—
requires natural gas storage facilities in order to adequately supply natural gas on approximately 50
percent of winter days.
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Figure 3. Piedmont Natural Gas 2015 design winter supply and demand – total Carolinas

Source: Piedmont Natural Gas. Testimony and Exhibits of Michelle R. Mendoza before the Public Service Commission of South
Carolina. Docket No. 2015‐4‐G. June 3, 2015.

Synapse reviewed available information on existing pipelines in Virginia and the Carolinas in order to
determine the capacity of the region’s current natural gas infrastructure. Existing natural gas capacity
comprises:


existing pipeline capacity in the three‐state region of Virginia, North Carolina, and South
Carolina; and



existing storage capacity within the region.

The following sections describe the region’s existing and projected natural gas infrastructure in more
detail.

3.1.

Existing Pipelines

To estimate existing capacity in this analysis, we considered “historical in‐flow,” which limits the capacity
to the pipeline inflow that existed in 2014, less any contracts out of the region. It is important to note
that not all natural gas that originates in or passes through the region is meant for local use. We exclude
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gas under contract for capacity outside of the region from our estimation of the volume of gas available
to contribute to in‐region capacity. Figure 4 shows the existing pipelines currently in place in the region,
along with a table detailing the current in‐flow and out‐flow capacity of these pipelines according to EIA
data from 2014.
Figure 4. Currently existing natural gas supply capacity into and out of the Virginia‐Carolinas three‐state region

Source: Synapse analysis based on data from EIA. U.S. state‐to‐state capacity. December 2014. Available at:
http://www.eia.gov/naturalgas/pipelines/EIA‐StatetoStateCapacity.xls.
Note: Locations of pipelines are approximate and are not meant to portray the exact pipeline locations.

Note that the Williams Company placed the Transco Virginia Southside Expansion project into service in
September 2015.13 The 2014 EIA data shown in Figure 4 does not include that project, and Synapse
added it to our estimate of the existing total pipeline capacity.
Figure 4 above shows the net capacity from existing pipelines in MMcf per day. In order to calculate the
capacity from existing pipelines in the peak hour, we employ the industry standard assumption that 5.6

13

Williams Company. 2015. “Williams’ Transco Completes Virginia Southside Expansion.” September 1. Available online at:
http://investor.williams.com/press‐release/williams/williams‐transco‐completes‐virginia‐southside‐expansion
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percent of daily gas demand occurs in the peak hour.14 Estimated natural gas capacity available from
existing pipelines during the peak hour is approximately 309 MMcf for the duration of the analysis
period.

3.2.

Natural Gas Storage

While natural gas pipeline capacity is used to meet baseload (average day‐to‐day) demand for natural
gas, gas storage facilities play an essential role in meeting peak demand. As a standard, continual
practice, natural gas is injected into these storage facilities during periods of low gas demand and
withdrawn during peak periods. Peak send‐out capacity in the Virginia‐Carolinas region must provide
sufficient volumes of natural gas to meet demand on even the coldest winter day. To do so requires a
combination of pipeline and storage capacity resources.
Natural gas can be stored in several ways:


Underground reservoirs are the primary form of natural gas storage, and consist of
depleted oil and gas reservoirs, aquifers, and salt caverns. Suppliers can draw from
these underground facilities to meet base demand or demand during peak periods.



Aboveground facilities, such as LNG storage tanks, serve primarily during periods of
peak demand and offer several advantages over underground facilities. LNG storage
occupies less space than underground facilities, as they store natural gas in liquid form.
For this reason, they tend to be in closer proximity to end‐use markets and can often
provide higher levels of deliverability on short notice.



“Line packing,” in which natural gas is stored temporarily in existing pipelines by
packing additional gas volumes into pipelines, provides additional natural gas during
peak demand periods.

Owners and operators of natural gas storage facilities tend to be: 1) interstate and intrastate pipeline
companies, which use storage to meet the demand of end‐use customers; 2) local gas distribution
companies, which use gas from storage to serve customers directly; and 3) independent storage service
providers. Government authorities do not require all owners and operators of natural gas infrastructure
to report their storage capacity, so we do not know the region’s maximum or actual natural gas storage.
We collected the Pipeline and Hazardous Materials Safety Administration’s partial data on LNG facilities
in the Virginia‐Carolinas region, as well as EIA’s data on the region’s underground storage facilities.
Together, these values make up the “reported” storage value used in this analysis. The hourly capacity
contribution of reported storage is estimated to be 71 MMcf per hour and is shown in Table 1, below.

14

Levitan & Associates, Inc. 2015. Gas‐Electric System Interface Study Target 2 Report: Evaluate the Capability of the Natural
Gas Systems to Satisfy the Needs of the Electric Systems. Prepared for the Eastern Interconnection Planning Collaborative.
p.82. Available online at:
http://nebula.wsimg.com/c1a27fe57283e35da35df90f71a63f7a?AccessKeyId=E28DFA42F06A3AC21303&disposition=0&allo
worigin=1
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Table 1. Storage capacity of LNG and underground facilities with deliverability to the Virginia‐Carolinas region
Company Name

Facility Type

Facility Name

Columbia Gas of Virginia Inc

LNG

Lynchburg LNG

Columbia Gas Transmission, LLC

LNG

Greenville Utilities Commission

LNG

Piedmont Natural Gas Co Inc
Piedmont Natural Gas Co Inc

State

Total Daily Capacity
(MMcf)

Hourly capacity
(MMcf)

VA

6

0.3

Chesapeake LNG

VA

120

5.0

LNG Plant

NC

24

1.0

LNG

Bentonville LNG

NC

180

7.5

LNG

Huntersville LNG

NC

200

8.3

Public Service Co of North Carolina

LNG

PSNC Energy LNG

NC

110

4.6

Roanoke Gas Co

LNG

LNG Facility

VA

30

1.3

South Carolina Electric & Gas Co

LNG

Salley LNG

SC

90

3.8

South Carolina Electric & Gas Co

LNG

Bushy Park LNG

SC

60

2.5

Pine Needle Operating Company, LLC

LNG

Pine Needle LNG

NC

400

16.7

Columbia Gas/Piedmont Natural Gas

Underground

Hardy

WV

170.9

7.1

Spectra Energy

Underground

Early Grove

VA

20

0.8

Spectra Energy

Underground

Saltville

VA

300

12.5

1,710.9

71.3

Total

Sources: (a) Pipeline and Hazardous Materials Safety Administration. Distribution, Transmission & Gathering, LNG, and Liquid Annual
Data. Liquefied Natural Gas (LNG) Annual Data – 2010 to present. Available at http://phmsa.dot.gov/pipeline/library/datastats/distribution-transmission-and-gathering-lng-and-liquid-annual-data; (b) US EIA. Natural Gas Annual Respondent Query System (EIA191 Data through 2015). Available at http://www.eia.gov/cfapps/ngqs/ngqs.cfm?f_report=RP7

The estimate of 71 MMcf per hour from storage is a conservative assumption. The Hardy storage facility
in West Virginia is included in this estimate because publicly available documentation demonstrates that
distribution companies in the Virginia‐Carolinas region contract for storage with this facility. In addition,
EIA data show the existence of an additional 149 MMcf/hour of active natural gas storage in West
Virginia that we did not include in our estimate due to lack of evidence that this storage was
contractually available to local distributors in our study area.

3.3.

Planned Reversals and Expansions of Existing Pipelines

The major interstate pipelines continue to announce new expansion projects aimed at delivering gas
from the Marcellus area to reach anticipated markets. Of the many proposals submitted to FERC that
would affect markets across the United States, several propose large‐scale expansion projects intended
to deliver natural gas to the Virginia‐Carolinas region.
The largest of these is Transco’s Atlantic Sunrise project, which would reverse the flow of the Transco
pipeline and allow the company to provide 1,675 MMcf per day of incremental firm transportation
capacity for natural gas from northern Pennsylvania through our study region, terminating in Alabama.
The expected in‐service date for the project is July 1, 2017.15 Transco in‐flows and out‐flows were

15

Transcontinental Gas Pipe Line Company, LLC. 2015. Resource Report No. 1: General Project Description. Prepared for Atlantic
Sunrise Project Docket No. CP15‐138. Available online at:
http://elibrary.ferc.gov/idmws/file_list.asp?accession_num=20150331‐5153
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included in our calculations of existing pipeline capacity. We assume that with the reversal of the
Transco pipeline, the out‐flows would be eliminated, and there would be a corresponding increase of in‐
flows, resulting in a net gain of 254 MMcf per hour of peak capacity from the Atlantic Sunrise project.
NiSource’s Columbia Gas Transmission Company (TCO) has announced a number of new pipeline
expansion projects including its WB Xpress project, designed to send additional shale gas supplies (about
1.3 Bcf per day) east from the Marcellus to West Virginia, Virginia, and the Cove Point LNG facility in
Maryland. The WB XPress project would replace about 26 miles of existing TCO pipeline with a new line
of the same diameter. Increased flows would result from the use of higher pressures that the new line
would carry. The project, which the company anticipates being in‐service in 2018, would add
approximately 73 MMcf per hour of peak capacity.

4.

NATURAL GAS SUPPLY EXCEEDS DEMAND

Figure 5 compares our modeled maximum expected natural gas demand (peak‐hour demand in our
scenario of high gas use) in years 2015 through 2030 to future natural gas infrastructure, including
existing pipeline capacity, reported storage, the expected 2017 reversal of the Transco Mainline
pipeline, and the expected 2018 WB Xpress project. (Note that reported capacity is lower than actual
peak hour demand in 2015 and 2016. In all likelihood, the gap in capacity to serve actual peak was
supplied by natural gas storage facilities that are not reported in publicly available data sources and/or
by some portion of the 149 MMcf/hour of active storage located in West Virginia.)
The region’s anticipated natural gas supply on existing and upgraded infrastructure is sufficient to meet
maximum natural gas demand from 2017 through 2030. Additional interstate natural gas pipelines, like
the Atlantic Coast Pipeline and the Mountain Valley Pipeline, are not needed to keep the lights on,
homes and businesses heated, and industrial facilities in production. This assessment of sufficient
capacity includes only reported storage capacity, ignoring the existence of additional unreported storage
capacity demonstrated by recent years’ peak hour demand.
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Figure 5. Peak hour natural gas demand under scenarios of low and high natural gas use compared to
anticipated natural gas supply on existing and upgraded infrastructure
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Figure 5 shows an excess of natural gas supply under a scenario of maximum natural gas demand. The
policy pathway chosen by states for compliance with Clean Power Plan emissions reduction targets has a
significant impact on the magnitude of this excess supply capacity, as shown in Figure 7. Under the high
natural gas use scenario, where Clean Power Plan compliance is achieved primarily through the addition
of new natural gas combined‐cycle power plants, peak demand for natural gas climbs steadily
throughout the study period and results in excess natural gas supply of approximately 100 MMcf per
hour in 2030. In contrast, the low gas use scenario, which minimizes the addition of new NGCC
generators and instead relies on new installations of renewable energy capacity and savings through
efficiency measures, results in surplus supply of almost 200 MMcf per hour.
Projected future natural gas demand depends greatly on the policies pursued by each of the states in
this analysis. While non‐electric natural gas demand remains fairly constant during our analysis period,
natural gas demand from the electric sector rises significantly over time in a scenario of high natural gas
use, where the states pursue Clean Power Plan compliance through the use of new natural gas
generating capacity. If states choose to pursue additional energy efficiency and renewable energy
capacity under a scenario of low gas use, combined natural gas demand rises much more slowly over
time and results in an even greater capacity surplus in 2030.
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APPENDIX A: NON‐ELECTRIC DEMAND METHODOLOGY AND DATA
SOURCES
As an input to our modeling, we calculated projected demand for natural gas in Virginia and the
Carolinas from 2015 to 2030.16 This projection had two components: non‐electric natural gas demand
and demand for natural gas from the electric sector. As described below, we relied primarily on EIA data
for the former and we used the Regional Energy Deployment System (ReEDS model) to calculate the
latter. We projected natural gas demand for two different time periods, first calculating annual natural
gas demand, and next making a projection of winter peak demand—the amount of natural gas
consumed in both sectors at the hour of maximum demand. This section describes the methodology and
data sources used to forecast non‐electric natural gas demand, while Appendix B provides further detail
on the methodology and data sources used to estimate natural gas demand from the electric sector.
Synapse based its forecast of non‐electric natural gas demand for the states included in the analysis—
North Carolina, South Carolina, and Virginia—on data from EIA’s 2015 Annual Energy Outlook (AEO). EIA
publishes data on forecasted natural gas demand in the residential, commercial, industrial, and
transportation sectors for the South Atlantic Region of the United States through 2040. We took the
historical natural gas consumption rates by state and by sector and applied them to the forecasted
regional natural gas demand in order to arrive at a forecast of annual non‐electric demand for each of
the three states in our analysis. These results are shown in Figure A‐1.

16

U.S. Energy Information Administration. 2015. Annual Energy Outlook.
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Figure A‐1. Projected annual non‐electric natural gas demand
Projected annual gas demand (MMcf)
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Source: EIA 2015 Annual Energy Outlook.

Second, projected non‐electric winter peak demand was calculated using filings with state public utilities
commissions from the 13 gas distribution companies located within the three states in this analysis. We
reviewed filings from each local distribution company for the most recent year to determine the
companies’ “design day” natural gas requirements—the volume of gas needed to meet customer
demand on the coldest winter day—and then summed the results across the distribution companies to
arrive at design day totals for each of the three states. Companies typically presented results for the
next one to five years in the future. Based on these results, we calculated compound annual growth
rates for each company and applied them to future years to generate a forecast through 2030. In order
to arrive at peak hour requirements from the design day, we assumed that the volume used in the peak
hour of the design day represents 5.6 percent of the total design day volume.17 Those projections of
non‐electric winter peak demand are shown in Figure A‐2. Projected peak hour non‐electric natural gas
demand In the peak hour, non‐electric natural gas requirements rise gradually throughout the modeled
period, beginning at 306 MMcf in 2015 and rising to 366 MMcf in 2030.

17

Levitan & Associates, Inc. 2015. Gas‐Electric System Interface Study Target 2 Report: Evaluate the Capability of the Natural
Gas Systems to Satisfy the Needs of the Electric Systems. Prepared for the Eastern Interconnection Planning Collaborative.
p.82. Available online at:
http://nebula.wsimg.com/c1a27fe57283e35da35df90f71a63f7a?AccessKeyId=E28DFA42F06A3AC21303&disposition=0&allo
worigin=1
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Figure A‐2. Projected peak hour non‐electric natural gas demand
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Source: Data were taken from filings made with state public utilities commissions by gas distribution companies

Figure A‐3. Peak‐hour non‐electric demand for natural gas in Virginia and the Carolinas
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These methodologies resulted in forecasts for both annual and peak non‐electric natural gas demand.
Demand from the electric sector was derived from electric sector modeling, and is described in the next
section.
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APPENDIX B: ELECTRIC DEMAND METHODOLOGY AND DATA
SOURCES
Electric sector modeling scenarios of low and high natural gas use were designed to comply with the U.S.
Environmental Protection Agency’s limits for carbon dioxide emissions under Sections 111(b) and 111(d)
of the Clean Air Act, released on August 3, 2015. Section 111(b) (the Carbon Pollution Standards) sets
emissions limits for new fossil‐fueled power plants that commenced construction after January 8, 2014,
or units that were modified or reconstructed as of June 18, 2014. Separate standards exist for coal‐ and
natural gas‐fired units, but each reflects the degree of emission limitation that EPA believes represents
the best system of emission reduction (BSER) for each type of unit. The standard for new and
reconstructed natural gas that is operating under baseload conditions is 1,000 pounds of CO2 per MWh
on a gross‐output basis, while non‐baseload units must meet a clean fuels input‐based standard.
Standards for coal‐fired plants depend on whether the unit is new, reconstructed, or modified. New
coal‐fired power plants must meet a standard of 1,400 pounds of CO2 per MWh‐gross; reconstructed
units must meet a standard of either 1,800 or 2,000 pounds of CO2 per MWh‐gross, depending on their
heat input; and the standards for modified facilities are plant specific and are consistent with best
annual historical performance.
Section 111(d) (the Clean Power Plan) aims to reduce emissions of carbon dioxide (CO2) from existing
fossil fuel‐fired power plants by approximately 30 percent below 2005 levels by 2030. Each state’s
approach to compliance with the proposed Clean Power Plan—its choice of what new resources to build
and how much to run existing fossil‐fuel generators—will have a critical role in determining how much
electric‐sector natural gas is needed in future years. In order to meet the emission reduction goals set by
EPA, states must develop plans that will reduce their average CO2 emission rate at affected generating
units from a 2012 baseline rate to a lower state‐specific target rate by 2030. In its proposed Clean Power
Plan, EPA offers each state the flexibility to choose either mass‐ or rate‐based targets for compliance.
We conducted modeling of electric sector demand in two steps. First, we developed two scenarios of
Clean Power Plan compliance: (1) a scenario of high natural gas use that complies with emissions
reduction targets through the use of new natural gas generators, and (2) a scenario of low natural gas
use that relies on energy efficiency and installations of new renewable energy capacity to meet targets.
We then screened them using Synapse’s own Clean Power Plan Planning Tool (CP3T), which allows users
to design future energy scenarios for Clean Power Plan compliance, to examine the various compliance
pathways available to a state, and quantify the costs associated with those pathways.
The second step was to input these scenarios into the National Renewable Energy Laboratory’s Regional
Energy Deployment System (ReEDS) model, which dispatches the electric generators in the Eastern
Interconnect in order to meet electric demand and provides annual values of natural gas use from the
electric sector over our study period. ReEDS is a deterministic optimization model that provides a
detailed representation of the electricity generation and transmission systems in the contiguous United
States. It draws many of its assumptions from EIA’s 2014 AEO. There are 356 resource supply regions in
ReEDS, which are grouped into four tiers of larger regional groupings: balancing areas, reserve sharing
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groups, North American Electric Reliability Council (NERC) regions, and interconnects. States are also
represented in such a way that state policies can be depicted accurately. ReEDS contains 17 annual
“time‐slices,” representing the various ways that electricity loads are met throughout each day and year
using all major generator types. One of these 17 time slices is representative of a summer peak—a
collection of the highest 40 non‐consecutive hours in the summer season, represented by a single
“superpeak” time slice. The purpose of this analysis, however, was to evaluate the natural gas
requirements for the winter peak hour, which is not represented by any of ReEDS 17 time slices.
Synapse performed custom modifications to the underlying ReEDS code to add a winter superpeak time
slice, which represents the single hour between the winter months of November and February in which
electricity demand is at its highest. For more information on the winter peak modifications made to
ReEDS, see Appendix C.
We began our modeling under a set of input assumptions for forecasting future retail sales of electricity,
distributed solar PV adoption, natural gas prices, non‐coal unit retirements, and announced unit
additions through 2020. Future retail sales are based on EIA AEO data. Distributed solar PV adoption
rates come from the SunShot 50 trajectory, which is the NREL trajectory that assumes that the cost of
solar is reduced by 50 percent by 2020 and then remains constant—a conservative assumption. Natural
gas prices used by the model are the regional forecasts from EIA’s AEO. Announced unit retirements and
additions were included in the modeling based on announcements from electric utilities in the study
region.
We then had to develop two different scenarios of natural gas use in the Virginia‐Carolinas region that
met mass‐based Clean Power Plan emission targets without significant over compliance. Mass‐based
targets were selected for modeling accuracy, and we assumed the new source complement in order to
avoid emissions leakage to new power plants. This required the use of the CP3T and ReEDS models in
combination. Electric sector capacity build‐outs under the two different scenarios—one of which added
significant amounts of new NGCC capacity to yield the highest likely estimate of natural gas demand,
and one of which relied on new renewable capacity and energy efficiency—were first tested in CP3T for
compliance. If those build‐outs were found to achieve compliance within CP3T, which does not account
for the electricity market interactions between states in the Eastern Interconnect, those values were
then input into the ReEDS model, which does capture those market interactions. This ensures that
interactions between states are adequately captured in terms of electricity imports and exports from
one state to another. The outputs from the resulting ReEDS runs were then input back into CP3T in
order to check for CPP compliance. Several iterations of CP3T/ReEDS modeling were required before we
arrived at the capacity build‐outs for the high gas use scenario (the addition of new NGCC generators)
and for the low gas use scenario (the addition of renewable energy and energy efficiency) that would
allow compliance with the emission targets established by the Clean Power Plan.

Natural gas price sensitivities
Synapse modeled each of the three scenarios described above with a mid‐level, Reference Case natural
gas price forecast and evaluated sensitivity cases that examined the effects of natural gas use in the
electricity sector under high and low natural gas price forecasts. The mid‐level natural gas price forecast
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was taken from the EIA’s AEO 2015 South Atlantic Reference Case. Because the sensitivity case forecasts
are only published biannually, the low natural gas price sensitivity forecast was determined by
multiplying the Reference Case forecast by the ratio of the High Oil and Gas Resource Case18 to the
regional Reference Case found in AEO 2014. Similarly, the high natural gas price sensitivity forecast was
determined by multiplying the Reference Case forecast by the ratio of the Low Oil and Gas Resource
Case to the regional Reference Case found in AEO 2014. Those natural gas prices are shown in Figure C‐
1, below.
Figure C‐1. Projection of natural gas prices in South Atlantic region
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Synapse input the combinations of scenarios/sensitivities into the ReEDS model, which dispatched the
future electric system to meet forecasted electricity demand throughout the analysis period. After
running the various scenarios through the ReEDS model, Synapse exported the volume of natural gas, in
million cubic feet (MMcf), used for electricity generation in each of the states in the analysis. These data
were exported into an Excel spreadsheet both on an annual basis and at the hour of peak demand in
each year, from 2015 to 2030, for each modeling scenario. Synapse combined this information with the
non‐electric demand for natural gas to analyze the need for additional pipeline capacity.

18

The High Oil and Gas Resource Case assumes large volumes of available oil and natural gas resources, leading to lower prices
for oil and gas. Conversely, the Low Oil and Gas Resource Case assumes limited available oil and natural gas resources,
leading to higher prices.
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APPENDIX C: WINTER PEAK MODELING
NREL’s ReEDS model is a national‐scale long‐range generation capacity expansion planning model with
the process of economic dispatch represented through seventeen “time slices” that make up the entire
year. NREL chose time slices to appropriately represent times of the year (season) and times of the day
when electricity power system operations are expected to be (approximately) similar. For reliability
planning purposes, peak demand must be represented; ReEDS does this by collecting the highest 40
non‐consecutive hours in the summer season, and representing them with a single “superpeak” time
slice, H17. The other sixteen time slices original to ReEDS are shown in Table C‐1.
While the summer superpeak is well represented in ReEDS, the winter peak is not. In the original version
of the model, each time slice for winter (H9 – H12) is represented as the average load (GW) across all
hours encompassed in the time slice. Although this is a very common methodology to keep long‐range
capacity planning models tractable, the equivalent of a winter season “superpeak” is missed, which in
some areas can be significantly different than the average loads represented by the current wintertime
slices.
The purpose of the changes Synapse made to the ReEDS model is to represent this winter superpeak for
modeling gas‐demand in the West Virginia, Virginia, North Carolina, and South Carolina (WV‐VA‐NC‐SC)
region. Synapse decided to implement the new winter superpeak using a single peak hour from
November – February in the four‐state WV‐VA‐NC‐SC region. Below are the steps taken to develop the
new one‐hour winter superpeak version of the NREL ReEDS model, as well as a snapshot of results from
a validation of the model.
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Table C‐1. Original ReEDS time slice definitions
Time
Hours
Slice
H1
736
H2
644
H3
328
H4
460
H5
488
H6
427
H7
244
H8
305
H9
960
H10
840
H11
480
H12
600
H13
736
H14
644
H15
368
H16
460
H17
40
8,760 (total)

season

time of day

summer
summer
summer
summer
fall
fall
fall
fall
winter
winter
winter
winter
spring
spring
spring
spring
summer

10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
superpeak

Source: NREL ReEDS Model.

Methodology
Step 1. Review ReEDS code, input tables, and time slice dependent equations
The first step in developing the capability of ReEDS to model a single‐hour winter peak was to
understand the structure of the underlying GAMS code, how the inputs interact with the code, and—
most importantly—where the electricity demand and time period definitions are represented within the
equations of the model. Synapse reviewed each GAMS file and all worksheets in the Excel workbook
used to modify inputs to understand how “hard‐coded” the time slice definitions were in the model and
whether they would adapt to changes in the input Excel file. The programming code was also reviewed
to ensure that optimizing dispatch over a single hour, where multiple hours used to be aggregated,
would not cause instability in the mathematical algorithm itself. Synapse determined that as long as we
left the “H17” summer superpeak intact (which was hard‐coded in many places in the model), we could
make all but one modification19 to represent the single hour in the ReEDS Excel input file. The NREL

19

The single modification made in the actual GAMS code involved adding the new winter superpeak to a set of time slices
ReEDS represents as “not peak.” GAMS reserve margin calculations exclude these extraordinary peaks, so per NREL’s
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ReEDS model development team20 confirmed that no stability issues or other model infractions would
result from representing a single‐hour dispatch in the ReEDS dispatch algorithm.

Step 2. Determine new time slice designations
Synapse repurposed an existing time slice to represent the single highest one‐hour period during the
winter (November, December, January, and February in ReEDS), and used another time slice to “absorb”
the remaining hours. Using an existing time slice to represent the single hour (rather than adding an 18th
time slice) prevented the need for any major modifications to the underlying GAMS code or run the off‐
line GIS‐based meteorological models that NREL runs to inform several different inputs for each of the
time slices.
We used the two time slices in the winter months that had the most similar levels of demand (on
balance, across all power control areas [PCA], in our region of interest). Figure C‐1 below shows the
levels of demand by time slice and PCA for WV‐VA‐NC‐SC in the model. Table C‐2 provides the
percentage differences between the possible pairs of time slices, showing the high level of similarity
between the H10 and H12 slice for most of the PCAs, and the average difference across PCAs by time
slice weighted by the level of demand in each PCA. As the table shows, the H10 and H12 slices are by far
the most similar with respect to level of demand.

suggestion, the new winter peak time slice (described in more detail in the following steps) was also excluded from the
reserve planning margin calculation.
20

NREL, 2015. Personal communication with Stuart Cohen, June 4, 2015.
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Figure C‐1. Average winter loads by time slice for WV‐VA‐NC‐SC PCAs in ReEDS
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Source: NREL ReEDS Model.

Table C‐2. Percent difference in demand levels for pairs of winter season time slices
Time Slice Pair

p95

p96

p97

p98

p99

p100

p116

p117

p118

P12421

H12‐H10
H12‐H11
H12‐H9
H10‐H11
H10‐H9
H11‐H9

3%
7%
10%
10%
14%
2%

3%
13%
7%
15%
10%
7%

3%
8%
9%
10%
14%
2%

1%
12%
10%
13%
13%
2%

2%
10%
14%
9%
14%
4%

3%
6%
14%
3%
13%
8%

3%
6%
14%
3%
13%
9%

1%
6%
12%
5%
12%
6%

1%
6%
11%
5%
11%
6%

91%
35%
43%
30%
33%
6%

Weighted Average %
Difference
2%
10%
11%
10%
13%
22%

Source: NREL ReEDS Model.

For the slice with the lesser number of hours (H12—winter evening, 600 hours), the duration was
decreased to 1 hour, and for the slice with the greater number of hours (H10—winter morning, 840
hours), the duration was increased to 1439 hours = 840 + 600 – 1. The determination of the actual new

21

Note that p124 is a very low demand PCA, with an average load of 68 MW compared to 346 and 1705 MW as the next lowest
PCA average loads.
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(peak) demand level to use for the new H12 one‐hour slice is described below. The demand for the new
H10 slice is now represented as the average load for all hours it includes.22 The new time slice
designations are shown in Table C‐3.
Table C‐3. New ReEDS time slice definitions to represent a one‐hour winter peak demand
Time of Day
Hours
Season
Time Slice
H1
H2
H3
H4
H5
H6
H7
H8
H9
H10

736
644
328
460
488
427
244
305
960
1439

summer
summer
summer
summer
fall
fall
fall
fall
winter
winter

H11
H12
H13
H14
H15
H16
H17

480
1
736
644
368
460
40

winter
winter
spring
spring
spring
spring
summer

10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
10PM-6AM
6AM-1PM &
5PM-10PM
1PM-5PM
1 hour peak
10PM-6AM
6AM-1PM
1PM-5PM
5PM-10PM
superpeak

8,760
(total)

Step 3. Determine demand levels for winter peak time slice
Once we developed the new time slice designations, Synapse assigned actual demand levels to the
single highest demand hour in the ReEDS winter season.
Focusing on the WV‐VA‐NC‐SC region, we performed an analysis on the original ReEDS 2010 hourly
demand dataset to determine the single hour across the four‐state region that had the highest level of
demand November 1 through February 28 (ReEDS winter designation).23 Each state contains multiple

22

23

The NREL ReEDS model developers supplied us with the underlying 8,760 hours data it used to develop the original 17 time
slices, along with the scripts they used to summarize average loads. This enabled us to make a good estimate of the new
average load for the H10 elongated time slice. Note: ReEDS runs on 8760 ABB (Ventyx) data; NREL was able to provide this
data due to our existing license with ABB. Synapse received prior approval from ABB to receive this data.
ReEDS uses 2010 demand data as its reference year.
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transmission zones,24 so finding a coincident peak hour across each individually was not possible.25
However, when aggregated to the state level, a single hour could be determined. The hour we used to
represent the winter peak demand was December 15 at 8:00AM. Table C‐4 shows the new winter peak
demand levels at this hour for each PCA in the four‐state area of interest, and the original H12 average
time slice demand level for comparison.
Table C‐4. New winter peak demand level in the WV‐VA‐NC‐SC area represented in ReEDS
1-HR Winter Peak
Original H12
State
PCA
(MW)
Slice (MW)
3,369
SC
p95
4,988
SC
p96
10,488
6,723
NC
p97
12,769
8,681
NC
p98
12,696
8,371
VA
p99
16,069
11,654
VA
p100
483
394
WV
p116
2,842
2,339
WV
p117
2,393
1,908
VA
p118
3,342
2,667
VA
p124
46
46

We found the 8:00 AM hour on December 15 to be:








24

25

The maximum winter demand hour for each individual state (VA, SC, NC), when demand for a
state is defined as the sum of demands across all transmission zones in that state.
The maximum winter demand hour for the four‐state region as a whole (inclusive of WV), when
demand for the four‐state region as a whole is defined as the sum of demands across all
transmission zones encompassed across all four states.
Consistent with a “sensible” winter peak—a morning hour later in the winter.
The maximum winter demand hour, when demand is defined as the sum of demands across all
transmission zones in the four‐state region, from the set of hours that contain at least one
absolute winter peak for a single transmission zone in the four‐state region. This hour is the
actual single hour winter peak transmission zone 304 in VA.
The same hour determined from a simple optimization that minimizes the sum of errors
between the hour chosen and the other transmission regions’ absolute winter peak loads. This
essentially means that while the hour we chose to model as the winter peak demand does not

Each PCA is made up of multiple transmission zones; the original ReEDS hourly demand data is organized by the underlying
transmission zones.
While many transmission zones within the four‐state area had the exact same hour timestamp for their winter peak, some
did not. This result is not unexpected given the system‐level detail represented in the ReEDS model, and the reality of
operations of the electric power system. While the system is highly interconnected, the highest demand in one location will
not necessarily occur when demand is highest in another location.
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represent the absolute winter peak across all transmission zones, it minimizes the disruption to
the original dataset.
Note that while Synapse used the WV‐VA‐NC‐SC region to identify the single hour to represent the peak
demand, the ReEDS model ran on the broader Eastern Interconnect region for this WV‐VA pipeline
analysis. To ensure that a coincident winter peak was represented throughout the Eastern Interconnect,
Synapse represented the winter peak demand using this same December 15 8:00AM hour for all PCAs
represented in the ReEDS model.
Finally, other demand‐related planning parameters were also adjusted as a result of shifting the
duration of the time slices from the original model. Lk1, which defines the ratio between average annual
load and peak load, and Lk2, which defines the level of variation in demand within a time slice (for the
new H12 slice this value is 0 as there is no variation in the single‐hour value), were re‐calculated using
the NREL‐provided demand‐by‐PCA data and R script (ReEDS_load.R).

Step 4. Adjust renewables time slice‐dependent capacity and other adjustment factors
ReEDS represents renewable Concentrated Solar Power, PV (central and distributed), and wind using
capacity factors and capacity factor adjustments by time slice for each PCA. These factors are developed
offline in other models, and pulled into ReEDS hardcoded in the input spreadsheet.
Because these values are time slice dependent, we needed to adjust the H10 winter morning
time slice to account for the respective capacity factor for the hours of the H12 winter evening
time slice it was “absorbing.” The approach used to account for this was to take a weighted
average of these factors based on the hours the new time slice H10 represents from each of the
original time slices: 840 hours of the original H10 time slice and 599 hours of the original H12
time slice.
For example, the original H10 and H12 capacity factors (CF) for central station PV for p95, a PCA
in South Carolina, were 0.25463 and 0.01908, respectively. The new H10 capacity factor is:
0.15658 = 0.25463*(840/1439) + 0.01908*(599/1439), or
New H10 CF = Original H12 CF * (# Hours in Original H12 Slice/# Hours in New H12 Slice) +
Original H10 CF*(# Hours in Original H10 Slice/# Hours in New H10 Slice)
The original H12 capacity factor was left intact; using the average capacity factor was the best
assumption without re‐running the offline meteorological models to calculate the new one‐hour
capacity factor. Note that while the example above is pulled from a PCA in the four‐state region
of interest for the current project, for consistency this method was applied to all PCAs
represented in ReEDS.
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Step 5. Adjust Canadian import factors
ReEDS represents imports from Canada using annual imports, allocating them across the 17 time slices
via a seasonal and diurnal assignment factor. Appropriately representing imports for the new set of time
slices, where one slice consists of a single hour, required adjusting the fraction of imports that occur in
the new winter peak H12 time slice. Imports for H12 were scaled from the original 600 hours to a single
hour (1/600th), and the remaining fraction of imports was reassigned to the new elongated H10 slice.
This original and new import factors are shown below (Table C‐5).
Table C‐5. Canadian import factors by time slice in ReEDS

Time Slice
H1
H2
H3
H4
H5
H6
H7
H8
H9
H10
H11
H12
H13
H14
H15
H16
H17
Sum

Adjusted CA Import Factor
0.0516
0.0954
0.0448
0.0612
0.0398
0.0299
0.0490
0.0522
0.0498
0.1835
0.0629
0.0001
0.0521
0.1000
0.0634
0.0589
0.0055
1.0000

Original CA Import Factor
0.0516
0.0954
0.0448
0.0612
0.0398
0.0299
0.0490
0.0522
0.0498
0.1050
0.0629
0.0786
0.0521
0.1000
0.0634
0.0589
0.0055
1.0000

Model Validation: Comparison of Results
A comparison of results between ReEDS with the single‐hour winter peak represented and the original
time slice formulation shows excellent consistency in total generation, capacity, coal and gas usage, and
emissions (all differences are well below 1 percent, see Table C‐6).26 Figure C‐2 and Figure C‐3 show
generation (MW) by time slice for the original and reformulated models, and Figure C‐2 highlights the
dramatically increased production from combined‐cycle and combustion‐turbine units in the new H12
time slice. The combination of the consistency in total generation, fuel usage, and emissions, with the

26

Results shown are based on “Eastern Interconnect‐only” ReEDS runs. This is the setting this WV‐VA pipeline analysis project
uses for its ReEDS modeling.
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higher production from natural gas units in the new H12 one‐hour time slice shows that the peak winter
demand is properly captured.
Table C‐6. Comparison of results for key variables between the original ReEDS model and the version with a
single‐hour winter peak represented

2010

2012

2014

2016

2018

2020

Capacity (GW)
Original ReEDS
1HR Winter Peak ReEDS
% Difference

737.33
737.78
0.061%

755.14
755.59
0.060%

740.61
741.06
0.061%

728.29
730.62
0.320%

738.67
741.11
0.330%

739.52
741.63
0.285%

Generation (TWh)
Original ReEDS
1HR Winter Peak ReEDS
% Difference

2,937
2,937
‐0.001%

2,838
2,838
‐0.001%

2,849
2,849
‐0.007%

2,941
2,941
‐0.003%

3,010
3,010
0.000%

3,041
3,042
0.027%

Coal Usage
Original ReEDS
1HR Winter Peak ReEDS
% Difference

15.62
15.62
0.000%

12.54
12.54
0.000%

13.33
13.32
‐0.075%

12.98
12.95
‐0.231%

13.56
13.51
‐0.369%

13.42
13.43
0.075%

Gas Usage
Original ReEDS
1HR Winter Peak ReEDS
% Difference

4.24
4.25
0.236%

5.11
5.11
0.000%

4.49
4.49
0.000%

5.01
4.98
‐0.599%

4.84
4.87
0.620%

5.05
5.02
‐0.594%

CO2 Emissions
Original ReEDS
1HR Winter Peak ReEDS
% Difference

1.68
1.68
0.000%

1.44
1.44
0.000%

1.48
1.48
0.000%

1.48
1.47
‐0.676%

1.52
1.52
0.000%

1.52
1.52
0.000%
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Figure C‐2. Generation by technology by time slice—Original ReEDS formulation

Figure C‐3. Generation by technology by time slice—ReEDS with a one‐hour Winter Peak (H12)
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EXHIBIT B
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Evaluating Market Need for the Atlantic Coast Pipeline
James F. Wilson, Wilson Energy Economics
Prepared for the Southern Environmental Law Center
April 3, 2017

I.

INTRODUCTION
1.

On September 18, 2015, Atlantic Coast Pipeline, LLC (“Atlantic”) filed an

abbreviated application for a Certificate of Public Convenience and Necessity to
construct the Atlantic Coast Pipeline (“ACP”) in Federal Energy Regulatory Commission
(“Commission”) Docket No. CP15-554 (“Application”). The Application states (p. 33),
“Atlantic’s precedent agreements, for nearly all of the Project capacity, demonstrate the
long-term market need for the Project from major electric utilities and local distribution
companies in Virginia and North Carolina.” The Application further states (pp. 6-7) that
an estimated 79.2 percent of the natural gas transported by the ACP would be used as a
fuel for existing and proposed power generation facilities, and shows (Exhibit I) that 93%
of the contracted ACP capacity is under executed precedent agreements with affiliates
of the project’s sponsors.1 In particular, 70% of the ACP capacity under executed
precedent agreements would serve Dominion Virginia Power (“DVP”), Duke Energy
Carolinas, LLC (“Duke Energy Carolinas”), and Duke Energy Progress, LLC (“Duke Energy
Progress”).
2.

This report first discusses the Commission’s policy for reviewing pipeline

applications and evaluating the market need for a project, focusing on the Commission’s
historical reliance on precedent agreements without “looking behind” those
agreements. The report discusses whether this practice remains appropriate for a new
class of projects before the Commission at this time, of which ACP is one example, that

1

Application, pp. 3-4 and Exhibit I.
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are primarily intended to provide gas supply to new gas-fired electric generation, but
are largely supported by regulated LDCs and EDCs affiliated with the project sponsors.
3.

The report then reviews the DVP, Duke Energy Carolinas, and Duke

Energy Progress forecasts of future electric loads that motivated entering into contracts
for ACP capacity. DVP, Duke Energy Carolinas, and Duke Energy Progress all filed
Integrated Resource Plans (“IRPs”) in 2016.2 Pursuant to earlier assignments in these
state proceedings, James Wilson reviewed the three utilities’ forecasts of peak loads and
capacity requirements.3 This report draws on this earlier work, which is attached
hereto.

II.

SUMMARY AND CONCLUSIONS
4.

In reviewing applications for authorization to build new natural gas

pipelines, the Commission is charged with identifying whether there is need for a
project, and Commission policy calls for considering all evidence submitted. However,
under a long-standing practice, the Commission generally considers long-term contracts
for the pipeline’s firm capacity as evidence of market need, even if the contracts are
with affiliates of the pipeline’s sponsors. Affiliated customers typically have either been
at risk for realizing the value of the capacity (e.g., producers or marketers), or have been
regulated LDCs with incremental needs to serve firm customers. Accordingly, the

2 Dominion Virginia Power’s and Dominion North Carolina Power’s Report of its Integrated Resource Plan
(“DVP 2016 IRP”) filed April 29, 2016 in Virginia State Corporation Commission Case No. PUE-2016-00049;
Duke Energy Carolinas North Carolina Integrated Resource Plan (Biennial Report) (“Duke Energy Carolinas
2016 IRP”) and Duke Energy Progress North Carolina Integrated Resource Plan (Biennial Report) (“Duke
Energy Progress 2016 IRP”), both filed on September 1, 2016 in North Carolina Utilities Commission
Docket No. E-100 Sub 147.
3

Wilson, James F., Direct Testimony on behalf of Environmental Respondents (“DVP Testimony”), filed in
Virginia State Corporation Commission Case No. PUE-2016-00049 on August 17, 2016; Wilson, James F.,
Review and Evaluation of the Peak Load Forecasts for the Duke Energy Carolinas and Duke Energy
Progress 2016 Integrated Resource Plans (“Duke Load Forecast Report”) and Review and Evaluation of the
Reserve Margin Determinations for the Duke Energy Carolinas and Duke Energy Progress 2016 Integrated
Resource Plans (“Duke Reserve Margin Report”), Attachments A and B, respectively, to the Comments of
Southern Alliance for Clean Energy, Natural Resources Defense Council and the Sierra Club, filed in North
Carolina Utilities Commission Docket No. E-100 Sub 147 on February 17, 2017; attached hereto.
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Commission has generally not “looked behind” contracts and separately evaluated the
details of the contracts, or whether demand and supply conditions indicate a need for
the new pipeline.
5.

At the present time, a new group of natural gas pipeline proposals is

before the Commission whose characteristics and circumstances are unlike those of any
project the Commission has considered and approved in the past. These projects are
large, and largely intended to provide incremental gas supply for planned gas-fired
power plants that are not yet under construction. However, the projects are not
primarily supported by merchant generators, or by at-risk marketers, or by gas
producers. Instead, this new group of proposed pipelines is relying upon precedent
agreements with local gas or electric distribution companies (“LDCs”, “EDCs”), either
directly or through affiliates of the LDC or EDC. These regulated utilities, who in many
instances are affiliated with the pipeline projects’ owners, would seek to recover the
cost of the long-term pipeline commitments from their captive ratepayers.
6.

At the present time, the future need for incremental gas supply for new

gas-fired electric generation is highly uncertain, due to weak or non-existent electric
load growth, the uncertain pace of coal and nuclear plant retirements, and the
increasing penetration of wind, solar and other renewable resources, among other
factors. The potential need for a particular new pipeline is further complicated by the
growing list of competing pipeline projects before the Commission at this time (of which
many provide incremental takeaway capacity from the Marcellus/Utica region in various
directions). Year after year, electric load forecasts are adjusted downward and new
pipeline projects are put forward. However, LDCs and EDCs may not be re-evaluating
their planned commitments to their affiliates’ pipeline projects, to determine whether
the capacity is still considered needed, or whether other, more economical alternatives
have become available.
7.

Where LDCs and EDCs have (directly or indirectly) entered into precedent

agreements with (often affiliated) pipeline developers, there generally would be some
form of state-level review of the contracts, and cost recovery could ultimately be
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disallowed if the cost of the pipeline commitment is found imprudent. However, the
state-level review is typically very cursory, and may take into account considerations
independent of the need for the project, such as potential benefits of the project due to
its impact on regional natural gas and electricity prices. Consequently, even with some
form of state-level approval, LDC or EDC commitments to a pipeline project may not
indicate need for the project. Even worse, the state-level approval may reflect a
willingness to subsidize the pipeline project at ratepayers’ expense, in pursuit of the
potential benefits to the state of suppressing natural gas and electric prices below the
levels that would otherwise have obtained.
8.

Accordingly, under these circumstances a pipeline project’s precedent

agreements with LDCs or EDCs, even if the contracts have been approved at the state
level, may not be a reliable indicator of the market need for a project, which in any case
is highly uncertain at this time due to weak electric load growth. To remain true to its
well-established and successful policy for reviewing and approving pipeline projects, the
Commission will need to set aside its long-standing practice of not looking behind the
firm, binding contracts that support a pipeline project. This is necessary at this time to
ensure there is market need for a pipeline, and also to verify that a project is not being
supported largely as a subsidy in order to suppress prices. Such a subsidized project
would depress the value of existing and proposed competing pipeline capacity, and this
could have a negative impact on the robust market for pipeline expansions that has
developed under the Commission’s current policies.
9.

With regard to ACP, the precedent agreements were signed in 2014. At

the time, DVP was forecasting robust growth in electric demand (14 percent increase
from 2017 to 2025). However, the trend in DVP’s electric load has been flat over the
past decade, with the only growth coming from data centers. Other forecasts, such as
the more recent forecast for the Dominion zone prepared by PJM Interconnection, LLC
(“PJM”), anticipate much slower load growth -- only 3.5% to 2025. While new and
expanded data centers are likely to provide growth in this zone, at least some of the
companies building data centers intend to supply them with renewable sources of
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electricity. As discussed further below, the electric demand DVP was forecasting for
2020 now appears unlikely to be reached for at least a decade. Consequently, a reevaluation of DVP’s need for the ACP capacity would show that any such need is many
years away at best.
10.

Duke Energy Carolinas has also reduced its load forecast sharply, and

even before reducing the forecast, had no plans to build new gas-fired generation
before 2022. If Duke Energy Carolinas were to re-evaluate its commitment to ACP, it
would likely find that the commitment is not needed at this time, it is unclear when such
capacity might be needed, and it is also unknown whether better options might be
available at such time as incremental pipeline capacity does become needed.
11.

Similarly, Duke Energy Progress has also lowered its load forecast since

2014, at which time it was not planning to build additional gas-fired generation until
2021.

If Duke Energy Progress were to re-evaluate its commitment to ACP, like DVP

and Duke Energy Carolinas, it would likely find that the commitment is not needed at
this time, it is unclear when such capacity might be needed, and it is also unknown
whether better options might be available at such time as incremental pipeline capacity
does become needed.
12.

The remainder of this report is organized as follows. The next section

discusses the Commission’s policy for evaluating the market need for pipeline proposals,
and whether the historical practice of not “looking behind” precedent agreements
remains appropriate for projects that are largely supported by LDCs and EDCs affiliated
with a project’s sponsors. The final three sections review the past and updated electric
load forecasts for DVP, Duke Energy Carolinas, and Duke Energy Progress, and whether
these forecasts suggest a need for the ACP capacity.
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III.

EVALUATING MARKET NEED FOR NATURAL GAS PIPELINE PROJECTS:
COMMISSION PRACTICES UNDER CHANGING CIRCUMSTANCES
13.

The Commission’s policies for reviewing pipeline projects evolved

through the 1980s and 1990s, culminating in the 1999 Certificate Policy Statement. 4
The Certificate Policy Statement established criteria for determining whether there is a
need for a project and whether it will serve the public interest. The Commission
balances the public benefits against potential adverse consequences, and gives
appropriate consideration to, among other things, enhancement of competitive
alternatives, the possibility of overbuilding, unnecessary disruption of the environment,
and unneeded exercise of eminent domain.5 A threshold requirement is that the
pipeline and its customers must be prepared to financially support the project without
relying on subsidization from the pipeline’s existing customers.6
14.

To evaluate the need for a project, “the Commission considers all

evidence submitted reflecting on the need for the project, including, but not limited to,
precedent agreements, demand projections, potential cost savings to consumers, or a
comparison of projected demand with the amount of capacity currently serving the
market.”7 However, the Commission has generally found that long-term commitments
serve as significant evidence of demand for a project.8
15.

On a number of occasions, intervenors have challenged a pipeline’s

showing of need when it relied upon long-term commitments with affiliates of the
pipeline. The Certificate Policy Statement acknowledged that “[a] project that has
precedent agreements with multiple new customers may present a greater indication of

4

Certification of New Interstate Natural Gas Pipeline Facilities, 88 FERC ¶ 61,227 (1999), order on
clarification, 90 FERC ¶ 61,128, order on clarification, 92 FERC ¶ 61,094 (2000) (“Certificate Policy
Statement”).
5

See, for instance, Transcontinental Gas Pipe Line Company, LLC, 158 FERC ¶ 61,125 (2017) at P 20.

6

Id at P 21.

7

Id at P 28.

8

Id at P 28.

Wilson Report on Evidence of Need for the Atlantic Coast Pipeline

Page 6 of 23

need than a project with only a precedent agreement with an affiliate.”9 However, the
Commission generally has given “equal weight” to contracts with affiliates and nonaffiliates, and has not “look[ed] behind” contracts to determine whether customer
commitments represent genuine growth of market demand,10 as long as the
commitments are long-term and binding, and there is no evidence of “self-dealing” to
support the need for the project,11 or evidence of a violation of the Commission’s rules
regarding affiliate relationships.12
16.

Precedent agreements typically commit the buyer to enter into a firm

contract subject to the satisfaction of various conditions precedent, such as receipt of
various regulatory authorizations. In granting certificate authorizations, the Commission
typically requires execution of firm contracts for volumes and service terms equivalent
to those in its precedent agreements prior to the commencement of construction. 13
17.

In most certificate proceedings, the issue of contracts with affiliates does

not arise, because there are no such contracts or they represent only a small fraction of
the pipeline’s commitments. Where the issue has been raised, the affiliated entities
have often been natural gas producers or marketers. The Commission has recognized
that such entities would generally be at risk to realize value and recover the cost of their
firm pipeline commitments in a competitive market, and, therefore, contracts with
producers or marketers, even if affiliated with the pipeline, would indicate market
need.14

9

Certificate Policy Statement at pp. 25-26.

10

See, for instance, Paiute Pipeline Company, 151 FERC ¶ 61,132 (2015) at P 32.

11

Constitution Pipeline Company, LLC, 149 FERC ¶ 61,199 (2014) at P 28.

12

Transcontinental Gas Pipe Line Company, LLC, 141 FERC ¶ 61,091 (2012) at P 21.

13

See, for instance, Transcontinental Gas Pipe Line Company, LLC, 158 FERC ¶ 61,125 (2017) at P 174;
Eastern Shore Natural Gas Company, 132 FERC ¶ 61,204 (2010) P 32.
14

See, for instance, Millenium Pipeline Company, L.P., 100 FERC ¶ 61,277 (2002) at P 57; Constitution
Pipeline Company, LLC, 149 FERC ¶ 61,199 (2014) at P 28; Transcontinental Gas Pipe Line Company, LLC,
141 FERC ¶ 61,091 (2012) at P 21.
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18.

In other instances, the contracts were with affiliated LDCs. However,

LDCs’ incremental pipeline capacity needs are typically small and associated with firm
customer demand, and, therefore, are indicative of need.15
19.

In one unusual instance, the Commission found that an agreement with

an affiliate was not reliable evidence of market need. The affiliate had been formed and
the agreement signed just days before the application was filed, apparently to avoid
dismissal of the application.16 Notwithstanding this exception, the Commission has
been consistent in its policy of considering long-term, binding agreements as indicative
of market need, even if the agreements are with affiliated entities, and not looking
behind the contracts or requiring additional analysis of market demand.
20.

However, recently a few substantial pipeline projects have been

proposed that are primarily supported by affiliates and that have become controversial.
These new pipeline proposals differ from the projects the Commission has approved in
the past despite contractual support by affiliated entities: they are large; the capacity is
primarily intended to supply new gas-fired power plants that are not yet under
construction; and much of the contractual support is by affiliated, regulated LDCs
and/or EDCs.
21.

The underlying market need for the incremental gas supply these

pipelines would provide is reasonably considered highly uncertain at this time. Electric
load growth has been very weak over the past decade, and forecasts have consistently
been revised downward. In addition, the need for new gas-fired power plants also
depends upon the uncertain timing of coal plant retirements and the rate of growth of
renewable resources such as wind and solar, among other factors. And in some cases,
there are competing pipeline projects that may have stronger market support.
22.

As noted above, the Commission would generally not be concerned by a

high degree of uncertainty about the need for a pipeline if it was supported by contracts
15

See, for instance, Eastern Shore Natural Gas Company, 132 FERC ¶ 61,204 (2010).

16

Independence Pipeline Company, 89 FERC ¶ 61,283 (1999) at p. 51.
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with entities who will be at risk to realize value and recover the cost of their firm
pipeline commitments in a competitive market. However, some of these new projects
are primarily supported by entities who likely would not be at risk, but would instead
attempt to recover much or all of the cost of the commitments from captive ratepayers.
This might not cause serious concern about the need for a project, if there was evidence
that the commitment, despite the uncertainties, had been judged reasonable and
prudent from the ratepayers’ standpoint, for instance by a state regulatory body. In
various instances such review has not occurred, or was cursory, so it remains unclear
whether a detailed and objective evaluation of the need has been performed.
23.

In addition, with the passage of time, load forecasts are revised (recently,

nearly always downward), and other, competing pipelines are approved and begin
construction. The need for a pipeline project might change. But LDCs and EDCs might
be reticent to pull support for their affiliate’s project, even if the case for its need
weakens, or if more economical alternatives are available. While LDCs and EDCs face
some risk that the state regulator might disallow the costs of a long-term pipeline
commitment if deemed imprudent, there is generally a high hurdle to take such action
when the regulator has earlier given some form of approval to the commitment.
24.

In other instances, a state regulator may have supported a precedent

agreement, despite the uncertainties and risks to ratepayers, taking into consideration
studies showing benefits to the state resulting from the impact of the pipeline project
on natural gas and electricity prices.17 That is, the regulator may be supporting the
project, and the contracts that put ratepayers at risk for the value of the pipeline
capacity, taking into account alleged price suppression that would benefit other energy
17

See, for instance, ICF International, The Economic Impacts of the Atlantic Coast Pipeline, prepared for
Dominion Transmission, Inc., February 9, 2015 (estimating the benefits of the pipeline due to lowering of
natural gas and electricity prices in Virginia and North Carolina, among other alleged benefits); ICF
Resources, LLC, Impact of the NEXUS Pipeline on Michigan Energy Markets, submitted to DTE Electric
November 2015 (estimating the benefits of the pipeline due to lowering of Michigan natural gas and
electric prices, among other alleged benefits); ICF International, Access Northeast Project - Reliability
Benefits and Energy Cost Savings to New England, prepared for Eversource Energy and Spectra Energy,
February 18, 2015 (estimating the benefits of additional pipeline capacity to New England due to lowering
of natural gas and electricity prices, among other alleged benefits).
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consumers in the state. In such instances the state support is arguably a subsidy to the
pipeline project, and an exercise of buyer market power to suppress prices. This raises
additional concern about the impact on other pipeline projects in the near term. In
addition, the Commission should be concerned that entry by subsidized pipeline
projects that suppress prices could have a dampening effect on future market-driven
pipeline expansions, undermining the Commission’s policies and ultimately harming
consumers.
25.

The following are examples of pipeline projects currently or recently

before the Commission that are primarily intended to supply future electric generation,
and that are largely supported not by at-risk electric generators, but by affiliated LDCs
and EDCs:
a. NEXUS Gas Transmission (application filed November 20, 2015 in FERC
Docket No. CP16-22): 1,500,000 Dth/d from Ohio to Michigan; largely
supported by Michigan and Ontario LDCs and EDCs affiliated with the
project sponsors, and primarily needed to serve future gas-fired
generation.
b. Access Northeast Expansion (application filed November 3, 2015 in FERC
Docket No. PF16-1, currently on hold): 925,000 Dth/d from Pennsylvania
to New England; was to be contracted to EDCs affiliated with the project
sponsors, with intent to release the capacity to merchant generators.
c. Northeast Energy Direct (application filed November 20, 2015 in FERC
Docket No. CP16-21, later withdrawn): 1,200,000 Dth/d from
Pennsylvania to New England; the downstream segment was largely
supported by LDCs with intent to release the capacity to merchant
generators.
d. and Atlantic Coast Pipeline, the subject of this report.
26.

The Commission has approved numerous projects in recent years, of

which most will provide incremental takeaway capacity from the Marcellus/Utica
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production region and, in contrast to the projects listed above, were generally
supported by at-risk entities: producers, marketers and mid-stream companies.18
Projects largely intended to serve future needs for gas-fired electric generation, but
mainly supported by LDCs and EDCs, attempt to work around the fact that merchant
electric generators and generation project developers typically will not commit to firm
gas supply, but instead rely upon short-term natural gas markets. This is usually more
economical for electric generation than committing to firm pipeline capacity.
27.

This discussion suggests that in instances where a pipeline is largely

intended to serve electric generation, but much of its support is from LDCs and EDCs
affiliated with the project’s sponsors, it is appropriate for the Commission to take a
closer look at the actual need for a pipeline, consistent with the Commission’s policy to
“consider all evidence submitted reflecting on the need for the project.” To the extent a
propose pipeline is supported by contracts with downstream affiliates of the sponsors,
the Commission should consider the extent of the state-level review of the
commitments to firm pipeline capacity by LDCs and EDCs, and the current, updated
electric and natural gas demand and supply circumstances. There is some evidence the
Commission is beginning to “look behind” the contracts in such instances. 19 Where
there has been very little state-level examination of the need for a pipeline and for
specific utility commitments, the Commission should give additional attention to
evidence presented regarding downstream electric and natural gas demands. Where
the state-level support may be partly based upon potential energy price suppression
benefits, the Commission should further consider whether the support represents a
subsidy of the project by ratepayers. If so, the Commission might further scrutinize the

18

See Federal Energy Regulatory Commission, Approved Major Pipeline Projects (2009-Present), updated
regularly
and
available
at
https://www.ferc.gov/industries/gas/indus-act/pipelines/approvedprojects.asp.
19

See, for instance, Memorandum dated October 25, 2016 summarizing discussions between FERC staff
and the New Jersey Division of Rate Counsel regarding the state-level process for review of the need for
gas capacity, affiliate relationships, and other matters, filed October 26, 2016 in FERC Docket No. CP15558.
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showing of project need, and/or condition any approval of the project on provisions to
mitigate inappropriate price impacts.
28.

The remaining three sections of this report review some of the evidence

of market need for ACP based on the IRP filings of DVP, Duke Energy Carolinas and Duke
Energy Progress.

With regard to DVP, the Virginia State Corporation Commission

approved its 2016 IRP filing, but only as a “planning document”, noting that its approval
“does not in any way create the slightest presumption that resource options contained
in the approved IRP will be approved in a future certificate of public and convenience
and necessity, rate adjustment clause, fuel factor or other type of proceeding governed
by different statutes.”20

With regard to Duke Energy Carolinas and Duke Energy

Progress, both companies received approval for their precedent agreements with ACP in
2014,21 but neither company mentioned ACP in its 2016 IRP filing. The companies did
submit testimony in the IRP docket on February 16, 2017, discussing natural gas issues
and the precedent agreements with ACP.22

IV.

DVP’S LOAD FORECASTS AND CAPACITY NEEDS
29.

To evaluate a long-term load forecast, it is useful to begin with a review

of recent trends in load. Actual peak loads will tend to vary substantially from year to
year, reflecting the presence or absence of the type of extremely hot weather than can
cause the highest summer peak loads. Consequently, it is useful to review recent
“weather-normalized” peak loads (also called “weather-adjusted” peak loads; these
terms are used synonymously in this report). Weather-normalized peak loads are
20

Virginia State Corporation Commission Case No. PUE-2016-00049, Final Order, December 14, 2016, pp.
2-3, acronyms and citations omitted; available at
http://www.scc.virginia.gov/docketsearch/DOCS/3c%23v01!.PDF
21

North Carolina Utilities Commission Docket Nos. E-2 Sub 1052 and E-7 Sub 1062, Order Accepting
Affiliate Agreements, Allowing Payment Thereunder, and Granting Limited Waiver of Code of Conduct,
October 29, 2014.
22

North Carolina Utilities Commission Docket No. E-100 Sub 147, Duke Energy Carolinas, LLC and Duke
Energy Progress, LLC’s Testimony on Natural Gas Issues, February 17, 2017, available at
http://starw1.ncuc.net/NCUC/ViewFile.aspx?Id=5edd7611-95b1-4822-917f-e40970de9f72
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estimates of what the peak load would have been in a historical period had the peak
occurred on a day with the typical peak-causing weather.

Weather-normalized

historical peak loads remove the impact of weather variability and reveal the underlying
peak load trend due to other factors such as economic and demographic trends,
changes in industry and end-use technologies, and energy efficiency.
30.

DVP does not calculate weather-normalized historical peaks. However,

PJM Interconnection, LLC (“PJM”), the Regional Transmission Organization that manages
the wholesale power markets for all or part of 13 states (including Virginia and North
Carolina) and the District of Columbia, prepares load forecasts and calculates weathernormalized peaks for the Dominion transmission zone. DVP represents about 87%, and
other load-serving entities the remaining 13%, of the Dominion zone’s peak loads.
31.

Figure 1 shows recent Dominion zone weather-normalized peak loads, as

calculated by PJM. The weather-normalized peak loads have been quite flat over the
past decade; the 2007 and 2015 values are nearly identical. Even in the post-recession
period (from about 2010 to present) when economic growth returned, peak loads have
been flat on a weather-normalized basis.
32.

Figure 1 also shows PJM’s January 2017 forecast of peak loads for the

Dominion zone. PJM’s forecast anticipates growth in the Dominion zone peak load
despite the recent trends.

This may reflect expectations of somewhat stronger

economic growth than has occurred in recent years. In light of the recent trend, this
forecast appears somewhat optimistic, but within a reasonable range.
33.

In recent years a number of data centers have been constructed in

Northern Virginia and have become a major new source of electric demand in the
Dominion zone. Additional construction and expansion of data centers is expected in
this area over the coming years. Accordingly, both DVP and PJM have adjusted their
recent Dominion zone forecasts applying estimates of future data center loads. For this
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purpose both DVP and PJM rely on a study and forecast by Quanta Technology. 23 Using
this information on the data center loads, Figure 2 shows the weather-normalized
history and PJM forecast for the total Dominion zone load, and also for all loads other
than the data center loads.

34.

Figure 2 reveals that the Dominion zone trend over the past decade is

actually down, for all loads other than the data centers. PJM’s forecast anticipates very
little growth in Dominion zone peak loads in the coming years for all consumers outside
the data center segment. Of course, the future growth in data centers and data center
electric loads are highly uncertain, especially beyond the first year or two, as it is
unknown where and when additional construction of data centers may occur. It should

23

PJM, Item 8: Dominion Load Forecast Adjustment, PJM Load Analysis Subcommittee meeting October
19, 2017, available at http://www.pjm.com/~/media/committeesgroups/subcommittees/las/20161019/20161019-item-08-dominion-load-forecast-adjustment.ashx.
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also be noted that some of the companies that build data centers have committed to
meeting 100% of their energy needs from renewable sources.24

35.

Figure 3 adds DVP’s peak load forecast, from its 2016 IRP. This forecast,

prepared in September 2015, appears extremely high. For 2021, it exceeds PJM’s
forecast (which also appears somewhat optimistic compared to recent trends), by over
2,000 MW.

DVP’s forecast is too high, primarily because it uses an econometric

approach based on a thirty-year historical period, which fails to capture recent trends (a
detailed critique is included in my DVP Testimony, pp. 7-22).

24

For example, Google has announced that it now purchases 100% renewable energy to match
consumption for its global operations including data centers and offices; see Google Data Centers –
Renewable Energy, available at https://www.google.com/about/datacenters/renewable/index.html.
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36.

To determine generating capacity requirements, DVP includes a 12.46%

reserve margin over its peak load forecast (roughly based on PJM’s approach to
determining capacity requirements, and taking into account that PJM assigns capacity
needs based on coincident peak loads). Therefore, the gap between the capacity
requirements as reflected in the DVP 2016 IRP, and requirements based on PJM’s more
recent forecast, is even larger.
37.

This discussion has focused on peak load forecasts; while fuel needs will

depend more on energy (GWHs) than peaks (MWs). However, while energy drives fuel
consumption, the need for new gas-fired capacity would generally be based upon
capacity not energy needs. In any case, energy trends tend to follow peak load trends.
Figure 4 compares PJM’s and DVP’s Dominion zone energy forecasts, showing that, as
with peaks, DVP’s forecast is much higher. Based on PJM’s forecast, incremental
capacity needs would be put off for many years.

Wilson Report on Evidence of Need for the Atlantic Coast Pipeline

Page 16 of 23

38.

In its 2016 IRP, DVP evaluated multiple resource scenarios, but most

required additional gas-fired capacity beyond plants already under construction only in
2022 (under one scenario, 2021; DVP 2016 IRP, Figure 1.3.1, p. 5, and Figure 1.4.1, 2016
Studied Plans, p. 13).

39.

While the DVP 2016 IRP mentions ACP, it also suggests that DVP has

already secured firm transportation for its new gas-fired Greenville County Power
Station that is under construction, and that ACP would primarily provide flexibility and
reliability (DVP 2016 IRP, p. 87). Consequently, with an updated load forecast much
closer to PJM’s, DVP would not appear to need any ACP capacity in the coming years.
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V.

DUKE ENERGY CAROLINAS’ LOAD FORECASTS AND CAPACITY NEEDS
40.

Like DVP, Duke Energy Carolinas anticipated robust electric load growth

in 2014, when it entered into the precedent agreement with ACP.25 However, by 2016
its expectations had been substantially lowered. Wilson Energy Economics’ Duke Load
Forecast Report found that Duke Energy Carolinas’ summer peak load forecast reflected
growth in excess of trend, but appeared to fall within a reasonable range, while its
winter peak load forecast appeared somewhat high (p. 13). Figure 5 shows Duke Energy
Carolinas’ 2014 and 2016 forecasts (with energy efficiency programs), along with its
weather adjusted historical peaks and a trend line based on the weather adjusted peaks.

25

Duke Energy Carolinas, Integrated Resource Plan (Annual Report), September 1, 2014, filed in North
Carolina Utilities Commission Docket No. E-100 Sub 141.
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41.

In 2014, Duke Energy Carolinas was anticipating summer peak loads over

20,000 MW in 2020. In its more recent IRP (2016), it is only expecting such loads in
2023; and recent trends suggest such loads would not be reached until after 2024. The
2016 forecast with energy efficiency for 2020 is 949 MW lower than the 2014 forecast.
42.

The Duke Energy Carolinas 2016 IRP recommended an increase in its

reserve margin from 14.5% to 15%, based upon recommendations in a resource
adequacy study prepared by Astrape Consulting26 (“Duke Energy Carolinas RA Study”;
“RA Study”).

This recommendation largely resulted from concerns about winter

resource adequacy. In recent years, extremely cold winter days have resulted in very
high electric demand in the morning hours on the Duke Energy Carolinas and Duke
Energy Progress systems. These load spikes have been very brief; loads in other hours
on the same day, and on other days, were much lower. However, the Wilson Energy
Economics Duke Reserve Margin Report concluded that the RA Study did not support
the recommended increase in the reserve margin, due to flaws in the study that
improperly inflate the planning reserve margin:
a. The RA Study relied upon regressions to represent the impact of extreme
cold on load levels that greatly overstate the impact; more accurate
regressions more focused on colder temperatures suggest a much more
moderate impact of extreme cold on load.
b. The RA Study included multiple years of economic load forecast
uncertainty, but failed to take into account how capacity commitments
can be expanded in response to unexpectedly strong load growth.
c. The RA Study also overstated the probability of unexpectedly strong load
growth; the probability distribution used was not supported by the data
it was based upon.

26

Astrape Consulting, Duke Energy Carolinas (DEC) 2016 Resource Adequacy Study, August 30, 2016.
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d. Finally, the RA Study assumed that the load forecast values were mean
(or expected) values; but the forecast values were actually substantially
greater than mean values, due to wholesale commitments that were
added to the forecast and that are very infrequently called upon.
43.

ACP reported that Duke Energy Carolinas has no plans to add new gas-

fired generation before 2022.27 The Duke Energy Carolinas 2016 IRP identifies a need
for incremental generating capacity only in 2022/2023 (p. 38 Chart 8-A). Consequently,
it appears Duke Energy Carolinas does not need ACP capacity at this time, and will not
need additional pipeline capacity for at least several more years. If Duke Energy
Carolinas were to re-evaluate its commitment to ACP, it would likely find that the
commitment is not needed at this time, it is unclear when such capacity might be
needed, and it is also unknown whether better options might be available at such time
as incremental pipeline capacity does become needed.

VI.

DUKE ENERGY PROGRESS’ LOAD FORECASTS AND CAPACITY NEEDS
44.

Like DVP and Duke Energy Carolinas, Duke Energy Progress has lowered

its summer peak load forecast since 2014, when it entered into the precedent
agreement with ACP.28 This is shown in Figure 6, along with the weather adjusted
historical peaks (which were available only for a few past years) and trend. The 2016
forecast is 380 MW lower than the 2014 forecast, and the trend is lower still.
45.

While historically Duke Energy Progress has been a summer peaking

system, based on the recent “polar vortex” experience Duke Energy Progress now
predicts winter peaks slightly higher than summer peaks. However, this is based on the
potential for extremely cold days with very high loads; such infrequent loads do not

27

Atlantic Coast Pipeline, LLC and Dominion Transmission, Inc., Docket Nos. CP-15-554 & CP15-555,
Response to Data Request dated November 23, 1016, Question No. 3.
28

Duke Energy Progress, Integrated Resource Plan (Annual Report), September 1, 2014, filed in North
Carolina Utilities Commission Docket No. E-100 Sub 141.
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drive new plant construction or energy needs. Energy needs, and associated fuel needs,
remain greater in summer than winter.

46.

As did Duke Energy Carolinas, Duke Energy Progress recommended an

increase in its reserve margin from 14.5% to 15% in its 2016 IRP, based upon a resource
adequacy study prepared by Astrape Consulting (“Duke Energy Carolinas RA Study”).29
The Wilson Energy Economics Duke Reserve Margin Report concluded that the study did
not support the recommended increase in the reserve margin, due to same flaws
discussed above with regard to the similar study for Duke Energy Carolinas.

29

Astrape Consulting, Duke Energy Carolinas (DEC) 2016 Resource Adequacy Study, August 30, 2016.
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47.

ACP reports that Duke Energy Progress, like Duke Energy Carolinas, has

no plans to add new gas-fired generation before 2022.30 The Duke Energy Progress
2016 IRP identified a need for incremental generating capacity only in 2021/22 (p. 39
Chart 8-A).
48.

If Duke Energy Progress were to re-evaluate its commitment to ACP, like

DVP and Duke Energy Carolinas, it would likely find that the commitment is not needed
at this time, it is unclear when such capacity might be needed, and it is also unknown
whether better options might be available at such time as incremental pipeline capacity
does become needed.

30

Atlantic Coast Pipeline, LLC and Dominion Transmission, Inc., Docket No CP-15-554 &CP15-555,
Response to Data Request dated November 23, 1016, Questions No. 3.
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APPENDIX: QUALIFICATIONS OF JAMES F. WILSON
James F. Wilson is an economist and independent consultant doing business as
Wilson Energy Economics, with a business address of 4800 Hampden Lane Suite 200,
Bethesda, Maryland 20814. Mr. Wilson has over 30 years of consulting experience,
primarily in the electric power and natural gas industries. Many of his consulting
assignments have pertained to the economic and policy issues arising from the interplay
of competition and regulation in these industries, including restructuring policies,
market design, market analysis and market power. Other recent engagements have
involved resource adequacy and capacity markets, contract litigation and damages,
forecasting and market evaluation, pipeline rate cases and evaluating allegations of
market manipulation. Mr. Wilson’s experience and qualifications are further detailed in
his CV, available at www.wilsonenec.com.
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1
2
3

Summary of the Testimony of James F. Wilson
My testimony evaluates the Company’s peak load forecast and the calculation of the
Total Resource Requirements used in the 2016 Plan.

4

I first review past trends in peak loads in the Dominion zone, and show that over a decade

5

the trend has been down for all loads other than data centers. With regard to the Company’s

6

peak load forecast, I conclude the following: (1) the Company’s peak load forecast is very likely

7

to be too high, primarily because it fails to capture trends toward slower peak load growth and

8

the increasing efficiency of electricity use during peak periods; (2) PJM’s peak load forecast,

9

based on a methodology that has several recent enhancements, is likely to be more accurate than

10

the Company’s, although it is still very conservative and likely to over-forecast future peak

11

loads; (3) the Company’s calculations understate the peak loads of other Load Serving Entities in

12

the DOM zone, which are growing faster than the Company’s, resulting in overstating the peaks

13

for the Dominion Load Serving Entity.

14

With regard to the Company’s calculation of Total Resource Requirement, I find that

15

while the Company attempts to follow PJM’s approach, its approach is different, and the values

16

used for some parameters are not correct.

17
18

Finally, I offer several recommendations with regard to load forecasting and the
calculation of Total Resource Requirements for future Integrated Resource Plans.
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1

I.

INTRODUCTION AND QUALIFICATIONS

2

Q 1:

Please state your name, position and business address.

3

A: My name is James F. Wilson. I am an economist and independent consultant doing

4

business as Wilson Energy Economics. My business address is 4800 Hampden Lane

5

Suite 200, Bethesda, Maryland 20814.

6
7

Q 2:

A: I am testifying on behalf of the Environmental Respondents: Natural Resources Defense
Council, Appalachian Voices, and the Chesapeake Climate Action Network.

8
9

On whose behalf are you testifying in this proceeding?

Q 3:

Please describe your experience and qualifications.

10

A: I have over thirty years of consulting experience, primarily in the electric power and

11

natural gas industries. Many of my assignments have pertained to the economic and

12

policy issues arising from the interplay of competition and regulation in these industries,

13

including restructuring policies, market design, market analysis and market power. Other

14

recent engagements have involved resource adequacy and capacity markets, contract

15

litigation and damages, forecasting and market evaluation, pipeline rate cases and

16

evaluating allegations of market manipulation. I also spent five years in Russia in the

17

early 1990s advising on the reform, restructuring, and development of the Russian

18

electricity and natural gas industries for the World Bank and other clients.

19

With respect to the load forecasting and capacity requirements issues I will address in this

20

testimony, I have been actively involved in these issues in the PJM Interconnection,

21

L.L.C. (“PJM”) region for many years, participating in PJM stakeholder processes,

22

performing and presenting analysis of these issues, and submitting affidavits in various

23

regulatory proceedings.
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1

I have submitted affidavits and presented testimony in proceedings of the FERC, state

2

regulatory agencies, and U.S. district court. I hold a B.A. in Mathematics from Oberlin

3

College and an M.S. in Engineering-Economic Systems from Stanford University. My

4

curriculum vitae, summarizing my experience and listing past testimony, is attached as

5

Attachment JFW-1.

6

Q 4:

Have you previously submitted testimony in a Virginia State Corporation
Commission (“Commission”) proceeding?

7
8

A: Yes. I submitted direct testimony on behalf of Commission staff in Case No. PUE-2009-

9

00043 (Application of PATH Allegheny Virginia Transmission Corporation for
Certificates of Public Convenience and Necessity).

10
11

Q 5:

What is the scope and purpose of your testimony in this case?

12

A: This proceeding involves the 2016 Integrated Resource Plan (“2016 Plan”) for Dominion

13

Virginia Power (“Dominion” or the “Company”). My assignment was to evaluate the

14

forecasts of peak loads and Total Resource Requirements included in the 2016 Plan and

15

provide any recommendations.

16
17

II.

SUMMARY AND RECOMMENDATIONS

18

Q 6:

How are the Company’s forecasts of peak loads and Total Resource Requirements

19

used in the 2016 Plan?

20

A: The Total Resource Requirements (“TRR”) are the Company’s estimates of the amount

21

of capacity that will be assigned to the Company by PJM for purposes of allocating

22

capacity costs. The TRRs represent the Company’s estimates of its customers’ future

23

generating capacity needs, and the 2016 Plan describes how the Company plans to meet
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1

these needs through owned and contracted resources. TRRs are calculated as the forecast

2

peak load for the Dominion Load-Serving Entity (“DOM LSE”) plus a reserve margin.

3

Q 7:

the Company for the 2016 Plan.

4
5

Please summarize your conclusions with respect to the peak load forecast used by

A: Peak loads in the DOM Zone, and especially for the DOM LSE, have been quite flat over

6

the past decade, and the primary source of growth has been data centers.

7

I conclude that the Company’s peak load forecasts are very likely to be too high,

8

primarily because they fail to capture trends toward slower peak load growth and the

9

increasing efficiency of electricity use during peak periods. Both the Company and PJM

10

adjust their forecasts upward to reflect anticipated strong growth in data center loads.

11

I conclude that PJM’s peak load forecast, while still very conservative and likely to over-

12

forecast future peak loads, is likely to be more accurate than the Company’s due to two

13

key differences in the methodologies. In addition, the Company’s calculations overstate

14

the DOM LSE peak loads due to understating the peak loads of other LSEs in the DOM

15

Zone, which are growing faster than the Company’s.

16
17

Q 8:

Please summarize your conclusions with respect to the Company’s reserve margin
and TRR calculations.

18

A: The Company attempts to follow PJM’s approach for its reserve margin and total

19

resource requirement calculations, but its approach is different, and some of the values

20

used were not accurate. I have estimated the TRRs based on PJM’s forecast, a revised

21

estimate of Other LSE loads, and corrected reserve margin parameters.
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1
2

Q 9:

Please present your revised peak load forecast and TRR values.

A: Table 1 presents the results.
Table 1: Load Forecast and Total Resource Requirements (MW)
2020
2021
2022
2023
2024
2025
DOM Zone Peak Load Forecast
2016 Plan
21,847 22,263 22,546 22,792 23,260 23,566
Based on PJM
20,700 20,871 21,059 21,235 21,452 21,664
Difference
-1,147 -1,392 -1,487 -1,557 -1,808 -1,902
Other LSEs' Peaks
2016 Plan
2,722 2,773 2,808 2,840 2,898 2,936
Revised
2,883 2,956 3,005 3,048 3,129 3,182
Difference
161
183
197
208
231
246
DOM LSE Adjusted Peak Load Forecast
2016 Plan
18,891 19,257 19,509 19,724 20,132 20,399
Revised
17,583 17,683 17,825 17,958 18,092 18,250
Difference
-1,308 -1,574 -1,684 -1,766 -2,040 -2,149
DOM LSE Total Resource Requirement
2016 Plan
21,245 21,657 21,940 22,181 22,640 22,941
Revised
19,761 19,894 20,025 20,215 20,355 20,505
Difference
-1,484 -1,763 -1,915 -1,966 -2,285 -2,436

3
4
5
6
7

Q 10: Do you have recommendations with regard to peak load forecasting and TRR
calculations for the purposes of Integrated Resource Plans?
A: Yes I do. I have included several such recommendations in the last section of my
testimony.
Q 11: How is the remainder of your testimony organized?

8

A: The next section reviews recent trends in peak loads in the DOM Zone, and presents the

9

Company’s and PJM’s forecasts. Section IV discusses load forecasting methodologies

10

and explains why PJM’s approach is likely to be more accurate than the Company’s.

11

Section V discusses the adjustments both the Company and PJM made to their forecasts

12

to represent anticipated strong growth in data center loads. Section VI reviews the

13

Company’s calculation of TRRs and identifies some issues in that regard. The final
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1

section presents recommendations with respect to load forecasts and TRR calculations for

2

future Integrated Resource Plans.

3
4

III.

DOM ZONE PEAK LOADS: RECENT TRENDS AND CURRENT FORECASTS

5

Q 12: Please present the recent peak loads in the DOM transmission zone.

6

A: Figure JFW-A1 presents the actual DOM Zone peak loads since 2003. These are the

7

“unrestricted” peak loads, where any demand response or demand-side management by

8

PJM or the Company that may have occurred during the peak hour has been added back.

9

Q 13: Do these peak load values exhibit any clear trend?

10

A: No. These actual peak loads reflect the actual weather that occurred each summer; the

11

peaks will tend to be high in years in which a very extreme period of hot weather

12

occurred (leading to high electricity use for air conditioning), and they will tend to be low

13

in years in which the most extreme weather that occurred during the summer was

14

relatively mild. Because the actual peak loads reflect changeable weather, their pattern

15

over relatively short periods of time may not reflect any trend, or may even be

16

misleading, suggesting a trend that does not in fact exist.

17

Q 14: Is there a way to reveal the trends in past peak loads?

18

A: Yes. To discern trends in peak loads, it is very helpful to calculate “weather-normalized”

19

historical peaks. Weather-normalized historical peak loads are estimates of what the

20

peak loads would have been in past years had the weather, at the time of the summer peak

21

load, been the typical (very hot) weather that tends to occur at the time of the annual peak

1

All Figures included in Attachment JFW-1.
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1

load. This removes the year-to-year variability due to weather in the historical peak

2

loads. With the weather variability removed, the more stable trends in peak loads due to

3

forces such as economic and demographic growth and changing electrical equipment

4

stocks are revealed.

5

Q 15: How do weather-normalized historical peak loads compare to forecast peak loads?

6

A: Weather-normalized historical peaks, and forecast peaks, are essentially the same thing.

7

A forecast peak load is generally intended to be a median (or “50-50”) peak; that is, the

8

peak load level that has an equal chance of being exceeded, or not being exceeded, in the

9

future year. The weather-normalized historical peak is exactly the same concept – it is

10

the peak load level in the historical year that had a 50-50 chance of being exceeded.

11

Put another way, the weather-normalized historical peak load is exactly the peak load that

12

past and current peak load forecasting efforts attempt to determine. And, accordingly, we

13

would expect that a peak load forecast would generally be consistent with the trend

14

reflected in past weather-normalized peaks. This is why I consider historical weather-

15

normalized peak loads extremely useful in understanding likely trends in future peak

16

loads.

17

Q 16: Does the Company prepare weather-normalized historical peaks?
A: No.2 However, PJM does prepare weather-normalized historical peaks.

18

2

Response to Data Request ER-3-48, included here in Attachment JFW-3.
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1

Q 17: How are weather-normalized peak loads calculated?

2

A: Various approaches can be used to estimate historical weather-normalized peak loads.

3

PJM has refined its methodology from time to time, and in 2015 evaluated multiple

4

approaches3 and then updated its methodology.

5

Q 18: Please present and discuss the recent trends in weather-normalized peak loads for
the DOM Zone.

6

A: Figure JFW-B presents PJM’s weather-normalized peaks for the DOM Zone.

7

The

8

weather-normalized peak loads have been quite flat over the past decade; the 2007 and

9

2015 values are nearly identical. Even in the post-recession period (from about 2010 to
present), peak loads have been flat.

10
11

Q 19: The 2016 Plan notes recent growth in data center loads (p. 24). What is the trend in
the DOM Zone peak load for all loads other than data centers?

12
13

A: Figure JFW-B also shows the weather-normalized peak loads net of data center peak

14

loads. The trend in the Company’s peak load for all customers other than the data centers

15

is actually down over the past decade: the weather-normalized peak for 2015 was lower

16

than for 2006. Focusing only on the post-recession period, the trend has also been down.

17

Q 20: Now please present the Company’s peak load forecast for the DOM Zone.

18

Figure JFW-C presents the Company’s forecast that was relied upon for the 2016 Plan

19

(App. 2G). The Company’s forecast suggests robust growth in peak loads, starting right

20

in 2016. Figure JFW-C also shows the Company’s forecast net of the forecast of data

3

PJM, Weather Normalization of Peak Load, Load Analysis Subcommittee meeting September 2, 2015, Item 3,
available at http://www.pjm.com/~/media/committees-groups/subcommittees/las/20150902/20150902-item-03weather-normalization.ashx.
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center peak loads. For all loads other than data centers, the forecast also suggests rapid

2

growth in peak loads.

3

Q 21: Is the Company’s peak load forecast consistent with recent trends?

4

A: No. While peak loads have been flat, or even down when data centers are separated, the

5

Company’s forecast suggests strong growth. The Company’s forecasts deviate sharply

6

from the recent trends, and this raises questions and concerns about the potential accuracy

7

of this forecast.

8
9
10

Q 22: What are the primary drivers of peak load growth under the Company’s forecasting
methodology?
A: The Company’s econometric approach relies upon various economic and demographic

11

forecasts as independent variables that drive future peak load growth.

12

summarized in Figure 2.2.6 in the 2016 Plan, and include trends in the number of

13

customers and households, per capita income, and employment.

14

Company acknowledges (2016 Plan p. 24), a “key driver” is the forecast of the Virginia

15

economy.

16

These are

However, as the

Q 23: Is the Company’s forecast of robust growth in peak load explained by the economic

17

and demographic forecasts?

18

No; the trends in these independent variables have been rather steady recently, and they

19

are expected to continue to show steady increases over the forecast period, as suggested

20

by Figure 2.2.6. These forecasts do not explain the sharp deviation from trend reflected

21

in the Company’s peak load forecast. Figure JFW-D shows DOM Zone economic and
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1

demographic variables in the form of a composite index used by PJM in forecasting the

2

DOM Zone.4 This index combines six economic-demographic variables (households,

3

population, personal income, non-manufacturing employment, U.S. gross domestic

4

product, and state or metropolitan product5). These are the same or similar economic-

5

demographic variables used by the Company in its forecasting, and sourced from the

6

same vendor (Moody’s economy.com).

7

The figure shows that while DOM Zone peak loads were flat or declining over the past

8

decade, the economic-demographic variable continued to climb.

9

shows that while the economic-demographic variable is expected to continue to rise in

10

future years, it would not appear to explain the sharp increase in the Company’s peak

11

load forecast.

12

Q 24: How can peak loads have remained flat or declined while the economic and
demographic drivers were increasing?

13

A: Peak loads can be flat or declining while economic and demographic measures rise due to

14

increasing efficiency in the use of electricity, as I will discuss later in this testimony.

15
16

The figure further

Q 25: If the economic and demographic forecasts do not point to robust growth in peak
loads, why does the Company’s peak load forecast rise so sharply?

17
18

A: One reason the Company’s forecast suggests robust peak load growth is that the

19

Company’s forecasting methodology, rather than capturing and reflecting the recent trend

4

PJM, 2016 Economic Variable Data, available at http://www.pjm.com/~/media/planning/res-adeq/loadforecast/2016-economic-variable-comparison.ashx.
5
PJM, PJM Manual 19: Load Forecasting and Analysis, Revision: 31 Effective Date: 06/01/2016, p. 18, available
at http://www.pjm.com/~/media/documents/manuals/m19.ashx.
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in peak load growth, instead reaches back and includes thirty years6 of historical data to

2

estimate the parameters for its econometric model.

3

Many years ago, the DOM Zone, and other regions of the country, did indeed experience

4

much faster peak load growth. However, more recently, there has been a trend of

5

slowing peak load growth, both in absolute terms, and in relation to economic and

6

demographic growth; and this trend has continued or even strengthened in recent years.

7

Including the long-ago history in the Company’s forecasting leads the model to discount

8

the trend over the past decade, and place weight on the higher rates of peak load growth

9

seen ten to thirty years ago.

10

Q 26: Now please present PJM’s forecast of peak loads for the DOM Zone.

11

A: Figure JFW-E adds PJM’s DOM Zone forecast from its 2016 Load Forecast Report7

12

(published in January of 2016). The Figure also shows PJM’s latest forecast, based on its

13

mid-year update in July 20168 (the mid-year update provides an updated coincident peak

14

forecast, and only for 2016 through 2019; the series shown here is estimated based on the

15

ratio of non-coincident to coincident peaks from the 2016 Load Forecast Report).

16

PJM’s forecasts are considerably lower than the Company’s forecast. PJM’s most recent

17

forecast is over 1,100 MW lower than the Company’s for 2020, growing to more than a

18

1,500 MW difference by 2023.

However, PJM’s forecasts still appear to be very

6

2016 Plan p. 24.
PJM, PJM Load Forecast Report January 2016, available at
http://www.pjm.com/~/media/documents/reports/2016-load-report.ashx
8
PJM, Load Forecast Update – July 2016, available at http://www.pjm.com/~/media/planning/res-adeq/loadforecast/pjm-load-forecast-update-july-2016.ashx
7

Wilson Direct Testimony

Page 10

1

conservative and more likely to over- than under-state future peak loads, because they

2

anticipate peak load growth much faster than recent trends suggest.

3

Q 27: Why are PJM’s forecasts so much lower than the Company’s?
A: This reflects differences in the forecasting methodologies, as I will discuss in the next

4

section of this testimony.

5
6
7

IV.

PEAK LOAD FORECASTING: THE COMPANY’S, AND PJM’S, METHODOLOGIES

8

Q 28: What topic will you address in this section of your testimony?

9

A: I will explain why traditional econometric approaches to forecasting future peak loads,

10

which both the Company and PJM have used for many years, have resulted in chronic

11

over-forecasting in recent years. I will further explain that PJM’s new methodology,

12

following various enhancements designed and implemented in 2015, is still likely to be

13

conservative and to over-forecast peak loads, but is likely to be more accurate than the

14

Company’s methodology, which is unchanged over many years and similar to PJM’s

15

approach before the recent enhancements.

16

Q 29: Please describe the Company’s approach to forecasting peak loads.

17

A: The Company uses an econometric regression model that takes some inputs from a

18

separate model of sales by customer class.9 The regression model forecasts peak loads

19

based on various economic and demographic independent variables (shown in Figure

9

Virginia Electric and Power Company, Peak Demand and Energy Sales Forecast Model Documentation,
Attachment ER Set 2-14(a).
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1

2.2.6 and Appendix 2K; forecasts from September 2015), as noted above.

2

methodology is described in the 2016 Plan at pp. 19-20.

3
4

The

Q 30: Please describe PJM’s approach to forecasting peak loads for the DOM Zone and
compare it to the Company’s approach.

5

A: PJM also uses an econometric approach based on similar economic and demographic

6

forecasts. While there are numerous differences between the Company’s and PJM’s

7

econometric models (of which some are described in the 2016 Plan at p. 24), two are

8

likely the most important factors leading to the different results:

9

1. PJM uses an 18-year historical period for estimating the model, while the Company

10

uses 30 years. As a result, PJM’s forecast will reflect recent trends to a somewhat

11

greater extent.

12
13
14

2. PJM’s methodology has recently been enhanced to better capture trends in energy
efficiency (discussed further below).
Q 31: Please summarize the recent performance of the Company’s peak load forecasts.

15

A: In recent years, both the Company’s and PJM’s forecasts have been too high. For

16

example, in the Company’s 2010 Plan, the utility Base Forecast summer peak load for

17

2015 was 19,247 MW (Appendix 2H, line1.A.1a). In the 2013 Plan, the same value was

18

17,695 MW, and in the 2015 Plan, the same value was lowered again, to 17,475 MW –

19

despite the recent increases in data center loads. PJM’s forecasts of the Dominion zone

20

(and of all or most other PJM zones) have also been too high over recent years.
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Q 32: Why have these forecasts been too high?

2

A: A key reason for over-forecasting has been inaccuracy in the underlying economic

3

forecasts. Econometric forecasting approaches rely on forecasts of economic conditions

4

(for the DOM Zone, primarily forecasts of growth in the Virginia economy) as the

5

primary driver of growth in future peak loads. These forecasts have proven to be overly

6

optimistic, as growth in the Virginia economy, and in the U.S. and world economies more

7

broadly, has been slower than expected, both during the recession that began in around

8

2008, and also in the post-recession period.

9

For example, the 2016 Plan anticipates the Virginia economy will grow at a compound

10

annual rate of 2.09% over the coming fifteen years (Figure 2.2.6, p. 25). However, as

11

recently as 2013 for the 2013 Plan, the anticipated annual growth rate was 2.4% (2013

12

Plan Figure 2.2.4, p. 23).

13
14
15

Q 33: Please elaborate on how economic forecasts are the primary driver of peak load
growth in econometric forecasting models.
A: While these models include other independent variables, the primary driver is generally

16

economic growth.

17

economic growth in the past, and then assume a similar relationship will hold in the

18

future.

19

For example, if the economy in a zone grew by, say, 40% over the past thirty years, while

20

peak loads grew by 30%, this suggests peak loads grow at about 75% of the rate of

21

economic growth (that is, an elasticity of peak load growth to economic growth of 0.75,

22

30%/40%). So if the economic forecast suggested economic growth would be 20% over

23

the coming ten years, the econometric approach would anticipate peak load growth of
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1

roughly 15% over that period (20% x 0.75). While econometric approaches are more

2

complex than this, this is the fundamental structure.

3

Note that this simple example also illustrates the importance of the chosen historical

4

period. While the example suggests an elasticity of 0.75 over the past thirty years,

5

perhaps the elasticity has been 0.5 over the past ten years (say, 10% economic growth

6

and 5% peak load growth). Then the forecasting approach would suggest 10% peak load

7

growth (20% x 0.5) rather than 15% over the coming ten years.

8
9

Q 34: Please summarize the recent economic forecasts used by the Company and PJM for
forecasting the DOM Zone.

10

A: Both the Company and PJM have used economic forecasts provided by Moody’s. Both

11

during the recession that began in around 2008, and for a few years following the

12

recession, Moody’s expected a very robust recovery in the U.S. economy. However, this

13

did not occur; instead, post-recession growth has been modest.

14

Moody’s forecasts have anticipated continued, modest economic growth going forward.

More recently, the

15

Q 35: If economic growth, and forecasts of future economic growth, have stabilized in

16

recent years, does this mean the current econometric forecasts should be more

17

accurate?

18

A: This should reduce the impact of the main cause of recent over-forecasting. However,

19

the inaccurate economic forecasts have not been the only cause of over-forecasting. As

20

shown in Figure JFW-D, peak loads have remained flat or fallen while the economic-

21

demographic measures have continued to rise. PJM has recently identified that this is

22

due to the increasing efficiency of electricity use, which has not been captured by the

23

econometric forecasting approaches.
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Q 36: Please elaborate on how PJM staff came to the conclusion that the increasing

2

efficiency of electricity use was not being captured by PJM’s peak load forecasting

3

methodology.

4

A: In the first few years following the recession, PJM staff believed the over-forecasting was

5

due to the inaccurate economic forecasts, and that, removing this source of error, their

6

forecasting approach was accurate. However, in around 2014, PJM staff determined that

7

the economic forecasts no longer explained the forecast error, and began an internal effort

8

to determine causes and design solutions. In March 2015, PJM staff initiated a process to

9

discuss the problem and its proposed solutions with PJM stakeholders through the PJM
Load Analysis Subcommittee (“LAS”).

10
11

Q 37: Was PJM able to identify enhancements to its forecasting approach that will
improve its accuracy?

12

A: Yes.

13

PJM evaluated a number of potential enhancements, and identified a few

14

enhancements that can be expected to improve accuracy. PJM evaluated the accuracy of

15

its forecasting with the recommended enhancements using various historical periods

16

across the many zones that it forecasts, and showed that the proposed enhancements

17

improve accuracy. See, for instance, slides 46 to 54 of PJM’s presentation to LAS on

18

September 2, 2015.10

10

PJM, Updates To Load Forecast Methodology, Load Analysis Subcommittee September 2, 2015, available at
http://www.pjm.com/~/media/committees-groups/subcommittees/las/20150902/20150902-item-04-forecastupdate.ashx
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Q 38: What was the result of this work by PJM staff and the LAS?

2

A: PJM’s recommended enhancements to its load forecasting methodology were endorsed

3

by the PJM Markets and Reliability Committee at its November 19, 2015 meeting with

4

no objections. The enhancements were reflected in the forecast documented in the 2016

5

PJM Load Forecast Report (January 2016).

6
7
8

Q 39: Please describe the main enhancements PJM made to its forecasting methodology in
2015.
A: The two most important changes were as follows:

9

1. New independent variables to capture past regional trends and forward-looking

10

forecasts of equipment and appliance efficiency and penetration. These variables are

11

prepared by Itron, Inc. based on U.S. Energy Information Administration (“EIA”)

12

data.

13

2. Improvements to the use of weather splines, to more accurately represent the

14

relationship between weather and loads during periods of extreme weather and high

15

loads.

16
17

Q 40: With these enhancements, do you expect PJM’s forecasts will no longer consistently
over-forecast future peak loads?

18

A: This is possible. However, while I believe these enhancements will improve the accuracy

19

of PJM’s forecasts and reduce the over-forecasting, PJM’s methodology likely will

20

continue to over-forecast peak loads for the PJM RTO and most of its zones, including

21

the DOM Zone. PJM continues to use historical data back to 1998 to estimate its model,

22

which, as noted above, will result in the model being slow to reflect more recent trends of

23

slowing peak load growth, which may have additional causes.
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Q 41: Please summarize your testimony with regard to the Company’s and PJM’s peak
load forecasting methodologies.

2
3

A: The Company and PJM employ similar methodologies. However, PJM has enhanced its

4

approach to better capture trends in equipment penetration and efficiency, which PJM has

5

shown will improve the accuracy of its forecasts. PJM’s methodology also uses a shorter

6

historical period, which will better reflect recent trends. I conclude that PJM’s peak load

7

forecasts are likely to be more accurate than the Company’s.

8
9

V.

LOAD FORECAST ADJUSTMENTS TO REFLECT ANTICIPATED DATA CENTER LOADS

10

Q 42: You mentioned that both the Company and PJM adjusted their forecasts to take

11

into account anticipated strong growth in data center loads. Please explain the

12

rationale for such adjustments.

13

A: In recent years a number of data centers have been constructed in Northern Virginia and

14

have been a major source of load growth in the DOM Zone. Additional construction and

15

expansion of data centers is expected in this area over the coming years. The Company

16

and PJM share a concern that their econometric forecasting approaches will fail to

17

accurately forecast the growth in such loads, because the trend is fairly recent. PJM has

18

been adjusting its forecast for the DOM Zone since its 2014 Load Forecast Report,

19

prepared in 2013 and published in January of 2014.
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Q 43: How did the Company and PJM determine the adjustments to apply for data center
load growth?

2
3

A: The Company and PJM both relied upon the same Quanta Technology report prepared in

4

2015 (“Quanta Report”).11 Previous adjustments were based on a similar analysis by

5

Quanta Technology in 2013.12 The 2015 Quanta Report provides forecasts of future data

6

center peak loads along with estimates of the amount of the load growth that is captured

7

by the type of econometric forecasting methods used by both the Company and PJM.

8

The Quanta Report then recommends adjusting the DOM Zone forecasts by the amount

9

of the anticipated increase in data center load that is not captured by the econometric

10

forecasting approaches. Both the Company and PJM applied such an adjustment based

11

on the Quanta Report.

12

Q 44: How certain is this forecast growth in data center loads?

13

A: The growth is highly uncertain; it could be considerably different from the forecast in

14

either direction. The Quanta Report notes (p. 13) that data center owners are “deliberately

15

optimistic in giving the utility completion dates and future loads”, because they want no

16

utility-side constraints on when they can get the power they need.

17

While it may be very likely that there will be strong growth in electric demand for data

18

centers in North America, it is highly uncertain exactly when and where that growth will

19

occur. For example, a recent report by Jones Lang LaSalle Inc. (“JLL”) noted anticipated

11

Quanta Technology, Dominion Northern Virginia Load Forecast Dominion Virginia Power, Oct. 23, 2015,
Attachment ER Set 2-28(a).
12
Quanta Technology, Dominion Northern Virginia Load Forecast Dominion Virginia Power, Oct. 17, 2013,
Attachment ER Set 3-46(a), included here in Attachment JFW-4.
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growth in data centers, but discussed sixteen locations across North America, in addition

2

to Northern Virginia, where data centers are being constructed.13

3

And a recent report by Lawrence Berkeley National Laboratory suggests that increasing

4

energy efficiency at data centers will result in little additional growth in their electricity

5

demands at the national level in the coming years, despite strong growth in the demand

6

for their services:14

7

The combination of these efficiency trends has resulted in a relatively steady U.S data

8

center electricity demand over the past 5 years, with little growth expected for the

9

remainder of this decade. It is important to note that this near constant electricity demand

10

across the decade is occurring while simultaneously meeting a drastic increase in demand

11

for data center services; data center electricity use would be significantly higher without

12

these energy efficiency improvements.

13
14

Q 45: How much of the data center load growth does the Company assume is already
captured by the Company’s econometric forecasting approach?

15
16

A: This is found by comparing the total forecast data center peak load growth (Table 4-5 of

17

the Quanta Report) to the recommended adjustment (Table 4-6). This reveals that the

18

Company has used the Quanta Report’s estimate that very little of the growth is captured

19

by the forecasting approach. Specifically, of 1,903 MW of data center peak load growth

13

Jones Lang LaSalle Inc., Data Center Outlook – Strong Demand, Smart Growth, 2016, available at
http://www.us.jll.com/united-states/en-us/research/7319/us-north-america-data-center-outlook-2016-jll.
14
U.S. Department of Energy, Ernest Orlando Lawrence Berkeley National Laboratory, United States Data Center
Energy Usage Report, June 2016 (LBNL-1005775), p. ES-2, available at http://eta.lbl.gov/sites/all/files/lbnl1005775_v2.pdf.

Wilson Direct Testimony

Page 19

1

expected from 2015 to 2025, the Quanta Report estimates that only 136 MW (7.1%) of

2

this growth is captured by the Company’s econometric approach. The Quanta Report

3

therefore recommends that the remainder (1,767 MW) should be added to the Company’s

4

forecast, and the Company has done so.

5

Q 46: You stated that PJM also adjusted its forecast for data center loads, based on the

6

same Quanta Technology report. Please describe how PJM adjusted its forecast.

7

A: PJM also adjusted its forecast; the values used are in Table B-9 of the 2016 Load

8

Forecast Report. PJM used a somewhat smaller adjustment than the Company (for

9

example, 730 MW for 2020, compared to 1,062 MW used by the Company), having

10

concluded that “Quanta’s projections are designed to capture the entire data center

11

industry but are significantly higher than can be supported by Dominion’s own detailed

12

projection.”15 The work by Quanta Technology resulted in multiple scenarios of future

13

data center loads, and PJM selected a more modest scenario.

14

Q 47: Does the Quanta Report’s forecast include data centers that are not served by DOM
LSE?

15
16

A: Yes; and many of the data centers are not served by DOM LSE. The Quanta Report

17

forecasts all data centers served through Dominion’s transmission system (p. 13), that is,

18

in the DOM Zone:

19

In particular, a significant amount of new data center load has

20

developed and much more has been announced in the service

15

PJM, Load Forecast Adjustment Guidelines – Dominion, December 10, 2015, p. 2, available at
http://www.pjm.com/~/media/committees-groups/subcommittees/las/20151210/20151210-item-05-load-forecastadjustment-dominion.ashx.
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territory of Northern Virginia Electric Company [sic] (NOVEC),

2

which provides retail electric service to some parts of northern

3

Virginia where Dominion Virginia Power does not. However,

4

Dominion Virginia Power provides power to the NOVEC’s

5

distribution system through its transmission system, so NOVEC

6

loads directly and entirely impact loading on the Dominion

7

Virginia Power system and thus need to be included in any forecast

8

used for transmission planning.

9

In its report on the data center adjustment, PJM noted that of the nine “Category II” data

10

centers that account for 600 MW of the forecasted growth to 2020, four are located in the

11

Northern Virginia Electric Cooperative sub-area and, accordingly, are not served by

12

DOM LSE.

13
14
15
16
17

Q 48: Did the Quanta Report or the Company identify the data center growth that will be
served by DOM LSE?
A: No. The Company’s estimate of “Other LSE” peak loads is discussed in the next section
of my testimony.
Q 49: What do you conclude with regard to these adjustments for data center loads?

18

A: An adjustment for data center load growth is reasonable in light of the substantial growth

19

in such loads in the DOM Zone in recent years, which is projected to continue and may

20

increase. The Company and PJM have applied somewhat different adjustments, and the

21

amount of data center load captured in their econometric analyses is also likely different;

22

PJM’s methodology, with a shorter historical period, likely captures more of the
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historical trend. Given the uncertainty about future data center loads, I believe PJM’s

2

more modest adjustment for data center loads is a reasonable and conservative approach.

3

Q 50: What is your conclusion and recommendation with respect to the peak load forecast
for the 2016 Plan?

4

A: I conclude that the Company’s forecast is very likely to be inaccurate and to overstate

5

future peak loads, and that PJM’s forecast is very likely to be more accurate.

6
7
8

VI.

9

Q 51: Please describe how the Company calculated its Total Resource Requirement

10
11

RESERVE MARGIN AND TOTAL RESOURCE REQUIREMENT CALCULATIONS

(“TRR”).
A: The annual TRR values shown in Figure 4.2.2.1 were apparently calculated as follows

12

(references are to 2016 Plan appendices):

13

1. The starting point was the Company’s forecast summer peak load for the DOM Zone

14

(Appendix 2G).

15

2. From the forecast DOM Zone summer peaks, the forecast peak loads of “other LSEs”

16

were deducted (2016 Plan p. 20) to determine the DOM LSE peak load “base

17

forecast” shown in Appendix 2I line 1a.

18

3. The DOM LSE “base forecast” was adjusted for conservation and efficiency

19

(Appendix 2I, line 2) and for a “peak adjustment” (Appendix 2I, line 5) to determine

20

the DOM LSE adjusted peak load shown at Appendix 2I line 6.

21
22

4. The reserve margin was determined using an “effective reserve margin” combining
two components:

Wilson Direct Testimony

Page 22

1

(1) a “coincidence factor”, to estimate the DOM LSE PJM RTO-coincident peak load

2

based on the non-coincident peak load. As described on page 64, this is done

3

because PJM capacity cost is allocated based on coincident peak load. The

4

coincidence factor used was the average of the ratio of coincident to non-

5

coincident DOM Zone peaks as reflected in PJM’s forecasts over 2016-2019

6

(0.9653).
(2) PJM’s recommended installed reserve margin for 2019 (16.5%). The resulting

7

effective reserve margin was 0.1246 (0.9653 x 1.165 – 1).

8
9

5. The effective reserve margin (0.1246) was multiplied by the DOM LSE adjusted peak

10

load (step 3 above) to determine the reserve margin in MW shown in Appendix 2J

11

line 1a.
6. The reserve margin was then added to the DOM LSE adjusted peak load to determine

12

the Total Resource Requirement.

13
14

Q 52: Does PJM follow these steps in determining capacity obligations?

15

A: No. PJM begins with its forecast of coincident peaks (Table B10 in its load forecast

16

reports), and determines capacity obligations on an “unforced” capacity (“UCAP”) basis

17

by applying its Forecast Pool Requirement (“FPR”) to the coincident peaks.16 The

18

installed reserve margin (16.5%) is not used to determine capacity obligations, which are

19

expressed in UCAP terms.

16

PJM, Planning Period Parameters for the 2019-2020 Base Residual Auction, tab 2019-2020 Parameters (showing
that the Reliability Requirement is calculated based on the FPR, and the installed capacity reserve margin is used
only in the calculations of the shape of the VRR curve), available at http://www.pjm.com/~/media/marketsops/rpm/rpm-auction-info/2019-2020-bra-planning-parameters.ashx.
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Q 53: How were the forecast peak loads of the Other LSEs in the DOM Zone (your Step 2)
determined?

2
3

A: The Company estimated the Other LSE peak loads using a regression of past DOM LSE

4

peaks compared to DOM Zone peaks. The details were provided in response to a data

5

request.17 The regression used peaks for DOM Zone and DOM LSE over 2006 through

6

2015. The Company then assumed DOM LSE over the coming years would represent the

7

same average fraction of DOM Zone peak load as it had over the historical period. The

8

implied Other LSE peak load is the difference between the DOM Zone peak and the

9

DOM LSE peak based on this method.

10

Q 54: Is this an accurate way to forecast the DOM LSE and Other LSE peaks?

11

A: No. The historical data shows that the peak loads of the Other LSEs in the DOM Zone

12

are generally rising faster than DOM LSE peak loads, and represent an increasing

13

fraction of the DOM Zone peak over time. This likely reflects, perhaps among other

14

factors, the strong growth in data center loads served by other LSEs in the DOM Zone.

15

The regression used by the Company to determine the DOM LSE peak loads captures this

16

trend. However, instead of using the regression to estimate the growing share of Other

17

LSE peak loads during the forecast period, the Company ignored the trend, and simply

18

applied the historical average throughout the forecast period.

17

Data Request Attachment ER-3-43(b).
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Q 55: What was the “peak adjustment” that was applied to the DOM LSE forecast (your
step 3)?

2
3

A: The “peak adjustment” reflects behind-the-meter generation (55 MW) and the results of

4

RPM auctions for 2016-2019.18 The forecast is essentially increased based on the amount

5

of excess capacity cleared in RPM auctions.

6

Q 56: Please comment on the peak adjustments.

7

A: I have not reviewed and have no comment on the behind-the-meter estimate. As to the

8

adjustment of the peak based on RPM auctions, this does not make sense (as I will

9

explain later in my testimony) and I have not included it in my estimates of TRRs.

10

Q 57: Are there other issues with the Company’s approach to calculating TRRs?
A: Yes, there are a few other issues that have small impacts.

11
12

1. The Company used a single coincidence factor (averaged over 2016-2019) for all

13

years. However, PJM forecasts coincident and non-coincident peaks by year, and the

14

coincidence factor varies from year to year.

15

2. The Company used a single reserve margin (16.5%) for all years. However, the PJM

16

study that identified this reserve margin recommended values by year through 2025,

17

and the values vary over time (they are lower for 2022 – 2025).19

18

Response to Data Request ER-3-35, included here in Attachment JFW-5.
PJM, 2015 Reserve Requirement Study, Table I-2 p. 14, available at http://www.pjm.com/~/media/planning/resadeq/2015-pjm-reserve-requirement-study.ashx.
19
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2

Q 58: Have you calculated the DOM LSE Total Resource Requirement correcting the
various issues you have identified?

3

A: Yes I have. While I would prefer to simply apply PJM’s approach, some of the data that

4

would be required is not available or available only on a non-coincident peak basis. So

5

my calculations follow the Company’s approach, with the various alternative forecasts

6

and corrections. My estimates of the DOM LSE TRR reflect the following differences

7

from the Company’s estimates:

8

1. I used PJM’s latest DOM Zone coincident peak load forecast (July 2016), extended

9

based on the ratio of coincident to non-coincident peaks in the January 2016 forecast.

10

2. I re-estimated Other LSE peak loads using the Company’s regression for this purpose.

11

3. I removed the peak adjustment for RPM results.

12

4. I used PJM’s annual installed reserve margin values.

13

The results of the calculation were shown above in Table 1.

14
15

Q 59: The 2016 Plan states (p. 63) that the Company, as a PJM member and signatory to

16

PJM’s Reliability Assurance Agreement (“RAA”), is obligated to own or procure

17

sufficient capacity to maintain overall system reliability. Is it correct that the RAA

18

obligates the Company to own or procure capacity?

19

A: No. PJM acquires commitments to provide the capacity needed for resource adequacy

20

through its Reliability Pricing Model (“RPM”) capacity construct. The RAA assigns

21

capacity responsibility for the purpose of allocating RPM costs to zones and to LSEs.

22

However, the RAA does not obligate any party to own or procure capacity; its references
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to “capacity obligations” ultimately have to do with cost allocation.20 Indeed, many

2

LSEs in PJM do not own capacity or have capacity under contract.

3

Q 60: The 2016 Plan (p. 65) also identifies an “upper bound reserve margin”, and states

4

that the Company may be required to meet this reserve margin in the future. Is this

5

correct?
A: No.

6

Again, PJM does not require acquisition of capacity or any particular reserve

7

margin. The relevant calculations are only for purposes of cost allocation.

8

The Company calculates this higher reserve margin noting that RPM has often resulted in

9

total capacity commitments in excess of reliability targets. But this is merely a result of

10

the sloped RPM capacity demand (“VRR”) curve used in the RPM auctions. The sloped

11

VRR curve ensures that when capacity is relatively scarce and costly, RPM’s auctions

12

will result in a relatively low amount of committed capacity and high capacity prices; and

13

when capacity is relatively abundant and low cost (as it has been in recent years), RPM

14

will result in a total amount of committed capacity in excess of resource adequacy

15

targets, and relatively low capacity prices. This approach sends a price signal about the

16

need for capacity.

17

Q 61: Would it be prudent for the Company to plan for the higher reserve margins that
often result from the RPM auctions?

18
19

A: No, that would not be prudent, and it would make no sense. When RPM results in excess

20

committed capacity, this occurs at a relatively low capacity price, signaling that capacity

21

is abundant and incremental capacity is not needed. Under such circumstances, while the

20

Response to Data Request ER-3-37.
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1

nominal amount of capacity to be allocated to zones and LSEs is higher, the total capacity

2

cost to be allocated is actually much lower. To the extent market participants expect

3

RPM to result in excess capacity at low cost, it would make more sense for market

4

participants to react to such a situation of abundance by planning relatively less, not

5

more, capacity.

6
7

Q 62: Please explain how, when RPM clears excess capacity, the total capacity cost is
actually lower.

8

A: Consider the following example, using the parameters from the most recent RPM base

9

residual auction. If RPM cleared at the target reliability requirement, the clearing price

10

would be $434.46/MW-day and the total market cost would be $25 billion. If instead, as

11

actually occurred, RPM clears a large excess at $100/MW-day, the total market cost

12

would be closer to $6 billion (ignoring higher prices in some zones). Thus, when RPM

13

clears excess capacity, it results in less, not more capacity cost allocated to Dominion and

14

other LSEs.

15

Q 63: The 2016 Plan also suggests (pp. 65-66) that it may be prudent to plan for a higher

16

reserve margin at this time, because potential retirements cause uncertainty. Do

17

you agree?

18

A: No.

While there have been many retirements in PJM, they have occurred in an

19

environment of low prices, excess capacity, and robust entry by new gas-fired generation.

20

Demand response, wind, and solar resources are also increasing, as costs decline.

21

The retirements reflect older, mainly coal-fired plants that have become uneconomic and

22

essentially been pushed into retirement by new, lower cost resources. Retirements are

23

not the driver, they are an outcome of the entry of low-cost resources.
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1

VII.

2

Q 64: Please summarize your conclusions with regard to the peak load forecast and Total

3

CONCLUSIONS AND RECOMMENDATIONS

Resource Requirement values used in the 2016 Plan.

4

A: I conclude that the peak load values are too high, and the Other LSE peaks are

5

understated. More accurate estimates of peak loads, based on PJM’s forecasts, and of

6

TRR values are shown in Table 1 above.

7
8
9

Q 65: Do you have other recommendations with regard to the load forecasts used in
Integrated Resource Plans?
A: Yes. With regard to the peak load forecast, I recommend that the Commission consider

10

requiring the following of the Company, in future plans:

11

1. To use the econometric forecasting models to forecast future loads exclusive of data

12

centers loads (by removing historical data center loads from the database, and

13

applying the models to forecast all other loads), in addition to preparing a separate

14

forecast for data center loads, as recommended by Quanta Technology in its 2013

15

report (p. 33).

16

2. To present recent weather-normalized peak loads for the Dominion zone (either

17

prepared by the Company, or PJM’s estimates), and to discuss recent trends in

18

weather-normalized peak loads.

19

3. To present load forecasts determined using 20- and 10-year historical estimation

20

periods, in addition to the longer period currently used, and to provide a rationale for

21

the choice of historical period.
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1

4. To consider enhancing the methodology along the lines of the enhancements

2

implemented by PJM in 2015 (in particular, to capture trends in energy efficiency),

3

and, to the extent similar enhancements are not adopted, to explain why not.

4

Q 66: Do you have other recommendations with regard to the calculation of TRRs used in

5
6

Integrated Resource Plans?
A: Yes. With regard to the calculation of TRRs, I recommend that the Commission consider

7

requiring the following of the Company, in future plans:

8

1. To provide an explicit forecast of the peak loads of Other LSEs in the DOM Zone,

9

with a discussion of recent trends and how the forecast was prepared.

10

2. To use PJM’s Forecast Pool Requirement (“FPR”) values, applied to a forecast of

11

coincident peak loads, to determine the TRR in unforced capacity terms, consistent

12

with how PJM allocates capacity cost, and to present TRRs in installed capacity

13

terms, if needed, by applying a DOM LSE resource average forced outage rate, again

14

consistent with PJM’s approach.

15
16

Q 67: Does this complete your testimony?
A: Yes it does.
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Figure JFW-A: DOM Zone Actual Peak Loads
(unrestricted, non-coincident summer peak loads; MW)
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Figure JFW-B: DOM Zone Weather-Normalized Peak Loads
(unrestricted, non-coincident summer peak loads; MW)
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Figure JFW-C: DOM Zone Peak Load Forecast from the 2016 Plan
(unrestricted, non-coincident summer peak loads; MW)
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Figure JFW-D: DOM Zone Peak Load and Economic Forecasts
(unrestricted, non-coincident summer peak loads; MW)
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Figure JFW-E: PJM's DOM Zone Peak Load Forecasts
(unrestricted, non-coincident summer peak loads; MW)
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Sources: IRP App. 2G; PJM. The July 2016 update provided coincident peaks to 2019; the non-coincident
series is estimated based on the ratio of coincident to non-coincident forecasts in the January 2016 forecast.
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James F. Wilson
Principal, Wilson Energy Economics
4800 Hampden Lane Suite 200
Bethesda, Maryland 20814 USA
Phone: (240) 482-3737
Cell:
(301) 535-6571
Fax:
(240) 482-3759
Email: jwilson@wilsonenec.com
www.wilsonenec.com

SUMMARY
James F. Wilson is an economist with 30 years of consulting experience, primarily in the electric power
and natural gas industries. Many of his assignments have pertained to the economic and policy issues
arising from the interplay of competition and regulation in these industries, including restructuring policies,
market design, market analysis and market power. Other recent engagements have involved resource
adequacy and capacity markets, contract litigation and damages, forecasting and market evaluation,
pipeline rate cases and evaluating allegations of market manipulation. Mr. Wilson has been involved in
electricity restructuring and wholesale market design for over twenty years in California, PJM, New
England, Russia and other regions. He also spent five years in Russia in the early 1990s advising on the
reform, restructuring and development of the Russian electricity and natural gas industries.
Mr. Wilson has submitted affidavits and testified in Federal Energy Regulatory Commission and state
regulatory proceedings. His papers have appeared in the Energy Journal, Electricity Journal, Public
Utilities Fortnightly and other publications, and he often presents at industry conferences.
Prior to founding Wilson Energy Economics, Mr. Wilson was a Principal at LECG, LLC. He has also
worked for ICF Resources, Decision Focus Inc., and as an independent consultant.

EDUCATION
MS, Engineering-Economic Systems, Stanford University, 1982
BA, Mathematics, Oberlin College, 1977
RECENT ENGAGEMENTS
x
x
x
x
x
x
x
x
x
x
x
x

Various consulting assignments on wholesale electric capacity market design issues in PJM, New
England, the Midwest, Texas, and California.
Cost-benefit analysis of a new natural gas pipeline.
Evaluation of the impacts of demand response on electric generation capacity mix and emissions.
Panelist on a FERC technical conference on capacity markets.
Affidavit on the potential for market power over natural gas storage.
Executive briefing on wind integration and linkages to short-term and longer-term resource
adequacy approaches.
Affidavit on the impact of a centralized capacity market on the potential benefits of participation in
a Regional Transmission Organization (RTO).
Participated in a panel teleseminar on resource adequacy policy and modeling.
Affidavit on opt-out rules for centralized capacity markets.
Affidavits on minimum offer price rules for RTO centralized capacity markets.
Evaluated electric utility avoided cost in a tax dispute.
Advised on pricing approaches for RTO backstop short-term capacity procurement.
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x
x
x
x
x
x
x
x
x
x

Affidavit evaluating the potential impact on reliability of demand response products limited in the
number or duration of calls.
Evaluated changing patterns of natural gas production and pipeline flows, developed approaches
for pipeline tolls and cost recovery.
Evaluated an electricity peak load forecasting methodology and forecast; evaluated regional
transmission needs for resource adequacy.
Participated on a panel teleseminar on natural gas price forecasting.
Affidavit evaluating a shortage pricing mechanism and recommending changes.
Testimony in support of proposed changes to a forward capacity market mechanism.
Reviewed and critiqued an analysis of the economic impacts of restrictions on oil and gas
development.
Advised on the development of metrics for evaluating the performance of Regional Transmission
Organizations and their markets.
Prepared affidavit on the efficiency benefits of excess capacity sales in readjustment auctions for
installed capacity.
Prepared affidavit on the potential impacts of long lead time and multiple uncertainties on clearing
prices in an auction for standard offer electric generation service.

EARLIER PROFESSIONAL EXPERIENCE
LECG, LCC, Washington, DC 1998–2009.
Principal
x
x
x
x

x
x
x
x
x
x
x
x
x
x
x
x
x

Reviewed and commented on an analysis of the target installed capacity reserve margin for the
Mid Atlantic region; recommended improvements to the analysis and assumptions.
Evaluated an electric generating capacity mechanism and the price levels to support adequate
capacity; recommended changes to improve efficiency.
Analyzed and critiqued the methodology and assumptions used in preparation of a long run
electricity peak load forecast.
Evaluated results of an electric generating capacity incentive mechanism and critiqued the
mechanism’s design; prepared a detailed report. Evaluated the impacts of the mechanism’s flaws
on prices and costs and prepared testimony in support of a formal complaint.
Analyzed impacts and potential damages of natural gas migration from a storage field.
Evaluated allegations of manipulation of natural gas prices and assessed the potential impacts of
natural gas trading strategies.
Prepared affidavit evaluating a pipeline’s application for market-based rates for interruptible
transportation and the potential for market power.
Prepared testimony on natural gas industry contracting practices and damages in a contract
dispute.
Prepared affidavits on design issues for an electric generating capacity mechanism for an eastern
US regional transmission organization; participated in extensive settlement discussions.
Prepared testimony on the appropriateness of zonal rates for a natural gas pipeline.
Evaluated market power issues raised by a possible gas-electric merger.
Prepared testimony on whether rates for a pipeline extension should be rolled-in or incremental
under Federal Energy Regulatory Commission (“FERC”) policy.
Prepared an expert report on damages in a natural gas contract dispute.
Prepared testimony regarding the incentive impacts of a ratemaking method for natural gas
pipelines.
Prepared testimony evaluating natural gas procurement incentive mechanisms.
Analyzed the need for and value of additional natural gas storage in the southwestern US.
Evaluated market issues in the restructured Russian electric power market, including the need to
introduce financial transmission rights, and policies for evaluating mergers.
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x
x
x
x
x
x
x

x

x
x
x
x
x
x
x
x
x
x
x
x
x

Affidavit on market conditions in western US natural gas markets and the potential for a new
merchant gas storage facility to exercise market power.
Testimony on the advantages of a system of firm, tradable natural gas transmission and storage
rights, and the performance of a market structure based on such policies.
Testimony on the potential benefits of new independent natural gas storage and policies for
providing transmission access to storage users.
Testimony on the causes of California natural gas price increases during 2000-2001 and the
possible exercise of market power to raise natural gas prices at the California border.
Advised a major US utility with regard to the Federal Energy Regulatory Commission’s proposed
Standard Market Design and its potential impacts on the company.
Reviewed and critiqued draft legislation and detailed market rules for reforming the Russian
electricity industry, for a major investor in the sector.
Analyzed the causes of high prices in California wholesale electric markets during 2000 and
developed recommendations, including alternatives for price mitigation. Testimony on price
mitigation measures.
Summarized and critiqued wholesale and retail restructuring and competition policies for electric
power and natural gas in select US states, for a Pacific Rim government contemplating energy
reforms.
Presented testimony regarding divestiture of hydroelectric generation assets, potential market
power issues, and mitigation approaches to the California Public Utilities Commission.
Reviewed the reasonableness of an electric utility’s wholesale power purchases and sales in a
restructured power market during a period of high prices.
Presented an expert report on failure to perform and liquidated damages in a natural gas contract
dispute.
Presented a workshop on Market Monitoring to a group of electric utilities in the process of
forming an RTO.
Authored a report on the screening approaches used by market monitors for assessing exercise
of market power, material impacts of conduct, and workable competition.
Developed recommendations for mitigating locational market power, as part of a package of
congestion management reforms.
Provided analysis in support of a transmission owner involved in a contract dispute with
generators providing services related to local grid reliability.
Authored a report on the role of regional transmission organizations in market monitoring.
Prepared market power analyses in support of electric generators’ applications to FERC for
market-based rates for energy and ancillary services.
Analyzed western electricity markets and the potential market power of a large producer under
various asset acquisition or divestiture strategies.
Testified before a state commission regarding the potential benefits of retail electric competition
and issues that must be addressed to implement it.
Prepared a market power analysis in support of an acquisition of generating capacity in the New
England market.
Advised a California utility regarding reform strategies for the California natural gas industry,
addressing market power issues and policy options for providing system balancing services.

ICF RESOURCES, INC., Fairfax, VA, 1997–1998.
Project Manager
x
x
x

Reviewed, critiqued and submitted testimony on a New Jersey electric utility’s restructuring
proposal, as part of a management audit for the state regulatory commission.
Assisted a group of US utilities in developing a proposal to form a regional Independent System
Operator (ISO).
Researched and reported on the emergence of Independent System Operators and their role in
reliability, for the Department of Energy.
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x

x

x
x

Provided analytical support to the Secretary of Energy’s Task Force on Electric System Reliability
on various topics, including ISOs. Wrote white papers on the potential role of markets in ensuring
reliability.
Recommended near-term strategies for addressing the potential stranded costs of non-utility
generator contracts for an eastern utility; analyzed and evaluated the potential benefits of various
contract modifications, including buyout and buydown options; designed a reverse auction
approach to stimulating competition in the renegotiation process.
Designed an auction process for divestiture of a Northeastern electric utility’s generation assets
and entitlements (power purchase agreements).
Participated in several projects involving analysis of regional power markets and valuation of
existing or proposed generation assets.

IRIS MARKET ENVIRONMENT PROJECT, 1994–1996.
Project Director, Moscow, Russia
Established and led a policy analysis group advising the Russian Federal Energy Commission and
Ministry of Economy on economic policies for the electric power, natural gas, oil pipeline,
telecommunications, and rail transport industries (the Program on Natural Monopolies, a project of the
IRIS Center of the University of Maryland Department of Economics, funded by USAID):
x
x

x
x

Advised on industry reforms and the establishment of federal regulatory institutions.
Advised the Russian Federal Energy Commission on electricity restructuring, development of a
competitive wholesale market for electric power, tariff improvements, and other issues of electric
power and natural gas industry reform.
Developed policy conditions for the IMF's $10 billion Extended Funding Facility.
Performed industry diagnostic analyses with detailed policy recommendations for electric power
(1994), natural gas, rail transport and telecommunications (1995), oil transport (1996).

Independent Consultant stationed in Moscow, Russia, 1991–1996
Projects for the WORLD BANK, 1992-1996:
x
x
x
x
x
x

Bank Strategy for the Russian Electricity Sector. Developed a policy paper outlining current
industry problems and necessary policies, and recommending World Bank strategy.
Russian Electric Power Industry Restructuring. Participated in work to develop recommendations
to the Russian Government on electric power industry restructuring.
Russian Electric Power Sector Update. Led project to review developments in sector
restructuring, regulation, demand, supply, tariffs, and investment.
Russian Coal Industry Restructuring. Analyzed Russian and export coal markets and developed
forecasts of future demand for Russian coal.
World Bank/IEA Electricity Options Study for the G-7. Analyzed mid- and long-term electric power
demand and efficiency prospects and developed forecasts.
Russian Energy Pricing and Taxation. Developed recommendations for liberalizing energy
markets, eliminating subsidies and restructuring tariffs for all energy resources.

Other consulting assignments in Russia, 1991–1994:
x
x

Advised on projects pertaining to Russian energy policy and the transition to a market economy in
the energy industries, for the Institute for Energy Research of the Russian Academy of Sciences.
Presented seminars on the structure, economics, planning, and regulation of the energy and
electric power industries in the US, for various Russian clients.
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DECISION FOCUS INC., Mountain View, CA, 1983–1992
Senior Associate, 1985-1992.
x

x
x

x
x
x
x
x
x

x
x

For the Electric Power Research Institute, led projects to develop decision-analytic methodologies
and models for evaluating long term fuel and electric power contracting and procurement
strategies. Applied the methodologies and models in numerous case studies, and presented
several workshops and training sessions on the approaches.
Analyzed long-term and short-term natural gas supply decisions for a large California gas
distribution company following gas industry unbundling and restructuring.
Analyzed long term coal and rail alternatives for a midwest electric utility, including alternative
coal supply regions, suppliers and contract structures; spot/contract mix; rail arrangements;
power purchases; conversion to gas.
Evaluated bulk power purchase alternatives and strategies for a New Jersey electric utility.
Performed a financial and economic analysis of a proposed hydroelectric project.
For a natural gas pipeline company serving the Northeastern US, forecasted long-term natural
gas supply and transportation volumes. Developed a forecasting system for staff use.
Analyzed potential benefits of diversification of suppliers for a natural gas pipeline company.
Evaluated uranium contracting strategies for an electric utility.
Analyzed telecommunications services markets under deregulation, developed and implemented
a pricing strategy model. Evaluated potential responses of residential and business customers to
changes in the client's and competitors' telecommunications services and prices.
Analyzed coal contract terms and supplier diversification strategies for an eastern electric utility.
Analyzed oil and natural gas contracting strategies for an electric utility.

TESTIMONY AND AFFIDAVITS
In the Matter of the Application of DTE Electric Company for Authority to Implement a Power Supply
Cost Recovery Plan in its Rate Schedules for 2016 Metered Jurisdictional Sales of Electricity,
Michigan Public Service Commission Case No. U-17920, Direct Testimony on behalf of Michigan
Environmental Council and the Sierra Club, March 14, 2016.
In the Matter of the Application Seeking Approval of Ohio Power Company’s Proposal to Enter into
an Affiliate Power Purchase Agreement for Inclusion in the Power Purchase Agreement Rider, Public
Utilities Commission of Ohio Case No. 14-1693-EL-RDR: Direct Testimony on Behalf of the Office of
the Ohio Consumers’ Counsel, September 11, 2015; deposition, September 30, 2015; supplemental
deposition, October 16, 2015; testimony at hearings, October 21, 2015; supplemental testimony
December 28, 2015; second supplemental deposition, December 30, 2015; testimony at hearings
January 8, 2016.
Indicated Market Participants v. PJM Interconnection, L.L.C., FERC Docket No. EL15-88, Affidavit on
behalf of the Joint Consumer Representatives and Interested State Commissions, August 17, 2015.
ISO New England Inc. and New England Power Pool Participants Committee, FERC Docket No.
ER15-2208, Testimony on Behalf of the New England States Committee on Electricity, August 5,
2015.
Joint Consumer Representatives v. PJM Interconnection, L.L.C., FERC Docket No. EL15-83,
Affidavit in Support of the Motion to Intervene and Comments of the Public Power Association of
New Jersey, July 20, 2015.
In the Matter of the Tariff Revisions Filed by ENSTAR Natural Gas Company, a Division of SEMCO
Energy, Inc., Regulatory Commission of Alaska Case No. U-14-111, Testimony on Behalf of
Matanuska Electric Association, Inc., May 13, 2015.
In the Matter of the Application of Ohio Edison Company, The Cleveland Electric Illuminating
Company and The Toledo Edison Company for Authority to Provide for a Standard Service Offer
Pursuant to R.C. 4928.143 in the Form of an Electric Security Plan, Public Utilities Commission of
Ohio Case No. 14-1297-EL-SSO: Direct Testimony on Behalf of the Office of the Ohio Consumers’
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Counsel and Northeast Ohio Public Energy Council, December 22, 2014; deposition, February 10,
2015; supplemental testimony May 11, 2015; second deposition May 26, 2015; testimony at
hearings, October 2, 2015; second supplemental testimony December 30, 2015; third deposition
January 8, 2016; testimony at hearings January 19, 2016; rehearing direct testimony June 22, 2016;
fourth deposition July 5, 2016; testimony at hearings July 14, 2016.
PJM Interconnection, L.L.C., FERC Docket No. ER14-2940 (RPM Triennial Review), Affidavit in
Support of the Protest of the PJM Load Group, October 16, 2014.
In the Matter of the Application of Duke Energy Ohio for Authority to Establish a Standard Service
Offer in the Form of an Electric Security Plan, Public Utilities Commission of Ohio Case No. 14-841EL-SSO: Direct Testimony on Behalf of the Office of the Ohio Consumers’ Counsel, September 26,
2014; deposition, October 6, 2014; testimony at hearings, November 5, 2014.
In the Matter of the Application of Ohio Power Company for Authority to Establish a Standard Service
Offer in the Form of an Electric Security Plan, Public Utilities Commission of Ohio Case No. 13-2385EL-SSO: Direct Testimony on Behalf of the Office of the Ohio Consumers’ Counsel, May 6, 2014;
deposition, May 29, 2014; testimony at hearings, June 16, 2014.
PJM Interconnection, L.L.C., FERC Docket No. ER14-504 (Clearing of Demand Response in RPM),
Affidavit in Support of the Protest of the Joint Consumer Advocates and Public Interest
Organizations, December 20, 2013.
New England Power Generators Association, Inc. v. ISO New England Inc., FERC Docket No. EL147, Testimony in Support of the Protest of the New England States Committee on Electricity,
November 27, 2013.
Midwest Independent Transmission System Operator, Inc., FERC Docket No. ER11-4081, Affidavit
In Support of Brief of the Midwest TDUs, October 11, 2013.
ANR Storage Company, FERC Docket No. RP12-479, Prepared Answering Testimony on behalf of
the Joint Intervenor Group, April 2, 2013; Prepared Cross-answering Testimony, May 15, 2013;
testimony at hearings, September 4, 2013.
In the Matter of the Application of The Dayton Power and Light Company for Approval of its Market
Rate Offer, Public Utilities Commission of Ohio Case No. 12-426-EL-SSO: Direct Testimony on
Behalf of the Office of the Ohio Consumers’ Counsel, March 5, 2013; deposition, March 11, 2013.
PJM Interconnection, L.L.C., FERC Docket No. ER13-535 (Minimum Offer Price Rule), Affidavit in
Support of the Protest and Comments of the Joint Consumer Advocates, December 28, 2012.
In the Matter of the Application of Ohio Edison Company, et al for Authority to Provide for a Standard
Service Offer in the Form of an Electric Security Plan, Public Utilities Commission of Ohio Case No.
12-1230-EL-SSO: Direct Testimony on Behalf of the Office of the Ohio Consumers’ Counsel, May
21, 2012; deposition, May 30, 2012; testimony at hearings, June 5, 2012.
PJM Interconnection, L.L.C., FERC Docket No. ER12-513, Affidavit in Support of Protest of the Joint
Consumer Advocates and Demand Response Supporters (changes to RPM), December 22, 2011.
People of the State of Illinois ex rel. Leon A. Greenblatt, III v Commonwealth Edison Company,
Circuit Court of Cook County, Illinois, deposition, September 22, 2011; interrogatory, Feb. 22, 2011.
In the Matter of the Application of Union Electric Company for Authority to Continue the Transfer of
Functional Control of Its Transmission System to the Midwest Independent Transmission System
Operator, Inc., Missouri PSC Case No. EO-2011-0128, Testimony in hearings, February 9, 2012;
Rebuttal Testimony and Response to Commission Questions On Behalf Of The Missouri Joint
Municipal Electric Utility Commission, September 14, 2011.
PJM Interconnection, L.L.C., and PJM Power Providers Group v. PJM Interconnection, L.L.C., FERC
Docket Nos. ER11-2875 and EL11-20 (Minimum Offer Price Rule), Affidavit in Support of Protest of
New Jersey Division of Rate Counsel, March 4, 2011, and Affidavit in Support of Request for
Rehearing and for Expedited Consideration of New Jersey Division of Rate Counsel, May 12, 2011.
PJM Interconnection, L.L.C., FERC Docket No. ER11-2288 (Demand response “saturation” issue),
Affidavit in Support of Protest and Comments of the Joint Consumer Advocates, December 23, 2010.
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North American Electric Reliability Corporation, FERC Docket No. RM10-10, Comments on
Proposed Reliability Standard BAL-502-RFC-02: Planning Resource Adequacy Analysis,
Assessment and Documentation, December 23, 2010.
In the Matter of the Reliability Pricing Model and the 2013/2014 Delivery Year Base Residual Auction
Results, Maryland Public Service Commission Administrative Docket PC22, Comments and
Responses to Questions On Behalf of Southern Maryland Electric Cooperative, October 15, 2010.
PJM Interconnection, L.L.C., FERC Docket No. ER09-1063-004 (PJM compliance filing on pricing
during operating reserve shortages): Affidavit In Support of Comments and Protest of the
Pennsylvania Public Utility Commission, July 30, 2010.
ISO New England, Inc. and New England Power Pool, FERC Docket No. ER10-787-000 on Forward
Capacity Market Revisions: Direct Testimony On Behalf Of The Connecticut Department of Public
Utility Control, March 30, 2010; Direct Testimony in Support of First Brief of the Joint Filing
Supporters, July 1, 2010; Supplemental Testimony in Support of Second Brief of the Joint Filing
Supporters, September 1, 2010.
PJM Interconnection, L.L.C., FERC Docket No. ER09-412-006: Affidavit In Support of Protest of
Indicated Consumer Interests, January 19, 2010.
In the Matter of the Application of Ohio Edison Company, et al for Approval of a Market Rate Offer to
Conduct a Competitive Bidding Process for Standard Service Offer Electric Generation Supply,
Public Utilities Commission of Ohio Case No. 09-906-EL-SSO: Direct Testimony on Behalf of the
Office of the Ohio Consumers’ Counsel, December 7, 2009; deposition, December 10, 2009,
testimony at hearings, December 22, 2009.
Application of PATH Allegheny Virginia Transmission Corporation for Certificates of Public
Convenience and Necessity to Construct Facilities: 765 kV Transmission Line through Loudon,
Frederick and Clarke Counties, Virginia State Corporation Commission Case No. PUE-2009-00043:
Direct Testimony on Behalf of Commission Staff, December 8, 2009.
PJM Interconnection, L.L.C., FERC Docket No. ER09-412-000: Affidavit On Proposed Changes to
the Reliability Pricing Model On Behalf Of RPM Load Group, January 9, 2009; Reply Affidavit,
January 26, 2009.
PJM Interconnection, L.L.C., FERC Docket No. ER09-412-000: Affidavit In Support of the Protest
Regarding Load Forecast To Be Used in May 2009 RPM Auction, January 9, 2009.
Maryland Public Service Commission et al v. PJM Interconnection, L.L.C., FERC Docket No. EL0867-000: Affidavit in Support Complaint of the RPM Buyers, May 30, 2008; Supplemental Affidavit,
July 28, 2008.
PJM Interconnection, L.L.C., FERC Docket No. ER08-516: Affidavit On PJM’s Proposed Change To
RPM Parameters On Behalf Of RPM Buyers, March 6, 2008.
PJM Interconnection, L.L.C., Reliability Pricing Model Compliance Filing, FERC Docket Nos. ER051410 and EL05-148: Affidavit Addressing RPM Compliance Filing Issues on Behalf of the Public
Power Association of New Jersey, October 15, 2007.
TXU Energy Retail Company LP v. Leprino Foods Company, Inc., US District Court for the Northern
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1 - Executive Summary and Introduction
This report describes a project to analyze and forecast the impact of the data center industry on
the electric peak load growth in the Northern Virginia area of Dominion Virginia Power’s service
territory in the period 2016 – 2023, and into the possibility that load forecasts being used for
transmission planning for that period underestimate the impact that that industry’s continued
growth will have on peak load growth. This work was performed by Quanta Technology under
contract to Dominion Virginia Power. The work was performed by a project team with extensive
experience in electric utility load forecasting including data center analysis and forecasting for
FPL, SCE, PGE, and Duke Power as well as many other domestic and some foreign utilities and
governments.
Data center peak load in Northern Virginia has grown from next to nothing to 351 MW (2012) in
only eight years.

New data centers currently under construction, and those announced for

construction over the next two years by operators with credible track records, leave little doubt
the rapid pace of growth will continue through 2015. The focus of this report is therefore on the
time period beginning in 2016.
Data centers have extremely high load densities – an order of magnitude higher than other
industries in comparable-size buildings. This means they are of considerable importance to
electric utilities and the planning of utility power systems. Data centers also have a number of
other characteristics – an extremely low number of employees per site, relatively little interaction
with local and surrounding businesses and services, and a product shipped in and out
electronically – that make them almost invisible in the county-by-county or state-by-state
econometric/demographic trend datasets provided by services like Moody’s Econometrics,
Woods and Poole and some state governments. These datasets provide the foundations for the
load forecasting models most widely used in the power industry including the PJM methodology
that provides the basis for the transmission planning forecasts used by Dominion Virginia Power.
For this reason some utilities that have seen substantial data center growth in recent years,
including Dominion Virginia Power, are concerned that the peak load forecasts they use for
system planning may not have correctly projected the expected continuation of aggressive data
center growth in their service territories.
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The Quanta Technology project team analyzed the data center industry’s recent growth in
Northern Virginia and forecast its most likely course of future growth in the 2016 - 2023 time
period. The work concluded that data center growth in Northern Virginia can be expected to
continue to be extremely strong for at least another decade, and that very likely the PJM-forecast
driven peak load projection used by Dominion Virginia Power’s transmission planners
underestimates the expected levels of peak load for Northern Virginia by year 2023 by nearly 900
MW.
This report provides background information on the data center industry and data center loads and
load growth characteristics, describes the growth of that industry in Northern Virginia, and
explains the project team’s forecast of continuing data center growth in that region (Section 2).
Section 3 then reports on examinations of the transmission planning forecast used by Dominion
Virginia Power, and a forecast methodology test, that led the forecast team to conclude that
slightly more than 60% of data center peak load growth expected by 2023 is not included in the
forecast currently being used. Finally, Section 4 gives the project team’s overall conclusions and
recommendations, including year-by-year peak load estimates of that missing margin of data
center growth that can be added to forecasts used for transmission planning or other similar
purposes by Dominion Virginia Power and PJM to correct for this under-forecasting.
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2 - Data Centers and Data Center Growth in Northern Virginia
Data centers, also called data warehouses or server farms or warehouses, are industrial-scale
facilities built to serve the internet, cloud computing, and business and institutional sectors of the
economy as storage and transportation hubs for electronic data and data transfer. In only the last
dozen years, this industry has gone from next to nothing as regards the number of large, purposebuilt industrial-scale facilities to a major industry that, among other things, represents a very
noticeable portion of the total electric peak demand of some utilities in the US.

2.1 Development and Growth of the Data Center Industry
“Data centers” in some form have existed as long as there has been a computing industry and
certainly as long as there has been an internet. However, prior to the beginning of this century,
most “data centers” were small closet-, room- or multi-room server facilities in office,
institutional, or government buildings that had been fitted out to accommodate the needs of and
owned and operated by that business or institution.
Beginning roughly at the beginning of this century, industrial-scale data centers – entire buildings
devoted to nothing but this function – began to be built at sites throughout the US and the rest of
the world to serve the growing public and government demand for internet services, cloud, and
portable computing. Many of these large, industrial-scale data centers were owned and operated
by very large commercial or industrial companies or government owners for their own use. Many
others were “co-location” centers which rented data center capacity in either a wholesale or retail
manner to users who wanted it. It is these large, industrial-scale data centers that are the focus of
the work covered by this report. Throughout the rest of this report, the term data center will refer
only to an entire building dedicated solely to data-center service, whether serving exclusively just
the needs of the government or the company that owns it, or providing co-location services.
Figure 1 shows the growth of data centers in the US developed by the project team from industry
data. The nearly three-to-one discrepancy in total number among sources is because some
industry analysts refer to an address with multiple data-center buildings as a single data center,
while others count each building as a separate data center. 1

1

For example, the data center industry watch group datacentermap.com counts Latisys-Ashburn’s multiple
buildings at addresses from 20147 to 21635 Red Run Drive in Ashburn, VA, as a single data center.
Dominion Virginia Power records indicate four separate data-center buildings with four separately-tracked
services provided at just the 21635 address alone.
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Figure 1: Count of industrial-scale data centers operating in the US as developed from three
sources. Datacentermap.com counts all buildings at an address or adjacent addresses as a single
“center.” Data developed from Cisco data as well as Quanta Technology’s study counts
individual service locations. All three show an exponential trend of growth with 3X growth over
the period 2007 – 2012.

Data Centers. From the outside industrial-scale data centers data centers most often look like
warehouses or large distribution centers – low, wide and long windowless buildings built with
efficiency and low cost in mind and with little regard for esthetics.2 Inside they are filled with
tightly packed floor-to-ceiling racks of servers, memory and digital switching units – equipment
needed to fulfill their mission. They have extraordinarily large chiller (air conditioning) systems
compared to other buildings of comparable size, because their dense electronics create truly
prodigious amounts of heat that must be removed lest that equipment overheat to the point that it

2

When necessary data centers can and have been built as multi-story buildings, as a very few have been in
southern Florida, Europe, and South America. However, the economics of data center design, particularly
the accommodation of the most recent modular server-rack designs and the arrangement of cooling systems
– a significant factor in their design - favor a low building with a large roof area. The industry is usually
successful at finding low-cost industrial park sites that permit it to build single-story data centers.
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does not function well, or is ruined. Chiller and ancillary systems account for over half the load
at many facilities.
Very High and Very High Density Loads. As a result of both the high density of electronic
equipment and the large chiller units needed, data centers have among the highest load densities
of any type of industry. Load densities can be as high as 100 watts per square foot of building
space, or roughly ten times the maximums seen in many other industries. Furthermore, data
centers do not require extensive parking lots or set-backs like most other commercial and
industrial buildings, so the relative load density on a per-address basis compared to other types of
load is higher still. A modestly-sized data center located in a site that would meet the needs of a
typical suburban grocery store might have a peak demand up to 40 times that of the grocery store.
The largest data centers, those the size of a Big-Box retail chain distribution center, may have a
peak demand exceeding 50 MW.
Very High Load Factor. Like many other heavy industrial activities, data centers run at nearly
full capacity almost every hour of every day. As a result their electric demand varies little from
hour to hour or day to day. Load factor - the ratio of average hourly use to peak hourly usage - is
roughly twice that of many other loads: roughly 97% as opposed to around 54% – 40% for many
other types of commercial and industrial electric load.
Geographic Clustering and Modular-Unit Growth Characteristics. Although the data center
industry has in the most part been able to find relatively inexpensive land on which to build the
vast majority of centers built to date, it does have very specific needs as to location. For reasons
analogous to why power generation owners want to locate their plants near major transmission
lines, data centers owners want to locate their facilities near major data-com transmission
corridors, where buried fiber, etc., provides the highest levels of bandwidth and internet access.
Proximity to Data Center Demand. Although the internet is everywhere and user demand can
to a great extent be accommodated by a server regardless of location, there are definite technical
and business reasons why data center owners want to locate data centers relatively near areas of
high demand for their service. Part of the reason is that doing so reduces data-com tolling
charges and potential problems in much the same way proximity of generation to major load
centers reduces the likelihood of high transmission fees and congestion problems. In addition
some large commercial and institutional users have technical issues related to the timing and
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synchronization of their computing needs that constrain where they need to add capacity to best
serve their needs.
Secure or confidential Sites. In Quanta Technology’s experience, and as determined by an
examination of data center industry website databases, roughly 20% of data center owners
consider their data center and its operation confidential to the extent that they limit the
information they disclose about the site, its purpose, and characteristics. Some are not even listed
in data-center industry inventories of sites, and for many others various industry websites will list
the location only by county, not town, street, or street number.

Utilities providing service are

usually provided the peak demand and service date that is expected for first use, but are often not
informed about operating schedules that might vary demand, or expansion plans down the road.
Data Center Owned and Operated Generation. A large portion of data centers nationwide – a
substantial majority – have their own generation and fuel storage on site. This generation is
capable of sustaining the data center’s operation through major utility outages of even a day or
more, although perhaps at some diminished output. Owners often operate this generation when
there is no utility outage, usually infrequently, but for reasons and according to schedules that fit
their business and operating needs, and for which they are not forthcoming with communications.
These schedules do not necessarily correspond with utility peak load periods of peak pricing
periods and can appear “random” or at least unpredictable to the utility serving the load.
Weather Sensitivity of Data Center Loads. Like some other industrial loads, data centers
normally show only the slightest amount of weather sensitivity in their demand for power. The
electronic equipment’s demand does not vary as a function of temperature, and the vast majority
of their cooling needs, even in the peak of summer’s high-temperature periods, are due to the heat
created by the data center’s electronic equipment, not ambient temperatures. Therefore high
temperatures make less impact on heat-removal needs as they vary. During winter, data center
loads vary insignificantly as a function of temperature: the cooling systems job is to get heat out
of the building: colder outside temperatures help the chiller system to be a bit more efficient but
load hardly varies regardless. Given other factors, in most cases Quanta Technology does not try
to adjust data center loads for temperature and does not recommend this be done. Given this and
the unpredictability of schedules and self-generation operation, the peak demand observed at a
site regardless of time (e.g., on-peak, off peak) should be used as the expected coincident peak
load for planning purposes.
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Growth on Initial Load. Individual data centers typically takes about two years to scope, plan,
design, build and commission. They initially come on line at less than their full design load,
being brought on line when only a portion of their equipment is in place and working. Over a
period of months thereafter – typically 18 to 30 – they will work up to full load, after which no
further growth at that building will occur. Figure 2 shows the typical “maturation curve” of peak
demand for new data centers.
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Figure 2: The amount of load a utility can expect as a function of the number of years after the
data center owner announces it will build a 1 MW data center. This curve was developed from
Dominion Virginia Power information on 41 data centers in operation four or more years in its
service territory as well as about fifty other data centers in other areas of the country Quanta
Technology has worked on in projects for other utilities. Expected load two years after
announced construction is almost exactly the 1 MW the average developer promises for that time,
but demand continues to rise to roughly twice that amount as the center “matures” over the
subsequent three years.

Continued growth of data center capacity, when needed by the owners, is nearly always
accommodated through addition of additional data center buildings at an address or at sites
nearby, and generally not by expanding the capacity of an existing building. In this manner, too,
the data center industry is analogous to the power industry. Just as a utility may increase the
capacity of a substation over its lifetime by adding one, two, three, and eventually four power
transformers to that site, a “data center” may initially be built with a single building at an address
and additional buildings added as business dictates their need. This raises the aforementioned
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confusing nomenclature issue that must be worked through when dealing with articles and
historical accounts of the industry’s growth: what does the term “data center” mean? Is it a single
building or a facility with multiple buildings at one site owned by one business? Usage varies
within the data center industry.
Fewer but Larger Future Data Centers. The data center industry reports that the number of
new data centers being built is decreasing slightly as new centers are designed and built larger –
roughly twice as large in physical size, in capability, and in electric load per site as only five to
ten years ago. Thus, counts of the number of new data centers being built is not growing as fast as
the capacity added (or electric load added).

2.2 Historical Data Center Industry Growth in Northern Virginia
Over the past decade, Dominion Virginia Power has seen an extremely high rate of growth of the
data center industry in Northern Virginia. The industry has gone from nothing to 130 data center
buildings at 80 separate addresses comprising 351 MW of peak load (Figure 3 and Table 4).
Nationally as well as globally, this high rate of growth has been driven by a continuously growing
business and government demand for internet, cloud computing and data services, as well as by
the public’s increasing appetite for data-com and internet services.
Data center growth in Northern Virginia has been quite high for several reasons. First, the
Washington DC area creates much more than typical local demands for data center services. The
US Federal government is arguably the largest single consumer of data and data-com services in
the world, and its needs are growing. Many businesses aligned either directly or indirectly with
the US government, such as Lockheed Martin, have located major plants and business hubs in
Northern Virginia.

They, too, have substantially above-average data and data-com needs.

Second, major data-com transportation trunks pass through parts of Fairfax and Loudoun counties
in Northern Virginia, an area nicknamed the Virginia “Fiber Alley” by the data-com industry.
As mentioned earlier, data centers prefer to locate adjacent to major data transportation corridors.
Land here is plentiful, easy to build on, relatively inexpensive, and close to one of the major datacom corridors in the US. For this reason most of the data center growth in and around the
Washington DC metroplex has occurred there. Overall, data center activity in Northern Virginia
has qualitatively mirrored the growth of the data center industry while quantitatively slightly
outpacing it (3.1 times rather than right at 3.04 times for the industry as a whole, from 2007 to
2012 (Figure 3).
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Figure 3: Twelve year trends of data-center industry growth given in Figure 1, along with
Dominion Virginia Power’s recorded peak load for the data centers in Northern Virginia, all
normalized to 2012 peak = 1.00. Dominion Virginia Power records show data centers identified
as a specific load sub-category only back to 2005, but a few probably existed prior to that time
and have been estimated by the project team to complete the load history shown here.
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2.3 Will Data Center Growth Continue to Be Strong in Northern Virginia?
The historical trend of data center growth in northern Virginia is quite strong, but it is also a trend
of short duration, increasing the risk that extrapolation of recent trends alone could lead to an
inaccurate prediction of future load growth. The project team took this (extrapolation) along with
another approach it considers to be effective to create different scenarios of expected future data
center peak load growth in Northern Virginia.
Growth Over the Next Few Years Is Being Built Now
Dominion Virginia Power provided the project team with a table of information on all data
centers it services, or has been contacted about service for, from year 2005 to the present. It lists
138 separate data center buildings at about 88 separate addresses or locations, 131 and 80
respectively being in Northern Virginia’s “Fiber Alley.” Twenty-five of those had no load in
2012 or projected through at least the first part of 2013: those are in the process of being built or
are planned: their owners have provided that information to Dominion Virginia Power in order to
arrange service. Another 72 are on-line but have not completed their expected maturation cycle
(Figure 2) and have a load that can be expected to grow. In aggregate all current and announced
data centers represent an expected 673 MW – roughly twice the 2012 peak demand level, the vast
bulk of which growth can expected to develop and mature in the period 2013 – 2015. For these
reasons, short term growth is almost certain to be quite strong and the project therefore focused
on studying the potential for growth beyond 2015.
2.4.2 Ten-Year Forecast Based on Extrapolation of Data Center Peak Load History
It is highly likely that as time passes other data centers will be announced and this overall process
of data center growth will continue into the future: the discussion the data center industry given in
Sections 2.1 – 2.3 provides no indication that growth nationally or in Northern Virginia will cease
any time soon. The blue line in Figure 4 shows an extrapolation of the historical peak load on
data centers in Northern Virginia. To produce this extrapolation, the project team fitted a second
order polynomial to the historical peak load data for 2005 – 2012 and extrapolated it through
2023.
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Figure 4: Extrapolation of data center growth in Northern Virginia through 2023 based on
extrapolation using a quadratic polynomial fitted to the 2005 – 2012 peak load history.
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2.4.3 Forecasts Based on the Data Center
Industry’s Forecasts of Its Own Growth
The project team’s other, and preferred, way to project peak load, particularly for industryspecific load categories such as data centers, is to tie that growth to a credible, previously forecast
economic or demographic variable that is a direct or driving factor in causing that electric load
growth. The forecast given here is based on using the data center industry’s own projections of its
future growth to help forecast its growth in Northern Virginia. As was shown in Figure 3,
throughout the history of this industry in Northern Virginia its growth has followed the industry
trend, if slightly outpacing it. The forecast developed here assumes that will continue into the
foreseeable future, and that the data center industry is capable of foreseeing its own future well.
The data center industry spends considerable effort monitoring and studying its market in order to
project future demand for its services, and in planning how it will accommodate that growth.
When considered in its largest interpretation – of not just companies that own and operate data
centers but as also including companies that supply or use the services, it includes a number of
the largest companies in the world, many with excellent track records of running their business in
growing industries well over long periods of time, such as Microsoft and Cisco.

These

companies know and understand that industry and produce and share their forecasts of expected
growth with the public for a variety of mostly selfish reasons.3 The forecasts seem credible both
because of their track record and because many are using these forecasts as guidelines for their
investment of billions of dollars in new and future data centers.
The project team had a good familiarity with data centers, their load characteristics, and growth
of that load category from prior data center projects going back to 2003, but devoted a good deal
of research into updating its knowledge of current industry practices, particularly of data center
activity in Northern Virginia and of that industry’s expectations for its own growth over the next
decade. Tables 2 and 3 gives the sources of information on data center industry growth trends
nationally and in Northern Virginia the project team gathered. Most of these projections and

3

Publically-held companies publish their forecasts at conference and on their websites to inform potential
investors of their continued viability. Without doubt a great deal of thought goes into their decisions about
what information they share and if and how they “spin” it to the public. However, there are regulations
about misleading investors, and the companies’ reputations as well as the credibility of future statements
they make are at stake, so they have some incentive to produce the best forecasts they can for public
consumption. Beyond that, many projections available are by “neutral parties” (or as close as one can get) –
non-owner, industry observers such as datacentermap.com.
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Table 1: Information Sources Behind Data Center Growth Scenarios For This Forecast.
Source
Dominion Data
Microsoft

Cisco

Descripton
Extrapolation of data center load growth trend
from Dominion's historical data, 2005 - 2012.
"PROJECTING ANNUAL NEW DATACENTER
CONSTRUCTION MARKET SIZE" - industray trade
show presentation by Microsoft
Cisco's VNI Forecast Projects the Internet Will Be
Four Times as Large in Four Years

Obtained from . . .
Dominion Virginia Power
http://www.datacenterdynamics.com
/focus/archive/2011/03/sizing-datacenter-construction-market
http://newsroom.cisco.com/pressrelease-content?articleId=888280


http://www.theatlantic.com/technol
The Future Growth of the Internet in One Chart
ogy/archive/2012/05/the-futureThe Atlantic
and One Table
growth-of-the-internet-in-one-chartand-one-graph/257811/
http://www.slideshare.net/kleinerpe
Kliener Perkins
Internet Trends
Caulfied Byer
rkins/kpcb-internet-trends-2013
Digital Trends
http://www.digitaltrends.com/web/r
(Industry Association Web Traffic to Quadruple by 2016
eport-web-traffic-to-quadruple-by2016/
Group)
DataCenter
Various White papers and articles particularly their http://www.datacenterknowledge.co
Knowledge.com
Industry Perspectives page
m/
Various articles and white papers on their site in
DataCenter
addition to the Microsoft presentations and others http://www.datacenterdynamics.com
dynamics.com
from sponsored conferences.
Datacentermap.com Statistics, maps, and reference material on the
location and types of data centers built throughout http://www.datacentermap.com/
the US and many other countries.
Datacenter
A source much like that listed above, and used to
mapping.com
confirm and ugment that site's data, and vice
http://www.datacentermapping.com/
versa.
Yet another data center map/inventory site and a
long-time favorite of Quanta's project team.
http://www.datacent
http://www.datacenter9.com/
Slightly better organized maps and serach engines
er9.com/
but not as up to date an inventory list of as some
other sites.
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Table 2: Sources of information obtained in interviews or discussions
Person/Company

Information Provided

Northern Virginia Electric services areas that intermingle with Dominion's service in
Northern Virginia. Mr. Bisson confirmed that data center growth has been aggresive over
the last five to seven years and is expected to continue and that many data center owners
Bob Bisson, Vice
are secretive about plans. NOVEC's experience is that a new data center grows its load
President, Northern
steadily over the first two years it is installed but then grows no further. Growth over the
Virginia Electric Co.
long run occurs due to increases in number rather than continued growth of existing data
centers (this corrsponds to Dominion's experience). Weather sensitivity in the noticeable
if not nearly as significant for other loads in summer but not in the winter.

Buddy Rizer,
Economic
Development
Director Loudoun
County

Buddy Rizer, Economic Development Director Loudoun County: Loudoun County’s
population grew almost 84% from 2000 to 2010. It is expected to grow another 10 to 20%
by 2014. In the past decade Loudoun County has created more than 46,000 jobs. Loudoun
county has been the “value” alternative to Fairfax county. More than 50% of the world’s
internet traffic passes through Loudoun County. This county has seen data center growth
to be more than 180% since 2000. Data centers in the county typically occupy about 40
buildings and more than 4.3 million square feet of land. Such growth is considered strong
and very likely to continue into the foreseeable future.

Norm Cann, Data
Center Manager,
Verizon

The forthcoming slowdown the industry speaks of has to be kept in context - the growth
the last five to seven years has been close to unmanageable. Planning and justification
by owners is done on a three-year cycle. Equipment technoogy changes but "obsolete
technology" (servers and systems not of the very latest chip design, etc., will be left in
place at a working center for at least seven years before renewal, maybe longer: changing
out the servers, etc., for newer may not be worth the trouble because the higher density
would require more and redesigned cooling. Best is to leave the site as was built until it
no longer is a viable business contributor, then shut it down or completely rebuild. This
would be more than ten and perhaps up to twenty years.

Data centers are justified by owners on the basis of 18-month payback - they will not
build if break-even is not around that timeframe. "Long-term" justification is based on
Sarah Corbrett, Data
nothing past seven years (a period linked to business tax deductions and credits) and
Center Architect,
requires that the incremental profit projected after five to seven years have at least a 30%
Norbson Smith and
net margin. An increasing number of sites request design with on-site generation
Co.
intended to more than just backup power - the owner intending to use that generation
during some periods to reduce energy cost where permitted and advantageous.
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studies date from analysis gathered and analyzed from late 2011 to late 2012. These data sources
lead to the different scenarios of data center growth in Northern Virginia to be discussed below.
Salient characteristics of data center load and load growth developed from this information are:
x

Growth rate of completed data centers dropped temporarily during the recession from
2008 to 2012 due to economic slowdowns in data-com markets and plans by internet
providers. A return to economic growth means a return to higher growth through
2014 as these centers are completed as well as new centers announced.

x

There is plenty of available, suitable land to continue to build data centers on in
Northern Virginia’s Loudoun and Fairfax counties, and those county governments are
disposed to encourage that growth (and the resulting tax revenue). Land prices are
rising slowly but are reported by the country governments to be “very competitive”
with other areas in and around Washington DC.

x

Data center load growth, not just in Northern Virginia but in all utility service areas
Quanta Technology has seen, is mostly due to the increase in number of centers, not
their individual loads.
o

As noted earlier, after first going into operation, a new data center facility
will usually take about 18 to 30 months to “mature” - to come up to its full,
final peak load level. After that the site will operate at roughly at that peak
load level and its load will not grow. This industry-wide characteristic
mirrors the experience the project team observed in both Northern Virginia
and its prior projects (Figure 3).

o

As was discussed in Sections 2.1 and 2.3, newer data centers are on
average designed and built to be roughly twice as large in physical size,
in capability, and in electric load those built earlier in the industry’s
history. Counts of the number of new data centers being built are not
growing nearly as fast as the capacity added.

x

The economics of facility design and operation dictate that there is both a strong
business incentive for the company to locate near data-com trunk routes, such as that
running through Northern Virginia, and to cluster more than one site near one
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another. This was known but was a point repeated in every interview and every
industry overview the project team had.
x

With no notable exceptions, all published projections of data center industry activity
forecast a healthy growth of demand for their service, although there are considerable
differences in the details and projected long-term growth rates. However, almost all
studies and published expectations the project team could find agreed on several key
points:
o

Industry growth in the US will slow slightly as compared to the last three
to five years even if it continues at record rates overseas: internet and
data center development in the US is about five years ahead of the rest of
the world. .

o

This anticipated “slowdown” must be kept in perspective: while opinions
as to the degree of slowdown differ, they average to a simple rule of
thumb: whereas data center numbers and load in North America tripled
in the six year period 2006-2012 they will probably double or grow
slightly more than that over next six: industry rate of growth will drop by
10% to 40% depending on forecast.

o

This excepted slowing in data center industry construction is not
attributed primarily to an expected slowdown of growth of demand for
internet and data-center related services (which is still very strong). It is
mostly due to measureable increases in data center efficiency: the
industry has had nearly a decade to work, adapt, and put into place
lessons learned earlier in its history, and as scheduling and operational
software becomes more efficient. Simply put, the average new data
center can provide more service than it could five years ago.

o

Although not obvious in the time period shown in the diagrams, where
they talk about long-term prospects all scenarios acknowledge the
inevitable stabilization and cessation of high growth, as would
correspond to the classic “S” curve characteristic of developing
industries: growth rate gradually falls until it reaches near-zero at some
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future time perhaps years or even decades in the future.4 These different
sources and projections all see this happening, and if not explicitly
discussing that possibility, are all consistent with a view that it would
occur far into the future and not in the next ten years. They differ as to
how fast they see that tapering of load rate occurring and therefore the
ultimate level of build out the industry reaches.

Four scenarios of possible data center industry growth were developed to represent the range of
the data center industry’s views of its future: that the industry’s growth would not slow, or that it
would slow by 15%, by 30%, or 45%. These trends in growth rate reduction - none, 15%, 30%,
and 45% - were then applied to the extrapolation of Northern Virginia data center growth
developed above (the blue line in Figure 4) by simply reducing its growth rates by those amounts
each year. The “no reduction” scenario yielded the same curve as the extrapolation did , the three
additional forecasts of Northern Virginia data center growth correspond to three perspectives of
the data center industry’s view of its future trends, imposed on the slightly higher than industryaverage growth in Northern Virginia as seen over the last eight years.

All four scenario trends include a “recession bounce-back” effect that has been accounted for in
the extrapolation. As mentioned earlier the recession caused delays in completion of some
already-started data centers (growth in 2008 – 2012 was about 10-15 MW lower each year than
originally announced). A return to healthier economic growth in 2012 and beyond means

4

This S-curve is and has been a fixture in forecasting of any new technology or industry for decades, and is
the overall qualitative trend in almost all emerging industries, although in cases where the industry has a
broad market, as for the internet and data centers, the S-curve may be decades long (the railroad industry is
one of the longest on record since the dawn of the industrial era, taking about 15 decades). See
Technological Forecasting by Joseph P. Martino, McGraw Hill, third edition 1992.

The S-curve is also an almost universal fixture in observed and forecast load growth for utilities, although
again the full S curve shape may take decades to develop for particularly large areas or industries (see
Spatial Electric Load Forecasting – 2nd Edition, by H. Lee Willis, Marcel Dekker, 2002, particularly
Chapter 7).
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Table 3: Four Scenarios of Data Center Growth
Scenario
1
2
3
4

Description
High: continuation of historical trend (blue line from Figure 4)
Slight reduction corresponding to 15% drop in industry growth
Mean industry expectation – 30% drop from historical trends
Significant drop – a 45% reduction in historical trends

Table 4: Historical and Forecast Data Center Loads in Northern Virginia.

Year

History

2005
2006
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023

86
115
145
180
206
271
316
351

Wi th Jus t
Compl eti on

351
474
528
575

1

351
492
582
682
790
908
1034
1170
1314
1468
1630
1802
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Forecast Scenario
2
3

351
470
544
623
707
797
891
991
1095
1203
1317
1434

Oct. 17, 2013

351
449
507
568
631
697
765
835
907
982
1058
1136

4

351
428
472
516
561
607
654
701
748
796
845
894
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Figure 5: Total Northern Virginia forecast data center peak load for the four scenarios of data
center industry growth.

completion of these deferred data centers has accelerated even as more are announced. This is
included in Dominion’s data for the period through 2015; however, the extrapolation (blue line
show in Figure 4) is based on the long-term trend and deliberately did not include the effects of
this recent recession-end effect in its model fitting.
These four projected peak load scenarios are listed in Table 4 and plotted in Figure 5. All four
trends start with the same conditions and peak data center load in 2012. Differences in the
amount of new data center load are small in the first few forecast years but grow significantly
over time.
These scenarios, their interpretation and use will be discussed further in Section 4: Findings,
Conclusions, and Recommendations.
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3 Is Data Center Growth Adequately Included
in Load Forecasts Being Used By Dominion?
3.1 Examination of the Load Forecast Used for Transmission Planning: 2016 - 2023
Table 5 shows the historical and forecast peak loads for Northern Virginia that Dominion
Virginia Power currently uses in the planning of its transmission system. These figures are based
on the PJM load forecasts for three sub-regions of the Dominion Virginia Power service territory:
Alexandria-Arlington, Fairfax, and Woodbridge. Together these constitute the loads typically
used for “Northern Virginia” planning. Over the 24-year period 1988 to 2012, the region’s peak
electric load grew by an average of 2.9% per year, and over the preceding decade (2002-2012) at
3%. It is projected to grow at 2.5% through 2023, the roughly .4% - .5% reduction from longhistorical averages being typical of what the project team has seen throughout most of the nation
due to energy efficiency and changes in demographics and styles of living and business activity
(These will be discussed further is section 3.2). This rate of growth is higher for Virginia and the
nation as a whole and reflects a robust local economy and proximity to Washington DC.
Table 6 shows the projected year-to-year increases in peak load in this Northern Virginia
Transmission Planning region for the years 2016 and 2023 – the amount of load growth the
transmission planning forecast expects in Northern Virginia in those years. Also shown are
similar year-2016 and year-2023 increases for data center peak demand from Scenario 2, and the
percent of total Northern Virginia load growth that represents.
If the data center forecast values (Scenario 2, Table 4) are included in the transmission planning
forecast values (Table 5) then data center growth constitutes 71% of the region’s total peak load
growth in year 2023. That means that all the other load in Northern Virginia is growing only
about a third of its historical long-term average growth rate. This seems unrealistic, given that
projections for growth of population, business activity, and net productivity for the region as done
by Moody’s Econometrics and similar firms and projected tax revenues and community needs as
projected by the governments of Loudoun, Fairfax, and Arlington Counties as well as the
independent City of Alexandria, all show no decrease from historical levels of growth. For
example, econometric-demographic data provided by Dominion Virginia Power and gathered by
the project team indicate that during the 2016 - 2023 period population and expected county and
city tax revenues in Northern Virginia are both expected to increase by about 2% per year. These
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growth rates are broadly similar to the growth in those numbers seen in the past and lead to the
conclusion that non-data center growth will continue to be very similar to past rates through 2023.
This discussion will return to the comparison of load forecast magnitudes in Tables 4, 5, and 6
later in this section, after looking at the way econometric factors like those projected by Moody’s
and country governments effect the growth of load and are used in electric utility load forecasts.
Table 5: Peak loads Used for Transmission Planning of the Northern
Virginia area in the Dominion Virginia Power Transmission System
YEAR
1988
1989
1990
1991
1992
1993
1994
1995
1996
1997
1998
1999
2000
2001
2002
2003
2004
2005
2006
2007
2008
2009
2010
2011
2012
2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023

ALEX / ARL
S_AREA10
1,349
1,361
1,297
1,429
1,439
1,408
1,511
1,519
1,321
1,528
1,554
1,629
1,524
1,635
1,714
1,624
1,547
1,750
1,842
1,829
1,787
1,720
1,788
1,912
1,835
1,833
1,842
1,870
1,892
1,905
1,913
1,922
1,932
1,938
1,942
1,948

FAIRFAX
S_AREA11
1,540
1,560
1,472
1,632
1,643
1,608
1,726
1,741
1,727
2,026
2,028
2,218
2,078
2,396
2,464
2,459
2,379
2,771
2,922
2,989
3,015
2,853
3,057
3,283
3,237
3,303
3,419
3,553
3,671
3,774
3,868
3,968
4,071
4,169
4,265
4,367

WOODBRIDGE
S_AREA12
918
942
915
981
993
986
1,054
1,062
891
1,008
1,037
1,174
1,086
1,212
1,221
1,241
1,217
1,546
1,603
1,661
1,596
1,519
1,663
1,830
1,857
1,957
2,029
2,111
2,184
2,247
2,304
2,365
2,427
2,486
2,544
2,605
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TOTAL
3,807
3,863
3,685
4,041
4,075
4,001
4,291
4,321
3,939
4,562
4,618
5,022
4,688
5,244
5,399
5,323
5,143
6,068
6,367
6,480
6,398
6,093
6,508
7,026
6,928
7,093
7,290
7,534
7,747
7,926
8,085
8,255
8,430
8,593
8,752
8,920
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Table 6: Growth (MW) in Peak Load in the Transmission Forecast,
Compared to that Projected Data Center Scenario 2: 2016 - 2023
Time
Period

Transmission
Forecast - MW

2015 - 2016
2022 -2023
2016 – 2023

213
169
1,173

Data Centers
% of Tran. Forecast
Forecast - MW Data Centers Represent
84
118
726

39%
70%
62%

3.2 Commonly Used Load Forecast Methods Often
Fail to Pick Up on Data Center Growth Trends
Data centers have a number of characteristics that make them nearly “invisible” to the most
commonly-used forecasting methods in the electric utility industry. Those forecast methods
regress weather-corrected annual or monthly electric demand histories against a set of similarly
annual or monthly econometric and demographic trends such as population, employment counts,
gross product, total payroll or other similar statistical measures of population and economic
activity.

These data trends are often provided on a country-by-county basis so that, when

necessary, study and forecasts of areas within a utility, such as for just Northern Virginia, can be
carried out, rather than only forecast at a utility-systems or state-by-state basis.
These load forecasting methods are well-proven and for the most part do a more than acceptable
job in tying electric load growth to economic factors that are then forecast: Companies like
Moody’s Econometrics, Woods and Poole, and others, along with some state governments,
provide projections of those same econometric and demographic statistics, again on a year-by year or monthly for several decades into the future. The numerical model fitted to the utility’s
load and econometric-demographic history is applied to these trends to determine estimates of
future electric demand. That raw forecast may be adjusted by some utilities or ISOs to account
for expected changes due to energy efficiency, DER programs, or other energy-related factors,
but those econometric-demographic driven trends form the basis for the forecast and determine its
overall character
Data centers are “invisible” to the type of forecasting method described above because they do
not register (show up) in these econometric-demographic statistics in any way even close to
proportional to their extremely high loads, as compared to other industries and businesses:
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o

While data centers have very high loads, they create almost no jobs. A few data
centers are completely automatic, but most have the barest minimum staff: often just
one person on site in any one shift: four or five employees perhaps. By contrast a
building or land parcel of comparable size in more other industries would have 50 to
500 employees, or ten to one hundred times as many. Factor in the difference in load
density – typically at least another order of magnitude, and on an employees-per-MW
of load added basis, data centers typically register about three orders of magnitude
lower than other industries in a region. With respect to both employment count and
payroll totals, their contribution to a region is basically within the range considered
noise in the data and regression fitting of many models.

o

Data centers do little or no business with nearby businesses, as is typical of the vast
majority of commerce and industry. A grocery or big box store, a distribution center,
a new office building or a manufacturing plant built on a comparable site would not
only create jobs at its location, but also buy supplies and services locally, further
adding in a very noticeable way to the local economy and thus employment and
business activity statistics as measured for that area. By contrast data centers do
almost no such local business beyond buying electricity from the local utility.

o

Finally, any “value-added” data centers create - any profitability or gain they create
for their owners is shipped in and out over the internet without monitoring in the way
manufactured goods and retail and commercial services are tracked. The value may
show up on the corporate books of the company that owns the data center (or not) but
that is often in another region or state, not on the local area’s tally of “gross product,”
etc.

Therefore, from the standpoint of the econometric variables used in many of the power industry’s
electric utility load forecast methods such as additions to employment, increases directly and
indirectly in local business activities and payrolls, the total gross product on a country or state or
utility service area basis, and business-to-business activity, etc., data centers largely don’t exist.
The effect of a significant data center load growth history, as has occurred in Northern Virginia
on an electric load forecast method using these econometric-demographic data types will vary
depending on the exact type of method, the amount of data center load, and the timing of that data
center trend. The project team’s past experience with many such forecasting tools at many
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utilities leads it to believe that, given enough scale and enough time – many data centers
developing over a period of time that represents most if not all of the historical period over which
the regression fit and analysis of growth is done – many methods would “figure it out” and adjust
so that they would, in fact, forecast some if not most of the impact of data center growth on the
growth of electric load.
But this is not the case here. The typical historical period for forecast model fitting is 25 years.
Data centers in Northern Virginia have existed as an identifiable subcategory only since 2005,
and they have represented a significant load – more than 2% of the regions peak - only since
2007. In many if not most of the econometric forecast methods used in the industry, a recent data
center trend like this will cause a slight increase in fitting residuals over the final few years of the
forecast period, with only a slight impact on the forecasted trend which has been fit to all the load
over the much longer historical period
Test of A Typical Econometric-Demographic based Forecast Method
The project team has developed a econometric-demographic peak load forecast method that it has
used in load forecast projects and studies it has done over the past seven years, a tool much like
many others used for system peak load forecasting throughout the power industry, if having
advantages as to regional and spatial growth projection that make it particularly adaptable to
T&D load forecasting. This method has given good results for Quanta Technology and forms the
basis for forecast tools the project team has helped put in place at a number of US utilities,
including PG&E, Duke, Nashville Electric, KCPL and MG&E.
Quanta Technology’s forecast model works with econometric-demographic

historical and

forecast trends as provided by Moody’s Econometrics, Woods and Poole, or the US Census, by
regressing peak load growth adjusted for weather and other factors against those variables, in
total or in customer classes as the case may be, and with leads and lags in time analyzed, and
using other modeling features common to such models.
This forecast model was run in two cases in order to determine how well such a model “sees”
data center load growth. First, it was calibrated on (fitted to) weather-corrected historical peak
load, population and economic data for Northern Virginia, with data center loads included. The
project team made an effort to calibrate their model in this case so that its forecast results closely
resembled the Dominion Virginia Power transmission-planning forecast, itself the sum of three
regions of the PJM forecast, by picking econometric-demographic variables that when fitted, gave
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a nearly identical forecast trend. This was done because the project team’s intention was not to
create an independent forecast as much as “reverse engineer” an econometric-demographic
forecast model that would most likely respond not just like most industry models would, but like
PJM’s forecast tool would. This fitted model was then used to produce the “with” forecast shown
in Table 7 and Figure 6. Average mismatch with the PJM forecast is .19% with the worst
deviation being .80% in the final year. This forecast model was then re-fit (allowed to readjust its
parameter coefficients) to those same economic data trends but with peak load data in which the
data center peak load histories had been subtracted. This case produced the “Without” forecast
shown in Table 7 and Figure 6.
Table 7: Dominion’s Ten-Year Transmission Planning
Forecast Compared to Forecasts Produced With and
without Inclusion of Data Centers in the Historical Load
Data
Ye ar

2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023

Dominion
Tranm.
Planning
Fore cast

w. Data Ctrs

Without

7,093
7,290
7,534
7,747
7,926
8,085
8,255
8,430
8,593
8,752
8,920

7,090
7,253
7,516
7,728
7,942
8,099
8,257
8,415
8,591
8,773
8,850

6,722
6,868
7,114
7,309
7,506
7,646
7,787
7,928
8,087
8,252
8,312

Quanta Te chnology
Te am's Fore cast
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Figure 6: Three forecasts of Northern Virginia area loads. Dominion’s transmission planning
and the project team’s “With” forecast are nearly identical. The “Without” forecast is lower by
between 350 and 540 MW.

Analysis and Interpretation of the Differences
x

Dominion’s Transmission Planning forecast projects an average compounded annual
growth rate over the 2013-2023 period of 2.32% annual peak load growth for a 2023
projected peak demand of 8,920 MW.

x

With the data center loads included, the project team’s forecast method projects an
average compounded annual growth rate over the 2013-2023 period of 2.24% annual
peak load growth for a 2023 projected peak demand of 8,850 MW.

x

Without the data center loads included, the project team’s forecast method projects an
average compounded annual growth rate over the 2013-2023 period of 2.14% annual
peak load growth for a 2023 projected peak demand of 8,312 MW.

Table 8 summarizes this test, which was basically a base-line comparison of existing forecast
methods to illustrate the response of the existing forecast to the historical data center trend for
Northern Virginia. The difference between the project team’s “With” and “Without” forecasts is
the the response of the model to the data center peak load history. project team’s interpretation of
that difference. The largest portion of the difference between the two forecasts is due to the fact
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that the “With” forecast starts out with 351 MW of additional data center peak load in 2012,
which it carries through to 2023, growing it to 445 MW. In addition, the addition load – 351 MW
in 2012 but lesser amounts going back a number of years, means the model saw a higher recent
historical load growth rate leading up to the forecast period, which caused it to slightly ramp up
its projected overall growth rate (i.e., that it applies to all load) for 2013 to 2023, from an average
2.14% in the “Without” case to 2.24% in the “With” case, adding 93 MW of growth to the
“other,” non-data center load. The total difference is 538 MW more load in the “With” forecast
for 2023 than the “Without.”
The 538 MW of data center load in 2023 is about 350 MW lower than the lowest scenario’s
projected data center load (Table 4) and over 1,200 MW less than the high scenario’s projection
for 2023.

Table 8: Project Team’s Assessment of the “Response” of An Econometric Model to Data
Center Load History

Year

2013
2014
2015
2016
2017
2018
2019
2020
2021
2022
2023

Quanta Technology
Team's Forecast
w. Data Ctrs

Without

7,090
7,253
7,516
7,728
7,942
8,099
8,257
8,415
8,591
8,773
8,850

6,722
6,868
7,114
7,309
7,506
7,646
7,787
7,928
8,087
8,252
8,312

Growth of
Higher
Difference:
Original
Growth of
With minus
351MW Data Non-DataWithout
Center Load Center Load
368
385
402
419
436
453
470
487
504
521
538
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4: Findings, Conclusions and Recommendations
4.1 Data Center Industry Growth in Northern Virginia
is Very Likely to Be Extremely High Through 2023
All evidence suggests that data center growth in Northern Virginia will continue to be very robust
for at least the next decade. The four scenarios of data-center industry growth developed for
Northern Virginia in Section 2 differ over a two-to-one range as regards the expected amount of
2023 peak data-center load, but even the lowest shows data center peak load in 2023 at nearly
three times 2012 levels.
Scenario 1, the highest growth scenario, represents a continuation of trends seen over the past
decade. Any proposal not to use that scenario as a forecast should have sound reasons for
rejecting the historical precedent. One reason to do so is that the data center industry itself
expects a slight slowdown in growth. On the other hand, the factors that have caused Northern
Virginia’s data center growth to slightly outpace that industry’s growth nationwide appear to be
as strong, and relevant, as ever. Virginia’s “Fiber Alley” is one of the major data-com corridors
in the nation. Land there suitable for data center construction is abundant and competitive in
price. Local governments support continued development on this industry in their areas. The
Washington DC metroplex is home to some one of the largest consumers of data center services
in the world so demand for locally-located data centers will continue to be very strong.
Scenarios 2, 3 and 4 represent the diverse range of opinion that members of the data center
industry have of their own industry’s future and the slowdown in growth that is expected. Very
few in that industry expect no slowdown at all, just as none see a slowdown beyond a reduction in
growth rate of 50%. But within that range, opinions differ as to how much slowdown there may
be. One option would be to simply pick the mean of these four scenarios (a 22.5% reduction
scenario). However, the project team puts significant weight on Northern Virginia’s historical
trend of slightly outpacing the industry in growth, and to the above-average advantages the area
has for data centers and continued development. It also considers the fact that the short-term
trend (that developed by Dominion from existing and announced construction) best matches the
15% scenario as an indicator that it may be more likely than the others. Thus, on balance, the
project team recommends Scenario 2, the 15%-reduction scenario, for planning purposes.
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4.2 The Load Forecast Dominion Virginia Power Is Using for
Transmission Planning Includes Less Than Half of the
Most Likely Expected Data Center Load Growth
Section 3 provided an examination of the transmission planning forecast numbers themselves in
comparison to the expected data center growth (Section 3.1), which indicated Dominion’s
transmission forecast does not include the data center trends discussed above. Simply put, the
trend of data center loads is just not adequately included in the forecasted totals. The reason is
that the commonly accepted econometric-demographic load forecast method used for load
forecast throughout the electric utility industry, similar to that used by PJM, is partially “blind”
when it comes to explaining and forecasting load growth driven by industries like data centers,
because data centers do not register in the most meaningful ways in the econometric data trends
upon which these forecasting methods work. Section 3.2 outlined how the project team tested
one such forecast model to determine how it would respond to a data center history such as has
occurred in Northern Virginia. That test indicated it would forecast slightly less than 38% of the
growth expected from a detailed assessment of the industry growth itself and not include about
62% of what should realistically be expected in its load forecasts. This test looked at only one
method, but the project team thinks that method is broadly indicative of the behavior that can be
expected from other methods of the same type, including that used by PJM.
Loads for All of Dominion Virginia Power, Not Just Northern Virginia, Are Affected, Too.
This focus of this project has been on the Northern Virginia area of the Dominion Virginia Power
service territory, where 131 of the 138 data centers the company is dealing with are located.
These other seven data centers are scattered throughout the other planning regions of Dominion
Virginia Power’s service territory. Project resources did not permit a detailed assessment of other
operating regions’ growth. However, there is no reason to think that the situation as regards
under-forecasting and continued strong growth in those regions would be materially different than
for Northern Virginia.

4.3 Forecasts for Transmission Planning Should Be Adjusted Upward
For the reasons outlined above, the project team recommends that Dominion Virginia Power
adjust the peak loads it uses for transmission planning in Northern Virginia, and for Virginia
overall, by adding the amounts shown in Table 9 to the values it uses for transmission planning in
the 2016 – 2023 timeframe. These amounts were determined by subtracting the amount of data
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center load the tests in Section 3.2 determined would be included in an econometric forecast
(Table 8 column marked “Difference With minus Without”) from the projected data center loads
for the four scenarios developed in Section 2 (Table 4). Again, Scenario 2 is recommended.
Adjustments shown in Table 9 for Virginia overall (lower part of table) include the adjustments
for Northern Virginia (upper part). For example, the 944 MW listed in scenario 2 for the state as
a whole for 2023 includes the 896 MW listed for Northern Virginia. Northern Virginia peak
loads for that year would be adjusted upward by 896 MW, while the 48 MW difference between
that and the 944 MW for the state as a whole should be assigned to other regions in the state. The
project team recommends Dominion Virginia Power do further study to determine into which
other planning regions that load should be added.

Table 9: Amounts that Should Be Added to the Dominion Virginia Power Transmission
Planning Forecast to Represent Each Scenario of Data Center Growth - MW
Additional Amount that Should Be Added to Northern Virginia Peak Loads

Amount of
Data Center
Load Probably
in Forecast

Scenario 1

Scenario 2

Mean

Scenario 3

Scenario 4

Extraolated
trend

Recommended 15% reduction

22% red.

Medium
30% reduction

Lowest
45% reduction

2016
2017
2018
2019
2020
2021
2022
2023

419
436
453
470
487
504
521
538

371
472
581
700
827
964
1109
1264

288
361
438
521
608
699
796
896

253
316
383
454
529
608
691
778

212
261
312
365
420
478
537
598

142
171
201
231
261
292
324
356

Year

Amount of
Data Center
Load Probably
in Forecast

Scenario 1

Scenario 2

Mean

Scenario 3

Scenario 4

Extraolated
trend

Recommended 15% reduction

22% red.

Medium
30% reduction

Lowest
45% reduction

441
459
477
495
513
531
549
567

391
497
612
737
871
1015
1168
1331

304
380
462
548
640
737
838
944

267
333
403
478
557
641
728
820

224
275
329
385
443
503
565
630

150
180
211
243
275
308
341
375

Year

2016
2017
2018
2019
2020
2021
2022
2023

Additional Amount that Should Be Added to Dominion Virginia Power Overall
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Recommended Method for Producing Forecasts in the Future
Section 3.2 discussed why the commonly accepted method of forecasting load growth based on
standard econometric and demographic data trends will not fully track and forecast data center
growth. To avoid this situation in future forecasts, the project team recommends the following
revised method that still utilizes that standard widely-accepted load forecast method for the bulk
of the forecasting:
1) Remove the data center load from the historical load, leaving a demand history of all
loads except data centers.
2) Perform weather adjustment and any other normalizations of that demand history and set
up, calibrate, and fit the forecast model to the demand history of all load except data
centers, to produce a forecast of all load except data centers.
3) Perform a separate forecast of data center loads that does not use an econometricdemographic method, but instead develops the forecast using a method like that used in
Section 2 to produce the four scenarios of growth shown in Table 4.
4) Add the two forecasts together to produce the overall forecast of all demands.
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Review and Evaluation of the Peak Load Forecasts for the
Duke Energy Carolinas and Duke Energy Progress 2016 Integrated Resource Plans
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Prepared on behalf of Natural Resources Defense Council, Southern Alliance for Clean
Energy, and the Sierra Club
February 17, 2017
I.

INTRODUCTION
1.

Duke Energy Progress, LLC (“DEP”) and Duke Energy Carolinas, LLC

(“DEC”) filed their 2016 Integrated Resource Plans (“2016 IRP”) on September 1, 2016 in
Docket No. E-100 Sub 147. The peak load forecasts and reserve margins serve as the
basis for each utility’s determination of the total generating capacity required over the
IRP planning horizon. This report evaluates the peak load forecasts used in the 2016
IRPs. The determination of the reserve margins used in the 2016 IRPs is the subject of a
separate Wilson Energy Economics report (“Reserve Margin Report”).
II.

PEAK LOAD FORECASTING METHODOLOGY
2.

The 2016 DEC and DEP IRPs include peak load and energy forecasts for

the respective service territories over the 2017 to 2031 time period. The forecasts
encompass residential, commercial and industrial retail customers and also wholesale
customer loads. The companies use econometric models to forecast the residential,
commercial and industrial customer classes separately.

The forecasts rely upon

economic and demographic projections from Moody’s Analytics, and projections of
appliance efficiencies and saturations from Itron, based on U.S. Energy Information
Administration data.
3.

In recent years peak load growth has been weak across most of the

country, and forecasts are generally being revised downward. The weak growth is partly
due to the economic downturn and weak recovery over the past decade. However,
there are also trends toward more efficient use of electricity, and a weaker relationship
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between economic growth and load growth. For example, PJM Interconnection, LLC,
which prepares peak load forecasts for all or part of 13 states (including North Carolina)
and the District of Columbia, has been continually enhancing its load forecasting
methodology, and its most recent forecasts have again been sharply reduced.1
III.

COMPARISONS OF PEAK LOAD FORECASTS TO RECENT TRENDS
4.

This evaluation begins with a review of the actual and weather-adjusted

summer and winter peak load trends. Actual peak loads will tend to vary substantially
from year to year, reflecting the presence or absence of the type of extremely hot or
cold weather than can cause the highest summer or winter peak loads, respectively.
Weather-adjusted peak loads are estimates of what the peak load would have been in a
historical period had the peak occurred on a day with the typical peak-causing weather.
Weather-adjusted historical peak loads remove the impact of weather variability, and
reveal the underlying peak load trend due to other factors such as economic and
demographic trends, changes in industry and end-use technologies, and energy
efficiency.
5.

Peak load forecasts are generally considered median or 50-50 forecasts

(meaning that the forecasters consider the actual future peak load to be equally likely to
exceed, or to fall short of, the forecast value) or mean forecasts (averages or expected
values of the future peaks). Similarly, a weather-adjusted historical peak is generally
also considered a median value for the past period (a value that, based on actual
weather, had a 50-50 chance of being exceeded) or perhaps a mean value. Thus, the
weather-adjusted actual peaks correspond to what the peak load forecasts are
attempting to estimate. Peak load forecasts can be compared to the trends in weatheradjusted historical peaks, and we should expect the forecasts to be generally consistent
with those trends.

Therefore, a comparison of a peak load forecast to the

1

PJM, PJM Load Forecast Report, January 2017 (noting at p. 2 that the forecast for 2020 has
been reduced two percent compared to the prior forecast prepared one year earlier).
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corresponding weather-adjusted peak load trend is a useful starting point for evaluating
the reasonableness of a forecast.
6.

However, for a meaningful comparison of trends in weather-adjusted

peaks to forecast peaks, both sets of data must represent roughly the same underlying
loads. For example, the obligations under a large new wholesale contract would not be
reflected in the historical trends but might be included in the forecast, and this would
cause the forecast to appear high compared to the historical trend unless the impact of
the contract is taken into account.
7.

In addition, anticipated shifts in the underlying economic, demographic

or technological trends that drive peak load growth could cause the peak forecast to
deviate from the historical trend. For example, economic growth is a driver of peak load
growth, and if economic growth is expected to be stronger over the forecast period than
it has been in recent years, this could cause the forecast to increase more rapidly than
the trend, other things equal. Similarly, improvements in energy efficiency affect peak
load growth, so changing trends in this regard can also cause a forecast to deviate from
past trends.
8.

DEC and DEP provided summer and winter peak load forecasts (response

to Public Staff data request 1-7) both with and without the load-reducing impacts of
future energy efficiency program implementation (discussed in DEC 2016 IRP, pp. 9-10).
This report’s comparisons will be based on the peak load forecasts without the forecast
impacts of the future implementation of these programs, whose additional impacts are
in any case rather small in the first years of the forecast. It should be noted that the
forecasts without the future energy efficiency implementations will still reflect the
future impacts of prior energy efficiency implementation. DEC and DEP also provided
historical actual and weather-adjusted peak loads (responses to SACE DEP 2-9, SACE DEC
2-9, Public Staff DEC 1-3, DEC 1-4, DEP 1-3, DEP 1-4).

Wilson Evaluation of Duke IRP Peak Load Forecasts

Page 3 of 15

PUBLIC VERSION—CONFIDENTIAL INFORMATION REDACTED

IV.

PEAK LOAD FORECASTS COMPARED TO RECENT TRENDS: DEC
9.

Figure JFW-1 compares recent DEC actual and weather-adjusted

historical summer peak loads to the forecast peaks. The figure also shows a trend line
based on the weather-adjusted peaks over the 2009 to 2016 period, during which
period they exhibited a quite steady trend.

10.

The peak load forecast reflects some changes in DEC’s wholesale sales

contracts over time, documented in DEC 2016 IRP, Table H-1. The cumulative total
change in such contracts is
in that year is quite

, so the composition of the peak load forecast
the historical trend. Figure JFW-1 suggests that the

forecast is roughly 200 MW, or about 1%, in excess of the trend in 2019, and that after
2019 the forecast peaks grow at a somewhat faster rate.
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11.

However, in a recent supplemental response to a data request, DEC also

states that the forecast reflects 540 MW of a backstand agreement with North Carolina
Electric Membership Corporation (“NCEMC”), and that this would not be reflected in the
historical values except when the Catawba Nuclear Station was not in operation
(responses and follow-up responses to Data Requests SACE 3-2 and 3-3).

If indeed this 540
MW is included in the forecast and is not reflected in the historical data, it is appropriate
to adjust the forecast downward by this amount for comparison purposes, in which case
the forecast would lie somewhat below the trend line for most of the forecast period.
12.

Further, if this 540 MW obligation, which apparently is unlikely to be

called upon, was included in the forecast, the forecast can no longer be considered a
median or mean forecast. This has implications for the use of the forecast in the
resource adequacy study, as discussed in the Reserve Margin Report.
13.

In addition, DEC’s peak load forecasts are based on economic forecasts

that anticipate faster growth in the North Carolina economy over the coming years than
was seen in the past decade. Figure JFW-2 shows the North Carolina Gross State
Product (“NC GSP”) forecast used to prepare the load forecasts, from Moody’s Analytics.
As shown in the figure, the North Carolina economy grew at about a 1.4% per year rate
during 2009 to 2015, while the forecast rate of growth is 2.9% per year. This would help
to explain the somewhat faster rate of growth in the peak load forecast compared to
trend.
14.

The load forecasts also use historical and projected appliance saturation

and penetration data from Itron and the U.S. Energy Information Administration (DEC
2016 IRP, p. 16). While I have not performed a detailed review of this data, some key
indicators, such as central air conditioner efficiency, suggest a slowing rate of
improvement in energy efficiency over the coming years compared to recent trends.
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15.

Overall, DEC’s summer peak load forecast appears with a reasonable

range, especially if it is correct that the 540 MW NCEMC backstand agreement is
included in the forecast but not reflected in the historical data.
16.

Turning now to DEC’s winter peak load forecast, Figure JFW-3 presents

the comparison to recent actual and weather-adjusted peaks. Figure JFW-3 also shows
the very high actual winter peak loads seen in 2014 and 2015, which occurred under
conditions of very extreme cold. As noted in the discussion of summer peaks, the
forecast reflects changes in wholesale contracts documented in DEC 2016 IRP Table H-1,
and the cumulative change is

, so that year is perhaps the best to focus on

for comparison purposes. The winter peak forecast is roughly 700 MW in excess of
trend in 2019. The 540 MW NCEMC backstand agreement, noted above, would explain
most of that discrepancy, if indeed it is included in the forecast but not reflected in the
historical data. Anticipated stronger economic growth would also help to explain the
discrepancy.
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17.

Figure JFW-4 shows the hourly load patterns on the two highest winter

peak load days of 2014 and of 2015, based on the hourly data provided in response to
data request SACE 2-82. The lowest temperatures on these days (under 10 degrees) had
not occurred for nearly twenty years, since 1996 (based on the hourly temperature data
provided in the response to SACE 2-16). Note also that the highest loads on these days
occurred for only a very brief period around 8 AM. Changes in end-use technologies
may be affecting these brief, extreme winter peak loads under extreme cold conditions.
However, DEC states that it has not performed any formal analysis to determine which
end uses are contributing to these load spikes on extremely cold winter mornings
(response to Data Request SACE 2-11).

2

It should be noted that there were some quite substantial differences between the summer
and winter actual peak loads for 2014 to 2016 as reported in the responses to data requests
Public Staff 1-3 and 1-4 and the hourly historical data provided in response to SACE 2-8. Figures
JFW-4 and JFW-5 rely upon the hourly data.
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18.

Note also that the extreme winter loads occurred for a brief period of

time, and only on a few extremely cold winter days. Figure JFW-5 shows the daily peaks
on the highest winter load days, expressed as a percent of the annual weather-adjusted
peak, for the top six peak winter days in each of the past six years. As could be
expected, three years had peaks above the weather-adjusted peak and three had peaks
below that level. However, even in the “polar vortex” year (2014), the fourth highest
daily peak that winter was far below the highest peak, and also below that year’s
weather-adjusted peak. So while there may be indications that winter peak loads can
exhibit brief, extraordinary spikes on days with extremely low temperatures that are
rarely seen, this should not result in a substantial increase in a peak load forecast that is
intended to be a median or mean peak load forecast.
19.

Overall, the DEC winter peak forecast seems somewhat high compared to

the trend in the weather-adjusted peaks, even if it is appropriate to adjust it by 540 MW
for the NCEMC backstand agreement. While the extreme winter peak loads in 2014 and
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2015 suggest that changes in end uses may be contributing to higher winter peak loads
under extreme cold, this may be a phenomenon that only has large impacts under very
extreme conditions that occur very infrequently. It is not clear that under the very cold,
but less extreme temperatures typical of the annual winter peak day in most years that
such extreme loads should be expected. And again, if the 540 MW for the backstand
agreement has been added, this is no longer a median or mean forecast.
20.

Figure JFW-6 shows the DEC winter and summer peak load history and

forecast on the same graph. There has been a steady differential between the weatheradjusted summer and winter peaks during recent years, averaging 750 MW over 2009 to
2016, and averaging 683 MW over 2014 to 2016. The forecast breaks from this pattern,
again suggesting that the winter peak forecast is high.
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V.

PEAK LOAD FORECASTS COMPARED TO RECENT TRENDS: DEP
21.

Figures JFW-7, JFW-8 and JFW-9 compare recent DEP actual and weather-

adjusted historical summer peak loads to the forecast peaks. However, in contrast to
the DEC data, very little historical data was provided for DEP, making it difficult to
discern past trends. Figure JFW-7 shows a trend line based on the weather-adjusted
peaks over the 2013 to 2016 period, during which period they exhibited a rather steady
trend.

As for DEC, there were changes in the DEP wholesale sales contracts

documented in DEP 2016 IRP, Table H-1. The cumulative total change is
, and

, so the peak load forecast in 2020 is quite

comparable to the historical trend. Figure JFW-7 suggests that the forecast is roughly
200 MW in excess of the trend in 2020. After 2020 the forecast peaks grow at a faster
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rate than the trend, which may be explained by the anticipated faster economic growth
discussed earlier.

22.

Figure JFW-8 presents DEP’s winter peak forecast and the available

historical data. The forecast is rather consistent with a trend line based on the 2013 and
2014 winter peaks. The actual peaks were considerably higher in the winters of 2015
and 2016, due to the extreme cold noted above. The weather-adjusted peak values that
were provided for 2015 and 2016 were also considerably higher than the values for
2013 and 2014, which may reflect that the methodology for determining weatheradjusted peaks does not fully compensate for weather impacts, and the weatheradjusted values for 2015 and 2016 may be overstated. In responses to data requests
(SACE 3-2 and 3-3d) DEP stated that the 2016 actual results were not available when the
forecast was prepared, and also suggested that its forecasting model may discount such
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extraordinary growth, such that the forecast tends to reflect the earlier trends. DEP also
suggested that future winter peak forecasts may be higher.

23.

Again, the possibility of extreme loads under very rare extreme

temperatures might not result in much increase in a peak load forecast that is intended
to be a median or mean forecast.
24.

Figure JFW-9 presents the DEP summer and winter peak load forecasts

and history together. As with DEC, the relationship between the summer and winter
peaks reflected in the historical data (at least as reflected for 2013-2014) is changed in
the forecast, with the winter peak having risen faster than the summer peak. Due to the
lack of sufficient historical data to establish trends, and the lack of support for a
substantial increase in the winter peak load forecast, this report draws no conclusion
with regard to the reasonableness of the DEP peak load forecasts.
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VI.

SUMMARY AND RECOMMENDATIONS
25.

To summarize the observations with regard to the peak load forecasts:
a. DEC’s summer peak load forecast falls within a reasonable range,
especially if it includes the 540 MW NCEMC backstand agreement that is
not reflected in the historical data.
b. DEC’s winter peak load forecast seems somewhat high, even considering
the NCEMC backstand agreement.
c. There is insufficient information to come to a conclusion about the DEP
peak load forecasts.

26.

The very high loads that have occurred on recent, extremely cold winter

days occur for very few days and hours; loads in other hours and on other days are
much lower. Peak load forecasts intended to represent median or mean values should
be relatively unaffected by such rare events.
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27.

If the DEC peak load forecasts include the 540 MW NCEMC backstand

agreement that is rarely invoked, they are no longer median or 50-50 peak load
forecasts; nor do they represent an average or mean of the possible peak values. This
has implications for how the forecasts are used to evaluate resource adequacy and
determine capacity needs as discussed in the Reserve Margin Report.
28.

Finally, this evaluation leads to the following suggestions for future IRP

proceedings:
a. The companies should research the drivers of load spikes on extremely
cold winter mornings.
b. Future IRP filings should more clearly document wholesale contract
arrangements and how they are reflected in the forecasts and in the
historical load data.

The forecasts for the various wholesale

arrangements should be provided separately from the utility load
forecasts.
c. The IRP filings should clearly specify whether the peak load forecasts are
intended to be median or mean forecasts, or what portion of the forecast
(such as, net of wholesale contracts) is intended to be a median or mean
value.
d. The IRP filings would also benefit from data and explanation of how the
forecasts are or are not consistent with recent trends in actual and
weather-adjusted peak loads.
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Attachment B
Review and Evaluation of the Reserve Margin Determinations for the
Duke Energy Carolinas and Duke Energy Progress 2016 Integrated Resource Plans
James F. Wilson, Wilson Energy Economics
Prepared on behalf of Natural Resources Defense Council, Southern Alliance for Clean
Energy, and the Sierra Club
February 17, 2017
I.

INTRODUCTION
1.

Duke Energy Progress, LLC (“DEP”) and Duke Energy Carolinas, LLC

(“DEC”) filed their 2016 Integrated Resource Plans (“2016 IRP”) on September 1, 2016 in
Docket No. E-100 Sub 147. The peak load forecasts and reserve margins serve as the
basis for each utility’s determination of the total generating capacity required over the
IRP planning horizon. The reserve margins used in the 2016 IRPs were based upon
recommendations in the DEC and DEP 2016 Resource Adequacy Studies, November 17,
2016 (“DEC RA Study”, “DEP RA Study”) prepared by Astrape Consulting and provided in
response to data request SACE 1-8. This report evaluates the adopted reserve margins
and the RA Studies that are the basis for the adopted reserve margins. The load
forecasts used in the 2016 IRPs are the subject of a separate Wilson Energy Economics
report (“Load Forecast Report”).
II.

THE 2016 RESOURCE ADEQUACY STUDIES: OVERVIEW AND RECOMMENDATION
2.

The DEC and DEP RA Studies both recommend a 15% installed reserve

margin relative to summer peak demand, which provides a 17% winter installed reserve
margin (DEC RA Study pp. 6-7). This is an increase from the 14.5% installed reserve
margin relative to summer peak demand recommended in similar resource adequacy
studies in 2012 and reflected in prior IRPs. According to both RA Studies (p. 2), the
increase in the recommend reserve margins reflects “A re-evaluation of seasonal risk
after the Polar Vortex in 2014 and cold weather during 2015 resulted in a significant
shift to winter reliability issues.”
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3.

The RA Studies document a probabilistic simulation of load and resources

to find the planning reserve margin required to satisfy a “one day in ten years” resource
adequacy criterion, equivalent to an annual Loss of Load Expectation (“LOLE”) of 0.1. In
addition to this analysis of “physical reliability”, the RA Studies also include evaluations
of “economic reliability”, and a preliminary review of the assumptions underlying this
economic analysis raises many questions and doubts. However, the recommended
reserve margins are based on the physical reliability results, so this review was limited
to the physical reliability results.
4.

The evaluation performed for this report was limited by insufficient

information provided with regard to the details of the studies, discussed in Appendix A
to this report. Accordingly, the evaluation focused on three issues having to do with
how loads were represented in the RA Studies, and that were found to be inaccurate
and unsupported:
a. First, the RA Studies extrapolated the relationship between cold
temperatures and winter loads that occurred in some hours in recent
years over much lower temperatures that have not occurred for decades
in a manner that greatly exaggerates the magnitude of the loads likely to
occur under extreme cold conditions.
b. Second, the “economic load forecast uncertainty” that was layered on
top of the weather-related load distributions was also exaggerated, and is
not supported by the underlying data it was based upon.
c. Third, the RA Studies relied upon the DEC and DEP peak load forecasts,
and treated them as forecasts of mean or average peak loads; however,
at least in the case of DEC, the forecast value apparently was not a mean
value, and was likely several hundred MW in excess of the mean forecast,
which would bias the reserve margin higher.
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5.

The review of these three issues leads to the conclusion that the risk of

very high loads, especially in winter, was substantially exaggerated in the RA Studies,
and, therefore, the recommended increases in the DEC and DEP reserve margins are
unsupported and should be rejected.
6.
III.

These three issues are discussed in the next sections of this report.

REPRESENTING THE IMPACT OF EXTREME COLD ON WINTER LOADS
7.

In recent years, very extreme cold conditions have in a few instances

resulted in very high loads on the DEC and DEP systems, as further discussed in the Load
Forecast Report.

To accurately evaluate winter period resource adequacy, it was

necessary for the RA Studies to model extreme cold and its impact on load levels.
8.

2014 and 2015 were years characterized by days colder than any that had

occurred since 1996. Based on the temperature data used in the RA Study (response to
SACE 2-16), 2014 and 2015 each had two days in which temperatures dropped below 10
degrees Fahrenheit; in the years before 2014, temperatures had not dropped to even 11
degrees since 1996. However, the RA Studies used 36 years of historical weather data
back to 1980, and even lower temperatures were seen in some years in the 1980s and
1990s (3, 4, and 5 degrees in 1982, 1984, and 1986, respectively, and minus 5 in 1985).
Therefore, to use the 36 years of weather data it was necessary to model loads under
extremely cold conditions that have not been seen in over 20 years.
9.

The most extreme recent winter loads have occurred on extremely cold

mornings at about 8 AM, as shown in the Load Forecast Report. Arguably, once
temperatures drop to the teens, customers may have turned on all of the equipment
that will help them stay warm, and further declines in temperature may not further
increase loads very much. However, the companies have not performed any analysis to
determine what end uses are specifically contributing to these load spikes experienced
on extremely cold winter mornings (response to SACE 2-11).
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10.

The RA Studies based the relationship between extreme cold

temperatures and load levels on a very simple regression analysis. A more complex
neural network approach was used to determine the relationship between temperature
and load for most hours (DEC RA Study p. 12). However, the response to a data request
(NC Public Staff 8-9) stated that “since neural networks do not do a good job of
extrapolating relationships beyond conditions seen in the training data, or identifying
relationships for rare conditions, we do not rely on the neural network relationships for
extreme conditions.” Instead, the RA Studies used regression analysis. The regression
was provided in response to the same data request (Public Staff 8-9), and the equation
used to represent the relationship between temperature and DEC load, under extreme
cold conditions, was as follows:
DEC Load = -231 * (Temperature) + 20,372.
11.

This equation means that under extreme cold conditions, for each degree

the temperature falls, DEC’s load is assumed to increase by 231 MW (roughly 1.3%).
Four additional degrees results in 924 MW of additional load (over 5% increase).
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12.

This equation, and the critical 231 MW per degree assumption, were

simply based on a regression (Microsoft Excel linear trend line) to fit all recent
observations of DEC load and temperature 21.9 degrees and below (25 observations), as
shown in the response to the data request. Figure JFW-1 shows the analysis as provided
in the data request (the regression is shown in the blue dashed line and associated
equation), with some reformatting and additional analysis.

13.

There is no documentation of why this subset of the data was chosen,

and the result is highly sensitive to the chosen range. Using observations under 20.4
degrees rather than 21.9 reduces the 231 MW value to 188 MW.
14.

More important, however, the relationship between temperature and

load in the more moderate temperature range is of questionable relevance to
understanding the relationship for temperatures under extreme cold conditions. As
suggested above, while declining temperatures lead to increasing loads, once
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temperatures drop to very low levels a saturation effect may take place, if nearly all
appliances are already deployed.
15.

To better understand the relationship between extremely low

temperatures and load, a regression was performed focused instead on temperatures
under 17 degrees; this changed the resulting relationship between temperature and
load from 231 MW per degree to 108 MW per degree, reducing the impact of further
cold by over half. The result of this regression is shown by the red dashed line and
equation in Figure JFW-1. Further limiting the regression to temperatures under 16
degrees resulted in just 61 MW per degree (the green dashed line and equation in
Figure JFW-1), a relationship between extreme cold and load almost four times weaker
than the RA Study assumed.
16.

This additional analysis demonstrates two things. First, it demonstrates

that the critical 231 MW per degree assumption used in the DEC RA Study was arbitrary,
as it reflects the particular subset of data used in the regression. Different subsets
based on different temperature ranges give very different results; the results are highly
sensitive to the choice of temperature range. Second, and more important, this analysis
suggests that the relationship between extreme cold and load is much weaker than 231
MW per degree; the 61 MW or 108 MW per degree estimates, more appropriately
focused on the coldest observations, are likely more accurate estimates of the
relationship between temperature and load under extreme cold conditions.
17.

A similar analysis was conducted for DEP East, which leads to very similar

results and the same conclusions. This analysis is shown in Figure JFW-2. The RA Study
used 228 MW per degree (shown in blue), based on temperatures up to 26 degrees.
Again, it is unclear why 26 degrees was chosen, and the relevance of observations at
temperatures up to 26 degrees is doubtful. Focusing the regression on temperatures
under 19 degrees results in 153 MW per degree (shown in red); and focusing the
regression on temperatures under 18 degrees (shown in green; for which there were
only three observations) results in only 12 MW per degree. Similarly, for the much
smaller (and generally colder) DEP West zone, the RA Study based the regression on
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temperatures under 22 degrees, and focusing the regression on colder observations
results in a substantially weaker relationship between temperature and peak load.

18.

The 231 MW per degree assumption for DEC, and 228 MW per degree

assumption for DEP East, result in some very extreme peaks under the very cold
conditions represented in some of the 36 weather years. Figure JFW-3 shows a graphic
from the DEC RA Study illustrating how high winter peaks are assumed to go, as a result
of the 231 MW per degree assumption. While the extreme cold in 2014 and 2015
resulted in extreme peak loads roughly 5% to 8% above the anticipated, normal winter
peak loads in those years, the 231 MW per degree assumption results in modeling peaks
in the 1982 weather year 18% above the anticipated winter peak (for 2019, the year
that is the focus of the RA Studies, 18% equates to over 3,300 additional MW).
Modeling such extreme peaks will, of course, drive the winter reserve margin higher.
Using the more realistic 61 or 108 MW per degree estimates would bring these extreme
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peaks down considerably. Figure JFW-3 also shows the similar graphic from the DEP RA
Study, which also reflects very extreme winter peaks (over 20% above the normal winter
peaks) based on the unrealistic estimates of the relationship between extreme cold and
load.

19.

The critical assumptions about the impact of extreme cold on load levels

were chosen based on simple regressions over rather arbitrarily-chosen temperature
ranges, despite the high sensitivity of the results to the chosen ranges. This casual
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approach stands in contrast to the rigorous process and analysis that the load
forecasters at PJM Interconnection, LLC, who prepare peak load forecasts and evaluate
reserve requirements for all or part of 13 states (including North Carolina) and the
District of Columbia, underwent to enhance their load forecasting methodology
following the polar vortex experience.

The PJM load forecasters developed

enhancements to more accurately represent the relationship between loads and
extreme temperatures. The proposed changes were discussed with stakeholders over
multiple meetings of the PJM Load Analysis Subcommittee before the changes were
approved and implemented. PJM’s enhanced methodology now employs additional
“weather splines” (essentially, regressions over ranges of temperatures), in order to
more accurately capture the relationships between load and temperature over different
temperature ranges, including extreme hot or cold conditions.1

1

See, for instance, PJM, Item 4 – Forecast Update, Load Analysis Subcommittee meeting September 2,
2015, slides 2-23 (describing use of four temperature ranges each for summer and for winter splines).
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20.

The arbitrary and inaccurate assumptions about the relationship between

extreme cold and load results in modeling some very extreme winter loads in the RA
Study simulations, driving the reserve margin results higher. In response to a data
request (Public Staff 8-13), the winter LOLE values across the 36 simulated weather
years (1980 through 2015) were provided. As noted above, 2014 and 2015 were years
characterized by days colder than any that had occurred since 1996. Therefore, it
should be expected that 2014 and 2015 would contribute significantly to the total
winter LOLE across the 36 weather years. However, instead these two years play a small
role. In the DEC RA Study, 2014 and 2015 contribute only 1.6% of the total winter LOLE
across the 36 weather years (two average years out of 36 would be expected to
contribute 5.6% of the total). The four years with the most exaggerated extreme loads
shown in Figure JFW-3 (1982, 1985, 1994 and 1996) account for 64% of the total winter
LOLE. 87% of the LOLE occurs in the 17 weather years from 1980 through 1996, while
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only 13% of the LOLE occurs in the 19 years from 1997 to 2015. This data is illustrated in
Figure JFW-4.2

21.

In the DEP RA Study the results are similar. 2014 and 2015 contribute

only 7.2% of the winter LOLE. The four years 1982, 1985, 1994 and 1996 account for
66% of the LOLE, and the first 17 years contribute 78%, the final 19 years only 22% of
the LOLE (Figure JFW-5).

2

The data request (Public Staff 8-13) provided results for a 16% and 18% winter reserve margin, but not
the recommended 17% winter reserve margin; the above results are for the 16% winter reserve margin.
Under the 18% reserve margin assumption, the contribution of 2014 and 2015 to the total LOLE is even
smaller, and the role of the assumed extreme loads in the earlier years is even greater.
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22.

Thus, the vast majority of the winter LOLE in the RA Studies occurs in

weather years long past, based on temperatures that have not been seen in decades
and highly speculative assumptions about how loads would increase due to such
temperatures, should they occur again. These assumptions, new in the 2016 RA Studies,
drive the reserve margins higher.

IV.

REPRESENTING ECONOMIC LOAD FORECAST ERROR
23.

In addition to the variability of load due to weather, the RA Studies

additionally include “economic load forecast error”, intended to represent the possible
error in four year ahead load forecasts (DEC RA Study, p. 16). The economic load
forecast uncertainty is represented as a symmetric probability distribution (DEC RA
Study Table 4 p. 17). A 7.9% probability is assigned to both +4% and -4% shifts in load,
24% probability is assigned to both +2% and -2% shifts, and 36.3% chance is assigned to
no change due to economic load forecast error. Thus, all loads, including the extreme
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weather-related load levels discussed in the prior section, are increased by an additional
4% under the highest economic load forecast error scenario, and 2% under an additional
scenario assigned a 24% probability.
24.

This section of the report first explains why it is not appropriate to

include multi-year economic load forecast uncertainty in the RA Studies.

It then

explains that the probability distribution of economic load forecast error used in the RA
Studies is not supported by the underlying data it was based upon, and greatly
overstates the risk of sharp increases in load due to forecast error.
25.

The RA Studies rationalize adding the multi-year economic load forecast

uncertainty as follows: “Four years is an approximation for the amount of time it takes
to build a new resource or otherwise significantly change resource plans.” (DEC RA
Study, p. 16) However, this is not correct; there are many short lead time actions that
can and would be taken. If load grows faster than expected, the utilities (and customers
and other market participants too) would have time to adjust their plans, if the rate of
load growth raised concern about resource adequacy. To name a few potential actions,
the development of some new resources might be accelerated; demand response or
energy efficiency programs could be increased; a planned retirement could be delayed;
firm purchases from adjacent regions could be adjusted; or wholesale sales contracts
could be allowed to expire. The RA Studies essentially assume the reserve margin and
resource plan must be chosen three years in advance, and then remain frozen, even if
load growth is much stronger than expected year after year (responses to SACE 2-22 and
2-23). This is not realistic, and assuming load can rise sharply due to multi-year forecast
error, but no adjustments to the resource mix can be made over three years, biases the
planning reserve margin upward.
26.

It is notable that PJM, in its resource adequacy analyses, acknowledges

that resource plans can and would be adjusted as needed if load grows faster than
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expected. Accordingly, PJM represents only one year of economic load forecast error in
its resource adequacy analyses.3
27.

It could be appropriate to represent multiple years of forecast

uncertainty in a more sophisticated model that is able to internally determine
contingent actions to realistically adjust the resource mix over time as the load forecast
and other resources change over time. For instance, the Electric Power Research
Institute’s Over/Under capacity planning model, developed by Decision Focus
Incorporated in the 1970s, had this capability.4 However, the SERVM model that was
used in the RA Studies does not represent such contingent decisions (responses to SACE
2-22 and 2-23). To represent multi-year load forecast uncertainty, but not the actions
that would be taken to adapt resource planning over time as such uncertainty resolves,
is a flawed methodology that biases the result toward higher planning reserve margins.
28.

Turning to the values used for the economic load forecast error, the DEC

RA Study states (pp. 16-17) that the probability distribution was based on the historical
forecasting errors reflected in the U.S. Congressional Budget Office (“CBO”) U. S. Gross
Domestic Product (“GDP”) forecasts, and applying a 0.4 elasticity of peak demand to
economic changes. The DEC and DEP load forecasts rely upon forecasts of the North
Carolina economy from Moody’s Analytics, so it can be questioned whether CBO U.S.
GDP forecasting errors are a reasonable proxy for the applicable economic forecasting
errors. Moody’s forecasts over the past decade have frequently been far too high;
Moody’s failed to anticipate the deep recession that occurred in around 2008, and for
several years after the recession was forecasting a strong recovery that never occurred.

3

See, for instance, PJM, 2012 PJM Reserve Requirements Study, p. 20 (explaining the rationale for using a
forecast error factor representing one year of forecast error).
4

Decision Focus Incorporated, Costs and Benefits of Over/Under Capacity in Electric Power System
Planning, EPRI EA-927, Project 1107, October 1978.
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29.

The CBO data is readily available, including the 3-year GDP forecast errors

that were the basis for the economic load forecast error distributions used in the RA
Studies.5 Figure JFW-6 presents the full distribution of the 3-year forward GDP forecast
errors. The right axis in Figure JFW-6 shows the distribution in economic load forecast
error terms (GDP error x 0.4 elasticity, as noted above).

30.

The distribution used in the RA Studies misrepresents the distribution of

CBO forecast errors:
a. First, the CBO forecast errors, overall, are not symmetric; there is more
over-forecasting than under-forecasting.

The mean error was +0.7%

over-forecast. A bias toward over-forecasting is reflected in the CBO’s

5

Congressional Budget Office, CBO’s Revenue Forecasting Record, November 10, 2015, and Supplemental
Data available at https://www.cbo.gov/sites/default/files/114th-congress-2015-2016/reports/50831RevenueForecasting-SuppData.xlsx.
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forecasts and also in those of other forecasters generally (for example,
the Blue Chip Consensus of multiple forecasters, as noted in the CBO
analysis of forecast errors cited above, also exhibits a bias toward overforecasting).
b. Second, the large magnitude errors tend to be over-forecasting errors;
under-forecasting errors tend to be smaller. Put another way, when
economic growth is stronger than expected, the error tends to be small,
but when economic growth is weaker than expected the difference can
be more substantial. This is not surprising: economic downturns can be
sudden, largely unexpected, and sharp, as recently seen in 2008.
Surprisingly strong economic growth, by contrast, would tend to develop
and accumulate more slowly over time.
31.

In contrast, the economic load forecast error distribution used in the RA

Studies has a mean of zero, and assigns 7.9% and 24% probability to under-forecasting
peak load by 4 percent and 2 percent, respectively, as described above. However, over
the thirty years of CBO data, the largest 3-year GDP under-forecast error was 4.61
percent, which translates (times 0.4) into a load forecast under-forecast of 1.84%. Thus,
the RA Studies assign almost 32% probability to under-forecast errors whose magnitude
(+4% or +2%, in load forecast terms) never happened even once in 30 years according to
the data the distribution was purportedly based upon.
32.

Consequently, even accepting the inclusion of multi-year economic

forecast errors, and accepting use of the CBO data to develop the distribution, the RA
Studies have misrepresented the distribution of errors, exaggerating the risk of
substantial under-forecasting. This exaggeration of the potential for under-forecasting
of economic load growth, in addition to the exaggeration of winter peak loads, will
further bias the planning reserve margin upward.
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V.

RELIANCE UPON DEC AND DEP FORECASTS AS MEAN PEAK LOADS
33.

The last topic of this report has to do with the interpretation of the DEC

and DEP peak load forecasts as used in the RA Studies.
34.

Peak load forecasts are generally intended to be median values (that

have an equal chance of being too high or too low compared to the actual value, when it
becomes available) or perhaps mean values (representing an average or expected value
of the possible values). The RA Studies adjust the 36 load distributions such that the
average of the peak loads equals the DEC or DEP forecast for 2019, essentially using the
company forecasts as mean values (per the response to NC Public Staff 8-10).
35.

However, in a recent supplemental response to a data request, DEC

states that its peak load forecast includes 540 MW of a backstand agreement with the
North Carolina Electric Membership Corporation (“NCEMC”), and that this load would
not be reflected in the historical values except when the Catawba Nuclear Station was
not in operation (responses and follow-up responses to data requests SACE 3-2 and 3-3).
Thus, DEC has apparently added to the forecasts loads associated with a wholesale
arrangement that is very unlikely to be called upon at any time. As a result, the
forecasts no longer represent median or mean values. In particular, if the likelihood or
frequency of the backstand agreement being called at peak times is 10%, the expected
value impact of this arrangement on the peak load forecast should be 54 MW, not 540
MW.
36.

For the purpose of the RA Study, any such loads should have been

removed, and either treated probabilistically or replaced by the expected values. There
may be other DEC or DEP wholesale arrangements that are reflected in the forecasts
and also should have been adjusted to mean values for the purpose of the RA Studies.
This error, which may have been due to a miscommunication or misunderstanding
between Astrape Consulting and the companies, results in exaggerating the peak loads
(for DEC by at least 500 MW, and perhaps also for DEP), which will lead to higher
calculated reserve margins.
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VI.

SUMMARY AND RECOMMENDATIONS
37.

This evaluation leads to the conclusion that the recommended increases

in the DEC and DEP reserve margins are not supported by the RA Studies and are not
necessary at this time, due to the following flaws, all of which improperly inflate the
planning reserve margins:
a. The regressions used to estimate the impact of extreme cold on load
levels overstate the impact; more accurate regressions more focused on
colder temperatures suggest a much more moderate impact of extreme
cold on load.
b. The application of multiple years of economic load forecast uncertainty is
inappropriate in a model that does not represent the contingent actions
that could be taken if load grows more rapidly than expected.
c. Even accepting the application of multiple years of economic load
forecast uncertainty, the probability distribution used, based on CBO
data, misrepresents that data, and greatly overstates the risk of sharp,
unexpected increases in economic growth and load.
d. The RA Studies have assumed that the companies’ load forecasts are
mean values; but at least in DEC’s case, wholesale commitments have
been added to the forecast that are very unlikely to be called upon, so
the forecast is not a mean value, and the mean value is substantially
lower.
38.

It is certainly appropriate to consider both summer and winter resource

adequacy for planning purposes. However, because the risk and magnitude of extreme
winter peak loads was greatly exaggerated in the RA Studies, the suggestions in the
2016 IRPs that planning should now be winter-focused (DEC 2016 IRP pp. 4-5; DEP 2016
IRP pp. 4-5) should be rejected. While resource adequacy was indeed challenged during
the polar vortex period due to both extreme loads and very poor resource performance,
the lessons learned and practices put in place since that time have addressed the
resource performance risk, as noted in the RA Studies (DEC RA Study, p. 38).
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39.

To the extent planning reserve margins are largely a result of brief winter

peaks that occur only under very rare extreme cold conditions, it will likely be more
economical to develop tailored peak-shaving programs focused on such events rather
than to build additional power plants to serve such rare and brief load spikes.
40.

Finally, this evaluation leads to the following suggestions, for future IRPs:
a. The companies should research the drivers of sharp winter load spikes
under extreme cold conditions, and study the relationship between
extreme cold and load, to inform future resource adequacy studies.
b. The companies should also research the potential for load forecast errors
due to economic and demographic forecast errors, and the realistic
extent to which this could ultimately lead to less capacity than planned in
a delivery year, also to inform future resource adequacy studies.
c. More detailed information about the RA Studies, and thorough
validation, should be required. To start, all model reports, and a more
comprehensive set of sensitivity analyses, should be provided.
d. The companies should consider focusing on an alternative capacity
measure rather than “installed” capacity and installed reserve margin.
As the rather confusing and counter-intuitive discussions in the RA
Studies make clear (DEC RA Study pp. 3-4), with increasing amounts of
seasonal and intermittent resources such as solar on the system, the total
“installed” capacity tells little about seasonal resource adequacy, and the
required installed reserve margin for each season becomes highly
sensitive to the resource mix. More meaningful summer and winter
reserve margin measures would compare the total seasonal capacity
value of all resources, rather than total installed capacity, to the seasonal
peak load forecasts. Resources’ seasonal capacity values reflect the
expected contributions to meeting seasonal peak loads, taking into
account forced outage rates, likely availability during summer and winter
peak periods (in particular, for solar), and perhaps other considerations.
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APPENDIX A: LIMITATIONS OF THIS REVIEW
1.

Resource adequacy studies necessarily involve numerous assumptions

about loads and resources. To evaluate such a study properly requires a careful review
of the various assumptions and how they interact through the simulation to create the
study results. Of critical importance is the probabilistic representation of loads and
resources. Because the goal is to find the reserve margin to satisfy LOLE = 0.1 (one
outage event in ten years), the loss of load will occur only under extremely lowprobability combinations of load and resource conditions. Therefore, to validate such a
simulation (to gain confidence that the various assumptions are realistic in combination
and lead to realistic results) requires careful review of, among other things, the
combinations of multiple rare events that lead to the loss of load. To fully understand
and valued how the loss of load occurs, the following questions should be explored:
•

When loss of load occurs, what is the day of week, hour, weather condition,
and load level?

•

What conditions have combined to cause the extremely high load, if
applicable?

•

Which resources are unavailable at that time and in what quantities, and why
are they unavailable? In particular, what is the state of demand response,
pumped hydro, and purchases through the interties?

These are just a few of the many questions that should be explored in a detailed
validation of a resource adequacy study.
2.

In addition, a thorough review would consider the results of additional

sensitivity analyses around various assumptions, to understand the impact of the
assumptions on the results and recommendations. Sensitivity analysis will often reveal
that the results are highly sensitive to certain assumptions, which may be unrealistic and
suggest that further consideration of the particular values chosen for the assumptions is
warranted.
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3.

However, such validation of the RA Studies could not be performed

because the required details and sensitivity analyses were not provided in response to
data requests (responses to SACE 1-9, SACE 2-18, SACE 2-26, SACE 2-27, SACE 3-4, SACE
3-18, SACE 3-19). This lack of information limited the evaluation of the RA Studies
discussed in this report.
4.

Furthermore, it appears that the Astrape Consulting staff who performed

the analyses also did not complete such a validation exercise; responses to data
requests indicate that the basic model output reports that would be used in such an
effort were not even created, nor was additional sensitivity analysis performed (beyond
the few documented in the reports) (responses to SACE 3-4, SACE 3-18, SACE 3-19). The
apparent lack of basic validation of the simulation results raises concern about the
accuracy of the RA Studies and the reliability of the resulting reserve margin
recommendations.
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APPENDIX B: QUALIFICATIONS OF JAMES F. WILSON
James F. Wilson is an economist and independent consultant doing business as
Wilson Energy Economics, with a business address of 4800 Hampden Lane Suite 200,
Bethesda, Maryland 20814. Mr. Wilson has over 30 years of consulting experience,
primarily in the electric power and natural gas industries. Many of his consulting
assignments have pertained to the economic and policy issues arising from the interplay
of competition and regulation in these industries, including restructuring policies,
market design, market analysis and market power. Other recent engagements have
involved resource adequacy and capacity markets, contract litigation and damages,
forecasting and market evaluation, pipeline rate cases and evaluating allegations of
market manipulation.

Of particular relevance to this report, Mr. Wilson recently

performed a peer review of a resource adequacy study prepared by Astrape Consulting
using the same model used in this proceeding at the request of the Eastern
Interconnection States’ Planning Council (Wilson, James F., Comments on “The Economic
Ramifications of Resource Adequacy Whitepaper”, prepared by Astrape Consulting for
EISPC and NARUC, March 24, 2013). Mr. Wilson’s experience and qualifications are
further detailed in his CV, available at www.wilsonenec.com.
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NATURAL GAS PIPELINE
CERTIFICATION AND
RATEMAKING

DR. STEVE ISSER
October 19, 2016

STEVE ISSER

Elkins Park, PA
(267) 966-5066
steveisser@comcast.net
									
										October 19, 2016
The Honorable Norman C. Bay, Chairman
The Honorable Colette Honorable, Commissioner
The Honorable Cheryl LaFleur, Commissioner
888 First Street, N.E.
Washington D.C. 20426
Re:  Natural Gas Pipeline Certification and Ratemaking
Dear Commissioners Bay, Honorable, and LaFleur:
Enclosed please find the paper that I have authored entitled, “Natural Gas Pipeline
Certification and Ratemaking.”  In the course of my research for this paper, I conducted a
thorough review of (1) the past regulatory structure of pipeline financing; (2) a history of
deregulation and its impacts on pipelines and LDCs; and (3) the new natural gas industry,
including a review of the different shale plays, natural gas demand, generation and exports,
concerns about adequate infrastructure, shortages, and electricity transmission.  
I also discuss the Federal Energy Regulatory Commission’s historical approach to
implementing its Certificate Policy Statement.  I believe that the Commission will find this paper
helpful when considering how to apply its gas pipeline certification policy, given the challenging
new economic and environmental issues it faces.  The Commission’s historical concern about
balancing risks between shareholders and ratepayers suggests that serious consideration be given
to the risk of underwriting overbuild in natural gas transmission systems in light of this changing
regulatory environment.  
		Sincerely,

Dr. Steve Isser
					
Attached:  Natural Gas Pipeline Certification and Ratemaking
     C.V. of Dr. Steve Isser

EXECUTIVE
SUMMARY
EXECUTIVE SUMMARY
The Federal Energy Regulatory Commission (FERC) has endeavored to keep up with
changes in the natural gas and electricity industries since the 1970s, and this changing economic
environment has impacted the natural gas pipeline certification process. The end of rapid growth
in energy demand, natural gas deregulation, electricity deregulation, rollercoaster energy prices,
the emergence of shale gas production and climate change has made it difficult to sustain
coherent policies. Given that natural gas and electric infrastructure is long-lived, and energy
policy is rapidly changing, FERC today finds itself making decisions with unexpected
ramifications decades down the road.
It is not surprising that FERC, once it had formalized its pipeline certificate policy in
1999, left the process to staff. As long as existing customers weren’t required to cross subsidize
new investments, projects were supported by long-term contracts, and proposed pipelines didn’t
create too much controversy or opposition, there was no reason to closely scrutinize applications
for new facilities. Over time, the pipeline certificate process became a “checklist” procedure with
the primary focus of avoiding establishment of barriers to all but egregiously deficient projects.
This process, combined with generous financial incentives, encouraged the building of
infrastructure to open markets to new supplies of natural gas, making natural gas markets more
competitive.
However, in the last few years a “perfect storm” of conflicting policy goals and strategic
behavior has raised questions about the efficacy of this certificate approval process. The
expansion of shale gas production has provided both the opportunity to replace coal plants with
cleaner, more efficient natural gas generators, but also the spectre of new embedded fossil fuel
infrastructure that could hinder long-term reduction in greenhouse gas emissions. Generous
financial incentives, designed to encourage risky greenfield gas infrastructure to serve new
customers, encouraged corporate parents to divert affiliate demand from existing pipelines to
new self-owned facilities to provide lucrative, low risk returns.
It may be time for FERC to revisit how it has applied its 1999 policy statement, and
delineate more sharply the balance between goals. While the basic concept of balancing public
benefits with adverse effects, and to avoid burdening existing ratepayers with the risk of new
investment is still valid, in light of changing circumstances in the 27 years since the statement
was issued, the balance of interests should be re-examined. One possibility would be to initiate a
Technical Conference to discuss how the balancing tests should be applied in the current
economic and environmental context. FERC should examine how the concepts in the policy
statement, such as “subsidization,” “adverse effects,” and “public benefits” should be interpreted
and weighted given current policy concerns.
A simple rule of thumb can combine the benefits of “muddling through” and protection
of the public interest. As the size of projects and the potential for adverse consequences increase,
both the standard of persuasion and the level of scrutiny by the Commission should increase.
Upgrades to the electricity grid should be prioritized over upgrades to the natural gas pipeline
system to enhance electricity reliability. Financial returns for projects should reflect the level of
risk. While FERC has neither the mandate nor the authority to make environmental policy, it is
obligated by its own policies to consider environmental impacts. FERC should be wary of “path
dependence,” where infrastructure decisions can create sunk costs that increase the cost of
complying with EPA regulations and may expose ratepayers to additional costs in the future.
i
i

Given low demand growth, and alternative means of addressing electricity peaks, there is no
pressing need for massive upgrades of the natural gas pipeline system. An additional level of
caution is called for when such projects are financed by natural gas or electricity utility
ratepayers, exposing them to future risks of potentially imprudent investments.
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I.I.   INTRODUCTION
INTRODUCTION
The Federal Energy Regulatory Commission (FERC) has had to struggle to keep up with
changes in the natural gas and electricity industries since the 1970s, as a tsunami of world events,
regulatory dysfunction (due more to legislative actions and inaction and legal decisions than
Commission incompetence) and technological change that has swept away the old order and left
chaos in its wake. The energy crisis of the 1970s changed the relation between economic growth
and energy consumption, and inspired the development of demand side management and
cogeneration. The elimination of natural gas price controls on new sources of gas lead to a
supply surge and price crash in the 1980s, followed by the collapse of OPEC’s dominance of the
oil market in the mid-1980s, which in turn provided FERC with the opportunity to restructure the
natural gas market. No sooner than the unbundling of supply and distribution from pipelines was
accomplished, FERC found itself shifting its attention and resources to the new electricity
markets and the California crisis. The massive Northeast blackout raised concerns about the
reliability of the electric grid, while the threat of declining natural gas supplies and price peaks
shifted attention to the need for LNG import terminals and incentives for gas production, just as
a flood of new gas began arriving on markets from newly tapped shale gas reservoirs.
It is not surprising that FERC, once it had formalized its pipeline certificate policy in
1999, essentially left approval of gas pipeline projects to a small group of staffers. Given the
urgency of the other issues buffeting the agency during the next decade, gas pipeline approval
seemed almost a trivial matter. As long as existing customers weren’t required to cross subsidize
new investments, projects were supported by long-term contracts, and proposed pipelines didn’t
create too much controversy or opposition, there was no reason to closely scrutinize applications
for new facilities. The pipeline certificate process became a “checklist” procedure, with each
criteria, such as economic need and the NEPA balancing of interests, becoming items to check
off during the approval process. The primary focus was to avoid establishing barriers to all but
egregiously deficient projects.
However, “we live in interesting times.” Increasing concern with the threat of climate
change (a polite euphemism for what is literally global warming) has led to executive branch
efforts to join in international efforts to reduce greenhouse gas (GHG) emissions, as exemplified
by both the Sino-American accord1 and the recent Paris Accord.2 The Environmental Protection
Agency (EPA)’s Clean Power Plan (CPP) is one of the measures the Administration hoped to
meet its announced goals of greenhouse gas mitigation.3 While the CPP is currently being
litigated in the DC Circuit Court, and any decision is certain to be appealed (and in light of its
importance, accepted) to the Supreme Court, whether or not the CPP is sustained, some measure
to reduce GHG emissions is inevitable in the future.
1

White House, U.S.-China Joint Announcement on Climate Change, November 11, 2014 at
https://www.whitehouse.gov/the-press-office/2014/11/11/us-china-joint-announcement-climate-change. The United
States pledged to reduce emissions by 26%-28% below its 2005 level in 2025 and China intends to achieve the
peaking of CO2 emissions and increase the share of non-fossil to around 20% by 2030.
2

Paris Agreement, Dec. 1/CP.21, Annex, UN Doc. FCCC/CP/2015/10/Add.1 (January 29, 2016) (Paris Agreement)
at http://unfccc.int/resource/docs/2015/cop21/eng/10a01.pdf.
3

Carbon Pollution Emission Guidelines for Existing Stationary Sources; Electric Utility Generating Units, Final
Rule, 80 Fed. Reg. 64,662 (Oct. 23, 2015).
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While FERC has neither the mandate nor the authority to make environmental policy, it
is obligated by its own policies to consider environmental impacts in deciding whether to grant
certificates or authority to build new natural gas facilities. This does not extend to FERC
usurping EPA authority to control GHG emissions, rather, it counsels caution in approving new
generation or natural gas facilities that may create difficulties in meeting EPA mandates. FERC
should be wary of “path dependence,” where infrastructure decisions can create sunk costs that
increase the cost of complying with EPA regulations and may expose ratepayers to additional
costs in the future. Natural gas pipelines and storage facilities are long-lived assets, and if past
experience teaches us anything, predicting the future is extremely difficult. Given the high level
of uncertainty regarding future regulatory policies and energy technologies, FERC should
proceed carefully when evaluating proposals for large projects that are based on “business as
usual” projections. An additional level of caution is called for when such projects are financed by
natural gas or electricity utility ratepayers and exposes them to future risk of potentially
imprudent investments. The incentives provided by generous returns on equity (ROE), combined
with risk shifting to captive customers, may encourage overbuilding natural gas pipeline
capacity.
II.   BRIEF
BRIEF HISTORY
II.
HISTORY
Natural gas was initially a nuisance byproduct of oil drilling, often flared off at the well
to prevent fire hazards and provide light for night time work in the oil fields. Artificial natural
gas had been used for street lights in many cities, but the distance of most oil fields from major
cities limited the market for natural gas. The first pipelines were made of cast iron, which was
brittle and unreliable for pipelines of any length. By the end of the nineteenth century, steel had
replaced iron, but the early steel pipelines, which were rolled from flat sections, had seams that
couldn’t withstand high pressures. The introduction of oxyacetylene welding in 1911 and electric
arc welding in 1922 made long-distance gas pipelines feasible.4
The northeastern US oil and gas fields were insufficient to supply a natural gas industry,
but the new fields in the Southwest, discovered just after WWI, led to the growth of major gas
suppliers. These large fields prompted the building of new pipelines to deliver the gas to
Midwestern customers. However, the Great Depression stopped expansion, as no major pipeline
was built for a decade.5
The Public Utility Holding Companies Act (PUHCA) of 1935 reshaped the corporate
structure of the gas industry. Four holding companies had controlled 60% of production and
transportation. PUHCA required large holding companies to divest many of their subsidiaries,
separating pipelines and production, and prevented local distribution companies (LDCs) from

4

Christopher Castaneda, Regulated Enterprise: Natural Gas Pipelines and Northeastern Markets, 1938-1954
(Columbus: Ohio State University Press, 1993): 17-18.
5

Castaneda, Regulated Enterprise: Natural Gas Pipelines and Northeastern Markets, 20-23.
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integrating backwards into pipelines and production. The result was a three tier industry, which
required complex contractual relations to coordinate production, transport and distribution.6
The lack of state power to control the activities of interstate pipelines left a regulatory
gap. A series of Federal Trade Commission Reports documented numerous abuses by natural gas
companies, and recommended federal regulation of interstate natural gas prices. A 1937 bill,
H.R. 4008, finally gained the approval of Congress, and President Roosevelt signed it into law as
the Natural Gas Act of 1938 (NGA). The NGA had to satisfy three constituencies, the states,
who wanted to maintain their authority over retail sales, local distributors, who wanted assurance
that their supply of natural gas would not be interrupted, and the pipelines. Congress included
licensing provisions limiting entry in all markets served by existing pipelines, established a
presumption of monopoly power and explicitly put forth the goal of consumer protection as a
priority of natural gas regulation.7
The NGA granted the Federal Power Commission (FPC) jurisdiction to regulate sales for
resale in interstate commerce, transportation in interstate commerce and facilities used for
interstate sales and transportation. § 4 (a) of the NGA required that all natural gas rates subject to
the jurisdiction of the Commission "shall be just and reasonable, and any such rate or charge that
is not just and reasonable is hereby declared to be unlawful." § 7 (c) provided, it was "the
intention of Congress that natural gas shall be sold in interstate commerce for resale . . . at the
lowest possible reasonable rate consistent with the maintenance of adequate service . . ."8
The requirement for a certificate of public convenience and necessity is standard practice
in utility regulation, used to prevent wasteful investment that would impose costs to consumers
by companies recovering those investments in their regulated rate base. In the gas industry those
certificates served an additional purpose, ensuring that a pipeline had under contract an adequate
supply of natural gas to provide sufficient supplies for the pipeline’s customers, and requiring the
pipeline to be sized efficiently relative to reserves. § 7(c) of the NGA required a certificate from
the FPC to build a pipeline to a market served by another natural gas company, which meant the
FPC determined whether and the extent to which competing supplies of gas would be allowed to
enter a region.9
Natural gas at the wellhead was sold to either interstate pipeline companies or intrastate
pipelines. Interstate pipeline rates were regulated by the FPC and its successor agency, the
FERC. Intrastate pipelines were regulated by state public utility commissions (PUCs), as the
FPC had no jurisdiction on natural gas produced and consumed within a state. Pipeline
companies then sold the gas to the LDCs. A PUC could punish a LDC for paying excessive
6

Castaneda, Regulated Enterprise: Natural Gas Pipelines and Northeastern Markets, 26; Richard Vietor, Energy
Policy in America Since 1945 (Cambridge: Cambridge University Press, 1984): 60-70.
7

Report of the FTC to the U.S. Senate, Doc. No. 92, 70th Cong. 1st Sess., pt. 84-A (1936), cited in Richard Pierce,
“Reconstituting the Natural Gas Industry From Wellhead to Burnertip,” 9 Energy Law Journal 1, 5, nt. 16 (1988);
Legislative History of the Natural Gas Policy Act: Title I, 59 Texas Law Review 106-107 (December 1980); Jeff D.
Makholm, The Political Economy of Pipelines: A Century of Comparative Institutional Development (University of
Chicago Press, 2012): 54; M. Elizabeth Sanders, The Regulation of Natural Gas: Policy and Politics, 1938-1978
(Temple University Press, Philadelphia, 1981): 49, 67; John G. Clark, Energy and the Federal Government: Fossil
Fuel Policies, 1900-1940 (University of Illinois Press, Urbana, 1987): 280.
8

Atlantic Refining et al v PSC of NY, 360 U.S. 378, 388 (1959).

9

Castaneda, Regulated Enterprise: Natural Gas Pipelines and Northeastern Markets, 1938-1954, 30.
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prices for gas by disallowing part of the purchase cost. PUCs also determined prices paid by final
customers for natural gas. The NGA preserved this structure, as repeated attempts to make
natural gas pipelines common carriers, similar to oil pipelines, were thwarted in Congress. The
failure to establish common carrier status for pipelines, and require divestiture of pipeline
producer affiliates, greatly complicated the FPC’s regulatory task.
The FPC ruled in a 1945 case that the price of gas produced by a pipeline company fell
under its jurisdiction, confirmed by the Supreme Court. When a pipeline purchased gas from its
own production division or subsidiary, the FPC was concerned that the pipeline might pay itself
an excessive price, recovering the cost through regulated rates. The Supreme Court ignored the
issue of affiliated production, and focused on whether production for interstate use was interstate
commerce, and thus fell under the jurisdiction of the FPC. The Court reasoned that the purpose
of the NGA was to close the jurisdictional gap over interstate transactions, including sales for
resale.10 The 1954 Supreme Court's decision in Phillips Petroleum v Wisconsin11 interpreted the
NGA as extending FPC authority to wellhead natural gas prices.12 Phillips established federal
price controls over the entire industry.
Between 1949 and 1970 natural gas consumption increased from 5 trillion cubic feet
(Tcf) per year to 21 Tcf per year. Natural gas became a major fuel for home heating, as it was
significantly cheaper than heating oil. Low prices allowed gas to penetrate coal markets in
electricity generation, while both price and process use flexibility made it the fuel of choice for
many industries. However, this growth wasn’t uniform, gas barely penetrated the New England
region, and its primary market in Florida was electricity generation.13
While there were warnings of declining reserves and eventually production, they had not
reached a level of urgency in the late 1960s. The change in 1970 was as sudden as it was
unexpected. By September, 1971, the intrastate gas price had jumped ahead of the interstate
price, and would remain higher over the next few years.14 Natural gas producers anticipated this
development, as they made a drastic reversal in 1970, refusing to dedicate any new gas reserves
to the interstate market. The growing disparity between interstate supply and demand eventually
led to the gas shortage of the 1970s.15
In the winters of 1971-72 and 1972-73 gas supplies were cut off with increasing
frequency, and for longer periods of time, throughout the Northern and Eastern portions of the
United States. This included both cutting off supplies in peak periods to industry, and systematic
curtailments of deliveries. By 1973 it was no longer possible to have gas lines installed in new
10

Interstate Gas Co. v. Power Comm'n., 331 U.S. 682, 689-91 (1945).

11

Phillips Petroleum v Wisconsin, 347 U.S. 672 (1954).

12

Phillips Petroleum v Wisconsin, 347 U.S. at 674-685.

13

EIA, Historical Natural Gas Annual, 1930 Through 2000, DOE/EIA-E-0110(00) (December 2001), various
tables.
14

Ronald Braeutigam and R. Glenn Hubbard, “Natural Gas: The Regulatory Transition,” in Leonard Weiss &
Michael Klass, editors, Regulatory Reform: What Actually Happened (Little, Brown & Co., Boston, 1986): 143.

15

Jay Chaffee, “Natural Gas Rate Regulation: The Conflict in the Application of the Just and Reasonable
Standard,” Tulsa Law Review 12 (1976): 313, nt 108, citing Moody, “1974-The Gathering Storm,” Oil & Gas
Institute 26 (Matthew Bender 1975): 1, 4.
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homes built in many regions of the country, and a larger number of industrial consumers found
their supplies curtailed.16 The jump in oil prices in 1974 made natural gas relatively less
expensive for end users,17 requiring the reduction of natural gas demand by fiat until supplies
could be increased. The country avoided major curtailments due to a mild winter in 1975-76. The
following winter was the coldest in 100 years in many regions, focused nationwide attention on
the gas deliverability problem. Gas curtailments nationwide were 23% of firm requirements, and
the shortage was particularly severe along the East Coast.18
A.  

Pipeline Financing Under Regulation

The traditional role of the interstate pipeline company was as a merchant or sole
intermediary between buyers (LDCs) and sellers (natural gas producers), though many interstate
pipelines purchased gas from both subsidiaries and independent producers. Long-term contracts,
twenty years or longer, were the traditional mode of governance. The seasonal nature of the
demand for natural gas required some means of maintaining relative constant pipeline
throughput. Gas storage, as well as "line pack" (the inherent storage in large diameter pipelines),
provided a buffer, while interruptible delivery service and peak-period pricing allocated capacity.
The overall goal was to achieve the mix of production, transmission capacity and storage which
yielded the minimum service cost. Embedded in regulated pipeline rates were all the products
and services associated with the merchant function, including the commodity, transportation,
storage, and all complementary goods.19
New pipeline construction and expansion of existing pipelines required a finding under
the NGA by FERC that the project was in the public interest. If so, FERC would issue a
“certificate of public convenience and necessity.” Before the advent of open access
transportation, a pipeline seeking a certificate to expand its mainline or build a new line
generally executed long-term sales contracts matched by long-term gas supply agreements.
Accordingly, there was no question as to the new facility's usefulness. Once the project was
16

Paul W. MacAvoy and Robert S. Pindyck. "Alternative Regulatory Policies for Dealing with the Natural Gas
Shortage," Bell Journal of Economics and Management Science (1973): 454-498, citing Federal Power Commission,
Proceedings on Curtailment of Gas Deliveries of Interstate Pipelines (1972); Robert Pindyck, “Prices and
Shortages: Evaluating Policy Options for the Natural Gas Industry,” Working Paper, MIT-EL 77-022WP (July
1977): 1.  
17

EIA, Annual Energy Review 2011, DOE/EIA-0384(2011)(September 2012): Table 3.4: Consumer Price
Estimates for Energy by End-Use Sector, 1970-2010.
18

Congressional Quarterly, Energy Policy, 2nd Edition (Wash., D.C.: CQ Press, March 1981): 183; Energy
Information .Agency (EIA), U.S. Department of Energy, Monthly Energy Review (Dec. 8, 1980); State of NC v.
FERC, 584 F. 2d 1003, 1008 (DC Cir. 1978); Robert Pindyck, "Price and Shortages: Evaluating Policy Options for
the Natural Gas Industry," MIT Working Paper (July 1977).
19

Carol Dahl and Thomas Matson, "Evolution of the US Natural Gas Industry in Response to Changes in
Transaction Costs," Land Economics 74(3)(August 1998): 392-93. Most long-term contracts were negotiated before
1970. Congressional Budget Office, Understanding Natural Gas Price Decontrol (U.S. Government Printing Office,
Wash. D.C., April 1983): 8; Daniel J. Duann, The FERC Restructuring Rule: Implications for Local Distribution
Companies and State Public Utility Commissions (National Regulatory Research Institute, NRRI 93-12, November
1993): 43.
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approved, the certificate assured the pipeline of rate base inclusion of the project's costs in its
next general NGA § 4 rate case.
Expansion of existing facilities represented only a small fraction of total installed
capacity in terms of pipeline miles but a much larger fraction of book value. The Commission
traditionally favored rolled-in or average-cost pricing for new pipeline construction when the
new facilities provided benefits to the pipeline's existing customers and existing customers didn’t
subsidize those customers who benefited from the new facilities. The primacy of an integrated
system was the rationale for averaging in the costs of the new facilities.20 After a couple of D.C.
Circuit decisions questioning the “rolling in” policy,21 FERC responded by opening a new docket
on pipeline pricing, holding hearings, and issued a policy statement in 1995. To determine
whether a proposed project warranted the use of rolled-in pricing, the Commission would look to
the extent to which the new facilities were integrated with existing facilities and to the specific
system benefits produced by the project. There were two general classes of benefits: operational
benefits such as increased access, reliability, flexibility, or new services; and monetary benefits
such as fuel or other cost savings or the prevention of rate increases from unrelated load loss. To
the extent that rolled-in pricing would cause a rate increase of more than 5%, the Pricing Policy
Statement created a rebuttable presumption in favor of incremental treatment.22
B.  

A Very Short History of Deregulation

President Carter's energy package was introduced on May 2, 1977, as the National
Energy Act. The key issue which the two chambers of Congress could not agree upon was the
deregulation of natural gas wellhead prices. In September a compromise was reached in
conference, resulting in a gas deregulation bill, HR 5289. The conference committee bill
combined price control and deregulation by creating nationwide incentive based price ceilings,
and allowed phased deregulation of certain categories of gas. The battle then moved to the
Senate where the administration conducted an intensive lobbying effort to ensure passage.
Congress settled for a phased deregulation plan, ending controls by 1985. The bill which
emerged from conference, the Natural Gas Policy Act (NGPA), retained the extension of
controls to the intrastate market and phased-in deregulation of the wellhead price of new natural
gas.23
The Department of Energy (DOE) Organization Act of 1977 created a new cabinet level
Department to govern most energy related issues. DOE consolidated in one cabinet level
department major energy related functions previously vested in several different agencies.
Within DOE, FERC was created as an "independent regulatory commission," and given many of
20

Battle Creek Gas Co. v. FPC, 281 F.2d 42, 46-48 (D.C. Cir. 1960)

21
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the powers of the FPC over natural gas and electricity, as well as substantial additional authority
relating to oil pricing and allocations. DOE assumed the FPC's authority under the NGA to
authorize imports and exports of natural gas and to establish curtailment priorities. FERC
inherited all other rate, certificate and licensing functions. In addition, the authority to regulate
exports and imports of natural gas or electricity could be assigned to FERC by the Secretary.24
FERC, as an independent regulatory agency involved in adjudication and rule making, was
bound by the Administrative Procedures Act, and FPC precedent.
The passage of the NGPA meant a huge workload for FERC, as numerous orders needed
to go through the administrative law procedure of proposal, response, initial order, modified
order, litigation (since aggrieved parties had the option of appealing orders to the Appeals Courts
under § 19(b) of the NGA), and finally a Court approved and/or modified order that would
govern the subject under dispute. The NGPA established a highly complicated pricing scheme
for natural gas, including various categories, price tiers, escalation factors and timelines for
decontrol.
The pipelines, worried about obtaining sufficient supplies, signed long-term contracts at
above current market prices. A pipeline that refused to pay these prices could have found itself
short of gas and thus in breach of both contractual and regulatory duties to supply gas.25
Numerous contracts had 'favored nation clauses' that raised prices to match higher cost contracts
upon deregulation.26 Many contracts had take-or-pay clauses, requiring the purchaser to buy a
certain quantity of gas. At first, average pricing blended together legacy low cost “old gas” with
higher priced “new gas.” As the supply of higher priced new gas increased, so did the average
price of gas, eventually exceeding the declining cost of oil due to a glut on the world oil market.
As a result, end-users did not want to pay for higher-priced natural gas, and began to revert back
to using petroleum products. A surplus appeared in 1982 and increased in magnitude the next
year. As the average price of regulated gas continued to rise, there was less room to roll in the
cost of unregulated gas, and demand for these resources declined precipitously. Fuel switching,
and the threat of additional fuel switching by industrial customers resulted in a 180 degree shift
in FERC pipeline ratemaking.
Demand for gas by residential and small commercial users is highly seasonal, especially
in northern states, where demand for gas for heating peaks in the winter. Pipelines are designed
to service the peak demand. Variable costs of pipeline operation are incurred in proportion to the
gas actually used. Historically, pipeline companies’ fixed costs such as the depreciation of the
pipeline, operation and maintenance expenses, and return on equity, had been distributed
between the demand and commodity charges. The demand charge is based on the quantity that a
customer has contracted for the right to take during the peak period. The commodity charge is
based upon the volume of gas consumed by the customer.  To the extent that fixed costs are
24
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included in the demand portion of the rate, the pipeline is assured of cost recovery. Under the
Atlantic Seaboard formula, established in 1952, variable costs were assigned to the commodity
component because they fluctuated according to the volume of gas delivered. Fixed costs,
incurred to provide the capacity to supply peak demand, were divided equally between demand
and commodity components. In the 1980s, FERC began to approve interruptible rates that
required industrial customers to make only minimum contributions to the fixed costs of pipelines
to retain them as customers.27 Many industrial customers employed interruptible service
purchases, and paid only a commodity charge, while customers on firm supply paid both
commodity and demand charges.
Full requirements customers purchased their entire natural gas supply from one pipeline.
They were sometimes referred to as "captive" customers since, in most cases, they were located
in areas where there is only one pipeline supplier. LDCs generally made up this group. Partial
requirements customers bought from more than one pipeline and could swing off the system
from one pipeline to another, reducing sales which, in turn, resulted in under recovery of costs
for the pipeline which lost the customer. If the pipeline was unable to make up the lost volume of
sales by selling the excess supply of gas elsewhere, it could file for new rates to offset the
decreased revenue. In these new rates, the pipeline's fixed costs were spread over a lower volume
of gas, resulting in higher fixed rates on that system. The captive customers had no alternative to
paying these rates.28
One of the Congressional objectives of the NGPA was to ease the regulatory roadblocks
imposed by the NGA to integration of the facilities of interstate and intrastate pipelines into a
more efficient national transportation network. The key provision of the NGPA was § 311, which
authorized the Commission to allow interstate and intrastate pipelines to transport gas in
interstate commerce without being subject to the certificate and abandonment requirements of §
7 of the NGA. This allowed pipelines the freedom to construct facilities to penetrate new
markets, but only if the facilities were used for transportation and not for commodity sales. The
traditional certificate requirements of § 7(c) continued to apply to construction of facilities to
effectuate a pipeline's sale of gas to any new market.
Natural gas decontrol was a contentious political issue, and attempts to either freeze
decontrol or accelerate it both floundered in Congress in the 1980s. FERC, reacting to the
impasse in Congress, began a campaign of administrative decontrol. Congress did repeal
provisions of the Fuel Use Act in 1987 to end the prohibition on additional gas use by new
industrial businesses and electric utilities. This opened up new industrial and utility customers
for the emerging spot market to service (as gas was released from long-term contract
commitments, it became available for sale on the spot market, along with new, uncommitted gas
27
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supplies). In 1989, Congress built upon the significant changes in the natural gas industry by
enacting the Natural Gas Wellhead Decontrol Act of 198929 which end federal controls over
natural gas prices by January 1, 1993.
The FERC had two main goals in its series of natural gas orders during the late 1980s and
early 1990s, to open up the interstate natural gas pipeline system to access by customers to
facilitate competition for gas supplies, and to resolve the fiscal threat posed by take-or-pay
purchase contracts to the pipelines and their customers. Numerous orders were appealed to the
D.C. Circuit Court of Appeals where they were remanded back to the Commission, modified
and/or replaced by a subsequent order.30 This game of regulatory litigation whack-a-mole had the
desired effect, gas producers settled take-or-pay contracts for far less than their face value, and
the pipelines gradually became common carriers.
In 1985, Order 436 imposed an “open-access” commitment on any pipeline that secures a
blanket certificate (i.e., a certificate authorizing general transportation service) to provide gas
transportation under § 311 of the NGPA. If a pipeline wanted to take advantage of blanket
certification, it had to commit to provide transportation on a nondiscriminatory basis (and thus
become an "open-access" pipeline). All types of transportation were covered, including backhauls, exchanges, displacement, and contract storage. Both firm and interruptible service must be
offered by interstate pipelines, subject to available capacity. Capacity must be allocated on a
"first-come, first-served" basis. Since transactions under § 311 and blanket certificates included
virtually every major pipeline, this would open up most of the gas transportation system to open
access transportation of gas.31
The Commission attempted to combine accelerated decontrol of old gas prices with
incentives to renegotiate onerous take-or-pay contracts. On August 7, 1987, the Commission
issued Order No. 500,32 an "interim" rule responding to the remand of Order 436. Order 500
readopted most of Order 436, but added and deleted various provisions in an effort to respond to
the DC Circuit’s mandate. After the Commission issued Order 500, producers and pipelines
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renegotiated a substantial portion of their take-or-pay contracts. By the end of 1987, almost 80%
of pipelines' potential liability had been resolved, and most of the rest in 1988.33
FERC’s orders, despite being remanded and vacated, were impacting the natural gas
market. The changes promulgated in the 1980s by the FERC gradually opened up the interstate
gas pipelines. With increased direct gas purchases and wide use of transportation-only service,
the traditional structure of a regulated pipeline buying at the wellhead and selling gas to the
LDCs was being replaced by commodity gas purchases by LDCs and large end user customers,
with interstate transportation provided by pipelines.34
As parties attempted to implement contract demand conversions, however, they were
confronted by a new series of restrictive terms and conditions imposed by the pipeline-astransporter. These new tariff restrictions had the common trait of making the firm transportation
services provided to competitors distinctly inferior to the implicit transportation service that the
pipeline provided to itself as a merchant. To receive a level of supply security comparable to that
offered by pipeline system sales, the LDC would have to "book" more capacity for transport than
needed to purchase firm sales from the pipeline.35 The availability of storage was a key
component of making firm transportation comparable to firm sales because system storage
provides "swing" capability to handle winter peak demand. The Commission proceeded to
require pipelines to offer interruptible open access storage in addition to firm service.36
In Order No. 636, in 1992,37 the Commission concluded that many customers had not
taken advantage of Order 436's option to convert from firm-sales to firm-transportation service
because the firm-transportation component of bundled firm-sales service was "superior in
quality" to stand-alone firm-transportation service. The Commission concluded that the main
problem was the continued existence of the pipelines' bundled, city-gate, firm sales service.38
The Commission's remedy was to require pipelines to unbundle the sales and transportation
components of their firm sales services. Storage was redefined as transportation, which must also
be unbundled from sales. The Commission introduced the concept of "no-notice firm
transportation," stand-alone firm transportation without daily balancing and scheduling penalties.
33
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Pipelines must separately identify the cost components of the "no-notice" transportation service
rates in their rate schedules.39 Each pipeline was required to go through an individual
restructuring proceeding, to conform its operations to the new regulations and to address
pipeline-specific issues. All firm and interruptible sales services would be provided as unbundled
services. Pipelines could adopt a market-based pricing mechanism for gas sales upon full
compliance with the final rule. The Commission reasoned that open-access transportation,
combined with its finding that adequate divertible gas supplies exist in all pipeline markets,
would ensure that the market for gas would keep rates within the zone of reasonableness.40
Order 636 represented the latest change in FERC’s policy goals for rate design. In 1983
FERC adopted the modified fixed variable cost classification and rate design, which removed all
fixed costs, except for a pipeline company’s return on equity and associated taxes, from the
commodity charge. In its 1989 policy statement on rate design, FERC suggested that the usage
charge be eliminated, shifting fixed costs into the capacity charge. FERC maintained that, by
lowering the costs charged to customers who purchase large volumes (thus potentially raising
their demand for gas), pipeline companies would increase the volume of gas they transport.41
Pipelines had differing amounts of fixed costs in their usage charges because fixed costs are
determined by reference to revenue requirement criteria that differed on each pipeline. This
hindered competition and the development of a national gas market. In Order 636 the
Commission required pipelines to use the straight fixed variable method of assigning all fixed
costs to the reservation charge. The Commission didn’t preclude the pipeline, its customers, and
interested parties from agreeing to an alternative method. However, parties advocating
something other than the straight fixed variable method carried a heavy burden of persuasion.42
C.  

Impact of Deregulation on Pipelines and LDCs

The rule changes in Order 636 placed a new set of burdens on LDCs. The LDC became
responsible for securing gas supplies to assure availability and arranging for its transportation.
Responsibility for reviewing the LDC's gas costs shifted to the states. Order 636 further
encouraged bypass (purchasing directly off the pipeline instead of through the LDC) by
removing existing barriers to transportation.43 The straight fixed variable rate design imposed
additional costs on customers (such as residential consumers) who had relatively inflexible
demand during peak periods, if the LDC had to recover more costs from peak demand charges.
Switchable pipeline customers would bypass the LDC if they weren’t granted rates that reflected
39
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the lower cost of interruptible gas service. Overall small consumers still received lower delivered
prices from lower natural gas prices at the well head due to deregulation and rationalization of
gas markets, but they no longer benefited from cross-subsidization. The impact of these changes
on the overall cost of gas to residential end-users depended on the LDC’s customer portfolio and
change in purchased gas costs.44
Development of national gas markets had begun before Order 636, but the order
accelerated the movement to market integration. By late 1988, all regions were connected via an
open access pipeline. Spot markets gradually became more integrated between 1987 and 1991,
but the reliability of these spot markets was not assured until trading grew to give the market the
depth required to assure it as a reliable source of gas. Convergence of regional gas prices
accelerated after the issuance of Order 636.45 By 1997, there were 38 operating market centers as
compared to only five when Order 636 was issued.46 These market centers provide a variety of
services that increase the flexibility of the system and facilitate connections between gas sellers
and buyers. Electronic trading of gas and capacity rights became commonly available. Electronic
trading systems enable buyers and sellers to discover the price and availability of gas at
transaction points, submit bids, complete legally binding transactions, and prearrange capacity
release transactions. Electronic information services offer capacity release and tariff information
aggregated from pipeline electronic bulletin boards, gas futures prices, weather information, and
determination of least cost routing.47
The spot market consists of a large network of buyers and sellers of gas that operate in
different regions. The buyers include gas distribution companies, electric utilities, industrial
firms, commercial businesses, and trading companies. The sellers of gas include the major and
independent gas producers, gas marketers, intrastate pipeline companies, and utilities. Spot
markets operate at several locations, including city gates such as New York, Los Angeles,
Chicago, and Toronto, and market centers such as Rocky Mountains and East and South Texas,
the Henry Hub, Louisiana, and El Paso, Texas. Gas price movements tend to be highly correlated
across these regional markets, but they are higher near the consumer markets than at the producer
end of the pipeline. The spot market is a physical market because its function is physically to
deliver gas from one owner to another.
Once pipelines opened their systems to transportation, the demand for interconnections
rose. In the mid 1980’s, pipeline companies began to organize their systems into a hub-andspoke configuration. The hubs allow pipelines with different operating pressures to "wagon
wheel" their customers’ gas through the hub and over the network. In contrast to the old system
of merchant carriage, tradeable transportation rights permitted gas buyers to transact at all
44
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directly or indirectly connected nodes. Because open access allowed these exchanges to be made,
field markets previously separated by regulation became more integrated. When there is no
congestion, the basis differential should equal the pipeline charge for transportation of that gas
from the origin to the upstream point of delivery. When demand for transportation increased
beyond capacity in these networks, gas was shipped at the spot price plus transportation price,
but resold at the line exit hub at the market clearing price. The difference was a scarcity
(congestion) rent to the broker-dealer in spot gas. The problem was the broker-dealer wasn’t
normally the investor in new transportation, so a potential source of revenue to finance pipeline
expansion was dissipated.48
Because of FERC’s unbundling of pipeline services, LDCs were now responsible for
storing their own gas supplies. With the growth of alternatives, the LDC could better align
capacity commitments to seasonal variations in demand. In general, two types of storage
facilities are used for natural gas: (1) underground storage in a depleted oil or gas field, an
aquifer, or a solution-mined salt cavern, and (2) above-ground storage tanks for propane,
liquefied natural gas, and compressed natural gas. LDCs can either contract for capacity or build
their own storage facilities. By contracting for storage services, LDCs may be able to reduce
their need for fixed pipeline transportation services and lower the overall costs to deliver gas.
The key to deregulated markets is the absence, or at most, the limited exercise of market
power. Studies conducted for FERC suggested there was limited market power, and that entry by
new pipelines into existing service areas would generally eliminate what market power existed.
By 1995, prices had converged between geographically separated spot markets, evidence that a
national gas market (at least East of the Rocky Mountains) had emerged.49 However, the national
gas network was still separated into three regional markets, the Northeast, the Midwest and
California. The Midwest was primarily supplied from West Texas and Canada, while the
Northeast from East Texas and Louisiana.50
EW NATURAL GAS INDUSTRY
III.   THE
THE NNEW
III.
NATURAL GAS INDUSTRY

The emergence of shale gas had a dramatic impact on the natural gas industry, especially
the development of the Marcellus shale field. As production grew in the Appalachian gas region,
the traditional flow of gas from Texas and Gulf of Mexico fields to the Northeast was first
supplanted, and then replaced by this new source of natural gas.
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A.  

Shale Gas

Shale formations across the U.S. have been used to produce natural gas in small but
continuous volumes since the earliest years of gas development.51 The first recorded horizontal
well was drilled in 1929 and the first recorded hydraulic fracturing was undertaken in 1947.52
However, gas production through these combined techniques became commonplace only in the
1990s after years of federal support and further innovations. Mitchell Energy & Development
played the primary role in developing the Barnett play in Texas, and it was the successful
development of the Barnett play that jump-started the shale gas boom. Mitchell Energy drilled its
first well in the Barnett in 1981, but it wasn’t until about 2000 that a combination of technologies
allowed profitable drilling in the Barnett. Horizontal drilling in the Barnett didn’t begin on a
major scale until 2003, aided by the purchase of Mitchell Energy by Devon Energy in 2002. The
combination of improved efficiency and expertise, financial resources and an uptick in natural
gas prices in 2000 ignited the shale gas boom.53 Barnett production would peak in 2012 before
steadily declining.54
The development of the Barnett, Haynesville and Permian basin shale reserves had little
fundamental impact on the US natural gas market, other than increasing aggregate supply. Since
these fields were located in or close to Texas, they fed the Texas intrastate market and the
interstate pipelines originating in Texas and Louisiana. It has been the development of the
Marcellus shale, both due to its size and location, that changed the structure of the US natural gas
market. While production in the Marcellus began in 2006, it wasn’t until 2010 that production
growth began to accelerate. By 2015, the Marcellus shale was responsible for 20% of US natural
gas production.55 This flood of new gas supply temporarily created congestion and chaos, as it
supplanted Gulf of Mexico and Texas gas supplies. Accordingly, the value of point-to-point
transportation from the Gulf Coast, as a primary commercial impetus for new pipeline capacity
began to diminish56 and new pipelines from shale gas supply areas were needed to transport the
increased production.
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B.  

NG Demand, Generation, LNG exports

By 2000, the natural gas market had reached maturity in most regions and there was
limited growth potential, as natural gas had replaced petroleum products in most submarkets
where it provided a cost or operational advantage. Between 2000 and 2014, there was zero
growth in nationwide consumption of natural gas for purposes other than electricity generation.
Beginning around 2005, natural gas consumption for electricity generation gradually increased as
environmental regulations discouraged construction of new coal plants. This trend accelerated
after 2009 as both the threat of new air pollution and other regulations under the Obama
Administration, and a precipitous decline in natural gas prices, encouraged a shift away from
coal.57
The Northeast region followed the national trend of near zero growth in natural gas
consumption other than electricity generation. Given the limited potential for further penetration
of gas into traditional petroleum markets, any future growth in natural gas consumption depends
on the interplay between economic growth and the impact of aggressive energy conservation
programs in place in most of these states. The potential for conversion from coal fired generation
in the Northeast is limited outside of western and central Pennsylvania, and many of the
remaining oil fired generators are dual fuel units that want to maintain that flexibility.58
The natural gas transmission and distribution system in the Northeastern United States
was traditionally built around supplies from the Southwest and Canada. Domestic natural gas
flows into the region from the Southwest into Virginia and West Virginia, and from the Midwest
into West Virginia and Pennsylvania. Canadian imports come into the region principally through
New York, Maine, and New Hampshire. LNG supplies currently enter the region through import
terminals located in Massachusetts, Maryland, and New Brunswick, Canada.
In the Marcellus and Utica59 plays, production has grown rapidly over the past several
years, and infrastructure growth has not kept pace. This is partly because pipeline projects may
take several years to bring online. As a result, there is a large backlog of wells that have been
drilled but won't produce until there is available infrastructure or until the price of natural gas
increases. These wells allow Marcellus production to ramp up quickly when new infrastructure
comes online. Pipelines have been added in 2015 and 2016, with more projects approved, to
transport natural gas to population centers along the Atlantic Coast. Natural gas production in the
region increased as producers obtained access to new takeaway capacity. In 2015, 6.0 billion
cubic feet per day (Bcf/d) of new pipeline takeaway capacity in the Northeast was commissioned
to transport natural gas to the east, south, and west of the Marcellus and Utica shales. In 2016,
2.2 Bcf/d of new pipeline capacity currently under construction is scheduled to come online in
the Northeast.60
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As the pipeline network expanded the spread in gas prices narrowed. Some natural gas
prices at trading hubs in the Appalachian Basin's Marcellus Shale play were trading well below
the national benchmark spot price at the Henry Hub in Louisiana.61 Since the summer of 2012,
rising growth in natural gas production in the Marcellus outpaced growth in the region's
available pipeline takeaway capacity. As new pipeline capacity came on line, the gap between
Marcellus region price points and Henry Hub has narrowed. The price at Transcontinental
Pipeline's Leidy Hub in central Pennsylvania averaged 93 cents per MMBtu below the Henry
Hub price from December 1 through January 15, 2016. In July 2015, this differential was
$1.65/MMBtu. Where pipelines could back out deliveries of Gulf Coast production, and had
access to a more diverse pipeline network supplying multiple markets in the Northeast and
Midwest, the spot price traded at close to parity with Henry Hub prices.62
The major growth market for Marcellus Shale gas will be Midwest markets, especially to
areas where substantial coal plant retirements are planned or have already occurred. Marcellus
gas will back out Texas and Gulf of Mexico gas, freeing it for export as LNG. Cheniere Energy
Inc.’s Sabine Pass terminal in Louisiana has been exporting gas since October, 2015.63 The
expansion of the Panama canal will open up Asian markets by lowering costs of moving LNG
out of the Gulf of Mexico.64 While numerous LNG export terminals are planned, and a number
have been proposed to FERC, 65 most will never get built in light of a world LNG glut.66
C.  

Concerns About Adequate Infrastructure

Traditionally, energy policy in the US was built around expanding infrastructure to meet
growing energy demand. The energy crisis of the 1970s upended this paradigm due to slower
energy growth, first due to slower economic growth and then to policies emphasizing demand
side management. However, while energy demand growth is no longer a major driver of energy
infrastructure investment, changes in market structure due to the restructuring of the gas and
electricity industries and environmental regulations shifted patterns of fuel consumption and
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electricity generation to different technologies and regions. The massive migration to the Sunbelt
also resulted in regional reliability issues requiring infrastructure investments.
The Energy Policy Act of 2005 reflected increasing concerns with reliability of energy
infrastructure, especially the electrical transmission grid. Title XII authorized FERC to certify a
national electric reliability organization (ERO) to enforce mandatory reliability standards for the
bulk power system. The Act also required the Secretary of Energy within a year of enactment
and every three years thereafter to conduct a study of electric transmission congestion. The
Secretary may designate any geographic area experiencing electric energy transmission capacity
constraints or congestion as a national interest electric transmission corridor and override state
opposition to building new transmission in that corridor. FERC was to establish incentive-based
rate treatments for transmission to promote capital investment in transmission facilities.67 Under
Order 679, FERC provides returns on equity at the upper end of the zone of reasonableness for
transmission investments.68
EPAct Subtitle B dealt with natural gas issues. The NGA was extended to imports and
exports of natural gas, and FERC was given exclusive authority to approve or deny an
application for the siting, construction, expansion, or operation of an LNG terminal.69 The
Commission was also granted authority over natural gas storage facilities.70 FERC was designed
as the lead agency for the purposes of coordinating all applicable Federal authorizations and for
the purposes of complying with the National Environmental Policy Act of 1969 with regard to
section 3 authorization and section 7 certificates.71
A number of studies, many financed by the natural gas industry, publicized the potential
for supply shortfalls if additional pipeline infrastructure failed to be approved by regulators.72
While Congressional efforts, such as the Natural Gas Pipeline Permitting Reform Act, to
expedite approval of natural gas projects were never enacted, they did send a message to FERC.
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D.  

Polar Vortex and Gas Shortages

The January 2014 “Polar Vortex” event brought home the increasing dependence of the
electricity grid on natural gas supplies as gas generation began to supplant coal as the dominate
fuel for electric generation. In the 2013/2014 and 2014/2015 winters, many Northeast natural gas
pipelines were operating at close to full capacity to meet heating needs. Increased pipeline
utilization rates on peak days stressed the natural gas transport system. The limited and
somewhat inflexible scheduling windows prevalent in natural gas markets and the lack of
alignment between natural gas and wholesale electricity markets created difficulties in
scheduling deliveries of natural gas to meet the demand of gas-fired generators. During the
evening of January 7, 2014, PJM set a new wintertime peak demand record while dealing with
higher than normal generation outages. During the peak demand hour, 22 percent of generation
capacity was out of service (one-quarter of these outages were due to natural gas shortages).73
Following the Polar Vortex, a second series of winter storms and extremely cold weather hit the
region January 17 through January 29. To ensure that gas would be delivered during the few
hours per day they needed to be in service, generators were required to schedule gas deliveries
for a full day at extremely high prices. Spot natural gas and electricity prices soared and natural
gas scheduling issues caused most of the $597 million in uplift charges for January 2014.74 PJM
responded by developing a Capacity Performance product which encourages generators to
employ such techniques as direct interconnection to one or more pipelines, firm transportation
contracts, and installation of back up oil supplies to ensure performance under extreme
conditions.75
New England experienced similar conditions and high prices during the 2014 cold
weather incident. To maintain sufficient fuel supplies, the following winter dual fuel units were
recommissioned, and both gas distribution companies and electric generators entered into
contracts for LNG imports. While spot prices at the Algonquin Citygate surged past $30/MMBtu
in winter of 2013–2014, in the winter of 2014–2015, despite colder temperatures, gas price
spikes remained more muted, only exceeding $10/MMBtu.76 The ISO’s Winter Reliability
program paid dual fuel units for storing oil, and in the winter of 2014/15, also paid for LNG
storage. The program cost $70 million the first winter and $50 million the next year.77 Using the
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most extreme weather conditions (based on winter 2004 which was colder than 2014 or 2015), a
study found that there would be no electric sector reliability deficiency, rather, the issue boiled
down to the most economic means to meet peak winter demand.78 Incremental upgrades to
existing gas pipelines are expected to increase pipeline delivery capacity by around 400-600
million cubic feet per day by winter 2017/18.79 Reliance on LNG imports has become increasing
economic, especially as a means to meet winter peak needs in comparison to new pipeline
capacity,80 as a glut on the world market has detached LNG prices from oil prices, encouraging a
downward pricing trend.81
Regulators took a variety of actions to prevent a reoccurrence of events during the Polar
Vortex. Peak winter constraints in the supply of natural gas have been addressed by the most
economic means to meet peak winter demand, which in many instances has proven to be LNG
rather than additional pipeline capacity.
E.  

Electricity Transmission

Regional increases in demand for electric generation can be met through a variety of
options, including energy efficiency, demand response and renewable energy. Nevertheless,
where additional gas-fired generation is required to meet demand, , there is a choice between
bringing gas to generating sites close to population centers, or bringing gas fired electricity to
those demand pockets through upgraded electricity transmission infrastructure. The three system
operators, ISO-NE, NYISO and PJM, have been aggressively expanding and coordinating their
transmission systems. With the New England power system undergoing a transformation through
generation retirements and an increasing reliance on renewable resources and natural gas-fired
generation facilities, the addition of transmission will help the region maintain reliability. The
plan includes the addition of 210 transmission projects over the next 10 years at a cost of $4.8
billion. From 2002 to June 2015, 634 transmission projects were placed in service at a cost of
$7.2 billion, with the investments dramatically reducing congestion. ISO-NE and the NY ISO
have implemented a new interregional market system that will streamline electric energy
transactions and improve power flow between the two markets.82 PJM has proposed numerous
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upgrades to address congestion, but has seen no need for a long-lead-time, larger-scope
transmission solution to potential reliability concerns.83	
  
These transmission investments have significantly reduced congestion in the Northeast
region. This trend began in the 2009-2011 period and has continued to the present. Generation
and transmission additions across the Northeast in recent years have contributed to lower overall
congestion, particularly within New England and PJM. Some congestion still exists, especially
into load centers in central New York and the New York City and Long Island areas. There are
some restrictions on the delivery of wind generation from the Midwest as existing transmission
facilities were designed to meet the on-peak demands of load centers rather than deliver off-peak
generation from the remote wind locations. There are also some administrative and institutional
issues arising from different market rules, scheduling practices, and transmission reservations
between neighboring RTOs and ISOs. RTOs and ISOs in the Northeast are aware of these issues
and are actively working to address them.84
There are a number of advantages of upgrading the electricity transmission over
expanding the natural gas pipeline system. First, since electricity is more expensive to store than
gas, overcapacity in electricity is less of an issue than overcapacity in gas transport. Storage of
natural gas is often more cost effective than pipeline expansion, particularly to meet variable
demand and peak needs, rather than base load demand. Electric storage is relatively expensive
compared to the cost of building excess transmission capacity, while the costs of excess
transmission are balanced by the benefit of increased reliability and generator market power
mitigation. Second, while additional gas pipeline capacity for gas generation locks in one
technology, expansion of the electricity transmission grid provides more options as generation
technology changes over the coming decades. Third, expansion of the electric transmission grid
provides more options for maintaining reliability, from demand response and storage to imported
electricity.
NG NG
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1999 Policy Statement

In the wake of deregulation, FERC began balancing the benefits of increased competition
against the costs of new facilities. To promote competition among pipelines, the Commission
wanted to ease market entry and exit restrictions by providing for optional certification. The
Commission wanted to accelerate the procedure for obtaining §7(c) certificate authority, as it felt
that it was good public policy to process applications efficiently and expeditiously to allow
consumers to receive gas supplies quickly and benefit the workings of a competitive market.85
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Optional construction certificates were introduced in Order No. 436. Applicants were not
required to demonstrate markets or gas supply to the extent required for traditional construction
certificate applications. Rather, the applicant had to be willing to bear the risk of underutilization of the proposed project. A pipeline was eligible if it agreed to provide
nondiscriminatory, open access transportation, and if the proposed rates for the service were
designed so that no inappropriate costs were borne by the pipeline's existing customers.86
In 1991, FERC began conditioning certain NGA § 7(c) construction certificates so that
pipeline companies would bear the risk of recovering project costs. With the on-set of open
access transportation, projects were built without the pipeline's having in hand firm, long-term
contracts covering 100% of the new capacity. The Commission issued the requested certificate,
but included language to impose an "at risk" condition.87
Responding to the court’s decision in Algonquin,88 the Commission provided policy
guidance to determine whether a proposed project warrants the use of rolled-in pricing. The
Commission would look to the extent to which new facilities are integrated with the existing
facilities and the specific system benefits produced by the project. Benefits included operational
and monetary benefits. Absent from the list of benefits were any long-term "social" benefits as
they were difficult to substantiate and quantify.89 The Commission, in evaluating whether a
pipeline project was correctly sized, gave great weight to whether the pipeline conducted an open
season for all new capacity prior to submitting the application.90
In the 1999 policy statement, the Commission saw § 7 approval as a flexible balancing
process during which it weighs the proposal's market support, economic, operational, and
competitive benefits, and environmental impact. The threshold question applicable to incumbent
pipelines is whether the project can proceed without subsidies from their existing customers. The
next step is to determine whether the applicant has made efforts to eliminate or minimize any
adverse effects the project might have on the existing customers of the pipeline proposing the
project, existing pipelines in the market and their captive customers, or landowners and
communities affected by the route of the new pipeline. The Commission will proceed to evaluate
the project by balancing the evidence of public benefits to be achieved against the residual
adverse effects. Public benefits could include meeting unserved demand, eliminating bottlenecks,
access to new supplies, lower costs to consumers, providing competitive alternatives, increasing
electric reliability, or advancing clean air objectives.91
The Certificate Policy Statement should be viewed in light of the circumstances that
existed at the time of its issuance. Natural gas wholesale markets had just been deregulated, and
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electricity markets were on the verge of emerging across the country. A flood of independent
power projects had been proposed in some of the new electricity markets, which could spike
demand for natural gas. Obtaining sufficient gas supplies, whether through incentives for drilling
or imported LNG was a serious policy question. The Commission, having deregulated pipelines
and separated production and marketing of gas from its transport, was content to establish basic
rules for approval of new projects, avoiding subsidization by existing customers. With the advent
of electricity restructuring and the growth of electricity markets, regulatory staff were shifted
away from pipeline regulation.
Distributors supported the end of pipeline rolled-in ratemaking that allowed pipeline
companies to raise rates on existing capacity contracts to subsidize the building of new capacity.
Groups of gas distributors funded much of the analysis and litigation. Ironically, one result has
been excessive earnings by pipeline companies, because eliminating cross-subsidization also
meant that existing assets continued to earn revenues on a declining asset base. The elimination
of periodic rate cases increased the burden on shippers, customers and FERC to monitor rates,
allowing excess earnings to persist. Investments in upgrades and major maintenance projects
became new incremental investments which were priced independently of existing transportation
contracts.92
B.  

Recent Precedents

FERC seems to be prejudiced in favor of approval of pipeline proposals, as the only
denial of a certificate the last few years was the application for the pipeline associated with the
Jordan Cove LNG export project. In this particular case, Pacific Connector presented little or no
evidence of need for the Pipeline. Pacific Connector had failed to enter into any precedent
agreements for its project, nor conducted an open season.93 However, the high approval rate is
partially due to self-selection. The optimal project for easy FERC approval will be fully
subscribed without adversely affecting any other pipelines or their customers, will not be
subsidized by existing customers, and involves expansion or modification of an existing pipeline
so as to minimize adverse effects on landowners or communities.94
One application that does not fit the “quick and easy” project approval mold is the joint
Florida Southeast/Sabal Trail/Hillabee Expansion project, which extends from Alabama to
Florida. Florida Southeast is a wholly owned subsidiary of NextEra Energy, and Sabal Trail is a
joint venture of Spectra Energy Partners and a NextEra subsidiary. The project will supply gas to
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a power plant owned by Florida Power & Light, a subsidiary of NextEra. The Commission relied
on a Florida Public Service Commission order finding that Florida Power & Light had
demonstrated a need for additional firm capacity. The Commission did not consider it
subsidization for Florida Power & Light to pay for gas services that the Florida Public Service
Commission permits to be passed onto its ratepayers.95
Traditionally, FERC has repeatedly granted a 14 percent rate of return on equity for
“greenfield” pipelines whose equity investors not only face development risk, but also significant
financial risk, while granting lower rates of return for pipelines with less risk.96 The Commission
approved a 14 percent return on equity for the Florida project, referring to earlier decisions,97
ignoring the changes in world financial markets and the lower level of risk through self-dealing.
The 14% ROE standard can be traced back to the 1997 decision in Alliance Pipeline.98 In 1997,
Moody’s Aaa bonds yielded 7.26% and Baa bonds yielded 7.86%, in 2015 their respective rates
were 3.89% and 5.00%.99 The decline in corporate bond rates suggests that 14% is too high a
return even for highly leveraged greenfield projects, much less conservatively financed projects
backed by regulated affiliated customers with captive ratepayers.100
C.  

Balancing Competitive Pipelines With Efficient Pipeline Network Expansion

Merchant pipelines have to obtain customer commitments, which impose market
discipline on new projects. Kinder Morgan Inc. scrapped its proposed $3.3 billion Northeast
Energy Direct project when it didn’t receive the commitments from big customers needed to
proceed.101 This provides confidence to the Commission that the project is probably
economically efficient, since it is unlikely that gas purchasers and/or shippers would subscribe to
long-term firm capacity contracts unless they received substantial savings.
Traditionally, FERC has been concerned with the potential for affiliate abuse. One
purpose of nondiscriminatory access under Order 436 and Order 636 was to prevent pipelines
from favoring gas producing or marketing affiliates. In Order 637, the Commission expressed
concern about market power implications of vertical integration between pipelines and LDCs,
and between pipelines and electricity generators. FERC was concerned that a pipeline affiliate
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might aid the parent corporate entity by refusing to build capacity , and would be particularly
sensitive to complaints that pipelines, on which affiliates hold large amounts of transportation
capacity, were refusing to undertake construction projects.102 FERC also blocked the strategy
used by some entities of bidding with multiple affiliates in open seasons for available capacity.103
The focus on market power reflects the application of market based rates in both electricity and
natural gas,104 and adverse experiences with market manipulation.105
There has been less concern in recent years with cross-subsidization of regulated entities
in the age of deregulated markets, despite that fact that regulated electricity transmission and
natural gas pipelines comprise a substantial portion of the capital investment and related charges
that contribute to consumer costs in both industries. The Commission has expressed concern
about protecting ratepayers in mergers and similar transactions under the FPA,106 and this
protection should be extended to natural gas pipelines and gas/electric transactions.
Where pipelines are financed through long-term contracts with LDCs or utilities that are
subsidiaries of the parent company building the pipeline, the efficiency of the pipeline cannot be
presumed by a full subscription to its capacity. Cross-subsidization can be accomplished by risk
shifting as well as direct side payments. An uneconomic project that creates excess capacity can
be financed in this manner by guaranteeing its income stream at the expense of alternative
transport options. In this case, the Commission would be advised to bring a higher level of
scrutiny to these projects, including a closer examination of the ROE. Traditionally, regulatory
agencies have been wary of the Averch-Johnson effect,107 whereby if the allowed rate of return is
greater than the regulated utility’s cost of capital, the regulated utility will inefficiently
increase its rate base. While the empirical evidence is mixed,108 one reason may have been the
widespread dissemination of the article among regulators, putting utilities on notice that “gold
102
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plating” may result in disallowance of investments. FERC should be careful to balance
incentives for needed and risky investment with encouragement of excess investment.
The Commission relies on the Supreme Court’s statements that “the return to the equity
owner should be commensurate with the return on investments in other enterprises having
corresponding risks. That return, moreover, should be sufficient to assure confidence in the
financial integrity of the enterprise, so as to maintain its credit and to attract capital.”109 A return
on equity that compensates a merchant project for taking the risk of bringing capacity to a market
may be excessive for a project financed by self-dealing which minimizes risk to the parent
company, especially if it shifts the risk to captive customers.110 Failure to curb affiliate financed
projects may end up killing independent pipeline projects and reinstitute vertical integration,
both within the natural gas industry and across the natural gas/electricity interface. Given that the
Commission has attempted to open up electricity transmission to third parties and outsider
scrutiny through Order 1000,111 it would be ironic if it were to close off natural gas pipeline
transmission through a failure to closely scrutinize affiliate financed projects.
V.  
CONCLUSION
V.
CONCLUSION
FERC is entrusted with multiple and sometimes conflicting policy goals, to ensure
reliability, protect consumers, promote competition, and encourage efficient investments. It may
be time for FERC to revisit how it has applied its 1999 policy statement to the threshold
economic question that precedes the NEPA inquiry, and delineate more sharply the balance
between goals. This is not a call to rewrite the policy statement, but to reinterpret the language in
light of changing circumstances in the 27 years since it was issued. One possibility would be to
initiate a Technical Conference to discuss how the balancing tests should be applied in the
current economic and environmental context. For example, should “subsidization” extend past
rolled-in prices to incorporate affiliate customers and the proper balance between ROE and risk?
Should “adverse effects” put greater weight on carbon emissions? Should “interests of existing
pipelines” be expanded past the piecemeal project by project analysis to include the cumulative
www.unb.ca/fredericton/arts/departments/economics/acea/pdfs/2008 3.pdf; Donald Vitaliano and Gregory Stella, “A
Frontier Approach to Testing the Averch-Johnson Hypothesis,” International	
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  (2009): 347–363.
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impact of gas pipeline upgrades? Should public benefits explicitly examine alternatives to
proposed projects, such as electricity transmission and gas storage (since most of the natural gas
growth in the future will be for electricity generation) to determine net benefits in light of
opportunity costs?
FERC should also maintain a posture of informed skepticism toward claims by industry
actors that there is an infrastructure crisis that only major investments can resolve. This claim has
been put forth the last two decades, lobbying for mega-transmission projects, LNG import
facilities and new pipelines. Experience shows that the facts on the ground often change much
faster (moving from an impending shortage to a surplus of natural gas within a decade) than
large scale infrastructure projects can be planned, financed and built. Path dependence is
especially severe in the energy industry, where infrastructure projects impact markets for
decades.112 This skepticism should extend to supposedly neutral arbiters. Some ISOs have
lobbied to expand the natural gas pipeline network as a solution to gas fired reliability issues.
However, ISO management has an innate prejudice toward overbuilding natural gas pipelines.
The metrics by which ISO management performance is measured include electricity prices and
reliability performance, but not the overall cost to consumers of less than globally optimal
solutions.
FERC has not been granted the authority to make environmental policy, as its mandate is
to encourage reliable supplies of electricity and natural gas at the lowest cost to consumers.
While FERC is not an environmental agency and should not usurp EPA’s primary role, it should
take environmental considerations into account on the margins when determining the public
interest/benefit. Given the overwhelming evidence that climate change is real and a serious threat
to the nation,113 FERC should follow the lead of the executive branch at least to the extent of
considering the impact of its decisions on the efforts of other federal agencies to mitigate
greenhouse gas emissions.114 For example, if the EPA’s Clean Power Plan is upheld by the
Courts, it makes no sense for FERC to pursue policies that contravene the EPA’s policies.
A simple rule of thumb can combine the benefits of “muddling through” and protection
of the public interest. Projects should be ranked first by “do no harm,” and as the size of projects
and the potential for adverse consequences increase, both the standard of persuasion and the
level of scrutiny by the Commission (from rubber stamping to open hearings) should increase.
Upgrades to the electricity grid should be prioritized over upgrades to the natural gas pipeline
system to enhance electricity reliability. Financing by arm length contracts is preferable to
112
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financing by subsidiaries, whether LDCs or electric utilities, where captive customers, not
shareholders, bear the risk. ROE for projects should reflect the level of risk, with the highest rate
for arm length projects where the developer shoulders the burden. For example, the potential for
affiliate abuse may be tolerable when there is no other way to finance a pipeline that would
otherwise provide public benefits (increased competition, supplies to underserved regions) that
are significantly larger than the potential costs of abuse. But the burden of persuasion should fall
upon those who nominate a less than arms-length competitive proposal, or a ROE that is
excessive relative to risk, to show sufficient public benefits to justify a financial and corporate
structure that creates the potential for self-dealing or additional cost for consumers.
This shift in policy would have minimal impact on most FERC pipeline certificate
proceedings, as the majority of proposed projects tend to be upgrades to existing facilities,
involving new connections, larger pipes or more powerful compressors. Since these projects tend
to be financed by arm length contracts with customers to take the incremental increase in
capacity and have minimal adverse impacts on landowners, the community and the environment,
they would not require additional regulatory resources.
Focusing the highest level of scrutiny on a few large projects will limit the burden on
FERC staff while providing the kind of oversight that will protect the public interest. Heightened
scrutiny does not mean all such projects should be rejected, merely that the combination of far
larger adverse consequences, the risks posed by path dependence generated by large projects,
and the financial risk that may involve customers as well as shareholders counsel greater
regulatory attention and critical oversight. Each situation should be judged on its own merits, it
may well be that some regions like Texas present lower adverse consequences.
FERC’s experience with electricity mega-transmission projects can be extended to gas
infrastructure. Massive projects like Project Mountaineer and a new 765-kV system and other
huge transmission projects, proposed in the wake of the Northeast Blackout, never materialized.
And grid reliability managed to improve despite the failure of these major projects to get off the
ground. PJM, MISO, and SPP built and planned tens of billions of dollars of new transmission
without any Big Transmission. The envisioned Big Transmission projects didn’t survive review
relative to the alternative of incremental network upgrades. It turned out that mega-projects are
lumpy, present large financial risks and the potential to immediately overbuild the grid.
Incremental improvements were less risky, less expensive and less disruptive to markets.115
FERC should keep this object lesson in mind when revisiting gas pipeline certification policy.
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TUESDAY, JUNE 14, 2016
Chairman Murkowski, Ranking Member Cantwell, and members of the Committee, thank
you for this opportunity to discuss some of the challenges and opportunities associated with
natural gas pipeline infrastructure.
Environmental Defense Fund (EDF) is a national environmental advocacy organization
with more than one million members and supporters nationwide. We are dedicated to finding
innovative approaches to solving some of the most difficult national and international
environmental challenges. Whenever possible, we collaborate with private-sector partners, state
and federal leaders, and other environmental organizations interested in maximizing incentives
for market-based solutions to environmental problems.
EDF is devoting considerable attention to our nation’s natural gas pipeline infrastructure.
EDF is represented on the Pipeline and Hazardous Material Safety Administration’s (PHMSA)
citizen advisory board for gas pipelines. We are active before the Federal Energy Regulatory
Commission (FERC) in ongoing efforts by the agency to refine and improve the market rules
governing natural gas pipeline operation and capacity expansion. EDF is a member of the North
American Energy Standards Board (NAESB), where I have a seat on its Board of Directors.
As part of an ongoing multi-year effort to better understand the magnitude, causes, and
solutions to methane emissions across the natural gas supply chain, EDF has participated in
numerous peer-reviewed, published, scientific studies characterizing the problem of methane
emissions from the nation’s natural gas delivery system. As an outgrowth of this effort, EDF is
playing an active role in shaping public policy in response to the catastrophic failure of an injection
well at the Aliso Canyon gas storage facility in California this past fall.
In all of our work, EDF prides itself on working constructively with the oil and gas
industry, federal and state policymakers and regulators, environmental and consumer advocates,
and other stakeholders to achieve a gas delivery system in this country that is safe, reliable,
efficient, and configured to support progress toward a low carbon future.
My testimony today will address opportunities to update natural gas wholesale market
rules to better align with contemporary supply and demand dynamics, which in turn, will clarify
the extent of need and commercial considerations attendant to new interstate natural gas pipeline
capacity. I will also discuss the results of our relevant methane emissions studies and the
opportunities these studies point to for reducing leaks across our nation’s gas gathering,
processing, transportation, distribution and storage system, and enhancing the integrity and
reliability of this system. My bottom-line message is that there is much that we can do to improve
the safety, reliability, and methane emissions performance of our nation’s natural gas industry,

and to ensure that investment in new pipeline infrastructure is right-sized, as we continue to move
towards a cleaner, more efficient, renewable-centric and zero carbon energy future.
Natural Gas Transportation Wholesale Market Design and Capacity Needs
Natural gas is playing a role in transitioning our nation to a cleaner, lower carbon future.
Increased production and use of natural gas is helping to end our dependence on carbonintensive, highly polluting coal for power generation. Fast-ramping natural gas fired generation
helps integrate increasing amounts of renewable electricity generation into our nation’s electric
grid. And in places like New York City, natural gas is helping to displace high sulfur, dirty fuel oil
for home heating, leading to dramatic air quality improvements in our largest city.
But these benefits come with significant environmental costs to the communities where
the gas is produced. I will not dwell on the many issues associated with unconventional oil and
gas development. They are real, but I respect the fact that this is not the topic of this hearing
today.
I will, however, discuss the climate implications of natural gas infrastructure as these are
germane to the issue of a safe, reliable, efficient gas delivery system. Simply put, the ability of
natural gas to deliver on its promise as a cleaner, lower carbon alternative to coal and oil and as a
transition to a low carbon future anchored by renewables, depends on whether we’ve designed the
wholesale market rules to support the gas transportation infrastructure needed to achieve that
future, and whether natural gas infrastructure is free from preventable methane leaks and losses,
which unabated, eat away at some, if not all, of the climate benefit from substituting natural gas
for coal or oil.
To start with, the energy system in the United States is in the midst of a massive
transformation due only in part to prolific new and recoverable natural gas supplies. In parallel
to the shale gas revolution has been a dramatic drop in the cost of renewable energy technologies,
particularly wind and solar. Energy efficient lighting and appliances are entering the market and
fundamentally changing the future trajectory of U.S. energy demand. Information technology
applied to energy supply and consumption is enabling greater consumer control in delivery and
use, and empowering greater customer choice.
Taken together, these developments pose
daunting implications for a natural gas market designed and organized at a time when coal was
king, gas-fired generation was an afterthought and gas supply for manufacturing and industry
was far less a consideration than it is today; and they raise major questions about the magnitude
and economics of natural gas supply and consumption in the future.
It is increasingly apparent within the new supply and demand dynamics that there are
opportunities to enhance system efficiency by better utilizing existing pipeline capacity.
According to the Department of Energy (DOE), average capacity utilization for the interstate
pipeline system between 1998 and 2013 was only 54%. (Natural Gas Infrastructure
Implications of Increased Demand from the Electric Power Sector, February 2015).
In fact, during the polar vortex event in January 2014, when it is widely believed that the
interstate pipelines serving the northeast were totally full, EDF’s detailed analysis of pipeline
flows demonstrate that several large pipeline systems within the zone of perceived constraint had
large amounts of unused capacity, even on the coldest days when gas and electricity spot market
prices were at their highest. In addition, other pipelines, notably those with around-the- clock
scheduling flexibility, often managed to deliver amounts of gas that exceeded their firm contracted
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capacity within the zone of perceived constraint. The accuracy of EDF’s analysis has been
confirmed with the implicated pipelines and market participants.
FERC is addressing this market inefficiency and in recent orders directed the industry,
under the auspices of NAESB, to develop enhanced scheduling standards and services to “promote
more efficient use of existing pipeline infrastructure and provide additional operational flexibility
to all pipeline shippers [customers].” (FERC Order 809, Coordination of the Scheduling
Processes of Interstate Natural Gas Pipelines and Public Utilities, April 16, 2015). EDF is deeply
engaged in these proceedings and in other ongoing refinements to increase capacity utilization.
When pipelines are better utilized, pipeline customers and energy consumers can avoid costs for
some new pipeline capacity.
In the recent Quadrennial Energy Review (QER, April 2015), the DOE summarized
approaches to and the comparative costs for improving natural gas pipeline capacity and
deliverability. In the first instance, the most inexpensive way to transport gas is by using existing
infrastructure, noting that many pipelines have excess capacity. In cases where utilization of an
existing pipeline network is high, DOE states that the next most cost effective solution is to add
capacity to existing lines through increased compression and looping, noting that the more
modern pipelines were designed so that compression could be increased in order to add capacity
at low cost. Finally, DOE observes that where existing pipeline utilization is high and capacity
utilization is maximized, the market-based underpinnings incent new capacity investment (“then
the price differential between the two points on the network should increase and create an
incentive for shippers to support midstream pipeline development in order to capture the
arbitrage opportunity across the network.” QER Appendix B at p. 29). It further observes that
“the need for new pipelines is apparent in the Marcellus, where the largest amount of pipeline
investment is expected to occur.”
More recently, FERC assessed the extent and sufficiency of the ongoing pipeline buildout.
In the State of the Markets 2015 Report (April 2016), FERC staff analysis concluded that in most
of the country, “regional price differences across the country were not large, a sign that midstream
investment over the past 10 years have largely relieved natural gas transportation constraints.”
An exception, according to FERC staff, is the Marcellus production area of the northeast and into
New England, but that “new capacity additions should significantly relieve transportation
constraints in these regions by 2019 if projects that are planned and under construction are
approved and completed by the scheduled in-service dates.”
In fact, there is reason to believe that more year-round capacity than is needed is currently
under development to transport Marcellus gas.
Just last week, an experienced and respected gas industry veteran, RBN Energy LLC
President Rusty Braziel, shared his analysis suggesting that currently planned takeaway capacity
from the Marcellus is on the way to an “overbuild.” According to Mr. Braziel, his firm estimated
Northeast production through 2021 by taking a range of price scenarios and determining what
producers would be likely to drill and how many drilled but uncompleted wells they would put
into service. In RBN’s most aggressive growth scenario, production would increase by 11 billion
cubic feet per day (Bcf/d) over the next five years. Adding up all of the major proposed new
pipeline projects, RBN calculated 18 Bcf/day of new takeaway capacity under development,
resulting in excess capacity (illustrated below).
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With the magnitude of new pipeline projects under development in addition to those
deployed over the past 10 years, there are signs that a gas pipeline capacity bubble is forming. A
capacity bubble could impose unnecessary costs on energy customers for expensive yet unneeded
pipeline capacity, and ultimately constrain deployment of lower cost energy sources like wind and
solar in the future considering the long financial lives and expense of new capacity. Where new
pipeline capacity is financed by market participants who choose to risk their capital to capture
benefits, the prospects of an overbuild are not particularly troublesome from the economic
standpoint of society as a whole. However, a pipeline capacity build-out induced by policies
designed to spread the costs of new infrastructure on captive retail gas or electric ratepayers will
almost surely become un-economic, undermine market drivers for more efficient solutions and
impose unacceptable long term environmental and economic costs.
Here’s why. Pipelines are capital intensive and expensive. On a per unit (either per
dekatherm or per million btu) basis, transportation costs for new greenfield capacity are almost
as much as the current commodity price for natural gas.
Before a proposed new pipeline can apply for a FERC Certificate, it must execute contracts
providing sufficient revenue from shippers to pay for the full cost of the project. Those costs
include: construction, return on and of equity, depreciation, taxes, maintenance and operations.
In these contracts (referred to as “precedent agreements”), pipeline customers (“shippers”) agree
to cover these costs through take-or-pay obligations whereby daily pipeline delivery capacity is
reserved and paid for by shippers for every day over the term of the transportation service
agreements -- whether or not those services are used. Because the cost of constructing a new
pipeline (particularly a greenfield project) are so great, these contracts must be of long duration,
typically 20 years. Normally, new pipelines are financed over 35 – 40 years in order to spread the
costs so that per unit transportation services can be reasonably affordable.
Pipeline customers voluntarily enter take-or-pay contracts for “firm” transportation
capacity over long periods of time when they determine that the cost of the new capacity is less
4

than the price differential between the supply and their delivery points (referred to as the “basis
differential”), thus capturing an arbitrage opportunity across a transportation network, as DOE
points out (discussed above). In the natural gas transportation market, that basis differential
disappears the day the new pipeline capacity comes into service, as the capacity provides a new
delivery pathway between the two pricing points to eliminate the basis differential.
Shippers entering into long term agreements with capacity developers must have a high
degree of confidence that the market conditions signaling the need for new pipeline capacity will
persist for many years into the future. In the absence of a voluntary transaction between capacity
developers and market participants risking their own capital, further capacity expansion would
only occur in the event policymakers impose long term financial obligations on captive ratepayers
for costly long-lived infrastructure. And should they do so, they are going outside of the price
signals sent by a rational market. Any such government-induced incursion into the market is
highly risky and if pursued, is likely to impose costs on the obligors in excess of putative benefits,
while enriching those who benefit without them bearing risk in proportion to the investment.
As it stands, we are seeing a disturbing trend of utilities pursuing a capacity expansion
strategy by imposing transportation contract costs on state-regulated retail utility ratepayers so
that affiliates of those same utilities can earn shareholder returns as pipeline developers. In the
last three years, a dozen or more utility holding companies have entered into affiliate transactions
whereby the retail utility affiliate commits to new long term capacity with its pipeline developer
affiliate. The essence of this financing structure is to take a cost pass-through for a retail gas or
electric distribution utility –a contract for natural gas transportation services- and pay those
transportation fees to an affiliated pipeline developer entitled to accrue return on its investment
from that same revenue. Thus ratepayer costs which may not be justified by ratepayer demand
are being converted into shareholder return.
In this testimony, EDF is not asking the committee to second guess the determinations of
state Public Utility Commissions to approve such affiliate transportation agreements. We suggest
though, that in the aggregate, ratepayer subsidization schemes along these lines are likely to
induce new capacity deployment in excess of rational market outcomes, and therefore bear on the
extent of need for and prospective benefits of further policy incursion at the federal level.
From EDF’s vantage point, retail energy customers would benefit from policy refinements
whereby FERC undertakes a more robust and detailed assessment of the extent and duration of
market need for new interstate pipeline capacity by refining its longstanding pipeline permitting
policy -which largely relies on the mere existence of transportation service contracts as sufficient
evidence of market need. As we and others are pointing out to the Commission, the crux of the
Commission’s statutory duty in setting rates is to establish an equitable balance of risks and
rewards as between pipeline ratepayers and pipeline shareholders. Any policy or outcome which
imposes costs on captive ratepayers in a manner that provides disproportionate benefit to pipeline
shareholders (or third party gas consumers) is suspect within the rubric of the Natural Gas Act’s
fundamental risk/reward balancing precepts.
Another issue for policy consideration, with major implications to capacity utilization and
market price signals for new pipelines results from the current market design: increasingly there
is a mismatch between the level and types of transportation services provided (and priced) by the
pipelines versus the more flexible needs of their largest growth customer, electric power
generation. Because pipeline revenue is heavily weighted towards the sale of capacity, pipelines
have diminished commercial incentive to earn revenues by providing flexible delivery services
(either by facilitating varying flow quantities or multiple delivery scheduling opportunities over
5

the course of a day). Flexible delivery services, however, are the primary need of electric power
generators, and becoming increasingly so in a more dynamic and renewable electric grid.
Under the standard contract form, virtually all transportation services are provided as
“ratable” flows. Ratable flow means that when a shipper schedules deliveries with a pipeline, it
must schedule hourly delivery of 1/24th of its contracted daily quantity every hour. In other words,
the market design assumes that transportation customers want and will take a fixed level of flow
over every hour of the day after making a scheduling request with a pipeline. While some pipelines
provide enhanced delivery flexibility (such as “no-notice” scheduling allowing shippers to vary
flows), the overwhelming majority (approximately 90%) of contracted transportation services
require uniform hourly flow.
Electric power generation has grown from less than 15% of total pipeline flows in 2008 to
34% in 2015, and is forecasted to grow to 40% or more in the next five years. (EIA data, National
Association of Manufacturers Nay 2016). But very few electric generators need steady flows of
gas because the vast proportion of power plants do not run at the same level of output for every
hour of the day. According to EIA data (January through November 2015, compiled by energy
consultancy Skipping Stone) only 6% of natural gas-fired power plants operate at above an 80%
load factor with the majority of output (68%) being generated by plants operating between a 50%
and 80% load factor. Moreover, daily power production fluctuation is increasing as more
renewable energy is deployed.
Going forward, we suggest that it is critical to reliable, efficient and cost-effective
operation of the grid for pipelines to provide and price short-term (even within day) flexible
delivery services, as natural gas-fired power generation continues to increase its market share.
We suggest that market rules should provide pipelines with some form of within-day
pricing flexibility for non-ratable short-term services in order to start sending price signals for
this type of service. Only through effective price formation for the value of flexible services, will
the market see price signals and in turn channel investment to those willing to provide these fast
response varying receipt and delivery services, either provided by pipelines or others.
Such price signals, along with those coming from basis differentials, will signal to the
market the type of capacity services that are needed and will call forth the right mix. Without such
price signals, neither the market nor policymakers will know with any certainty whether what is
called for is more short-term flexibility or more costly long term year-round pipeline capacity. It
may be that what is needed is better and higher utilization of storage, including gas, and/or
electric (batteries), or price responsive demand response; or it may be more pipelines. Without
such short-term services and the price signals they generate, market participants and regulators
can’t know.
What we do know is that for the first time in almost thirty five years, there are existing
pipelines seeking rate relief from FERC because they are unable to generate sufficient contract
revenue to cover operating costs plus entitled rates of return. The FERC filings of two sizeable
pipeline networks seeking FERC approval to increase rates assert that production increases from
new regions are altering flows away from and on different parts of their systems and these
alterations negatively impact revenues to the pipeline systems. Notably, the filings also explicitly
recognize that going forward, renewable energy sources like wind and solar “are likely to offer a
viable competitive alternative to natural gas” particularly over the presumptive 35-40 year
economic life of new pipeline capacity. (ANR Pipeline and Tallgrass Interstate Transmission
System testimony before FERC).
6

The ANR and Tallgrass filings seek to impose large rate increases on “recourse” customers
and provide a glimpse of an overbuilt future. EDF suggests that a rate design weighted to the
value of services, more so than the cost of capacity, will provide more focused price signals for
where, what amount and what types of new capacity are cost effective (both now and in the
future).
Methane Leaks: An Economic, Safety and Environmental Problem
An area of particular environmental concern to scientists and environmental groups is the
problem of methane emissions from across the natural gas supply chain. Although it burns more
cleanly than coal, un-combusted natural gas is mostly methane, a greenhouse gas 84 times more
potent than carbon dioxide in the first 20 years after its release. As natural gas production and
use continue to expand, methane emissions threaten to cancel out the climate benefits that natural
gas proponents often claim, especially with regard to the growing share of electricity generation
fueled by gas.
According to EPA’s most recent greenhouse gas emissions inventory (1990 through 2014,
released April 15, 2016), the oil and gas sector represents 33% of U.S. methane emissions, the
largest of all U.S. sources. My scientist colleagues at EDF are in the midst of completing the most
comprehensive assessment of methane emissions from the oil and gas sector thus far through 16
studies conducted with academic experts and in collaboration with dozens of oil and gas market
participants.
One of these studies, conducted by researchers at Colorado State University, conclude that
emissions from the gathering system amount to 30% of total emissions. (Marchese et al, ES&T
2015). According to this study, facilities that collect and gather natural gas from well sites across
the United States emit about one hundred billion cubic feet of natural gas a year, roughly eight
times the previous estimates by the EPA for the segment. The wasted gas identified in the study
is worth about $300 million, and packs the same 20-year climate impact as 37 coal-fired power
plants. Currently, these gathering facilities are largely unregulated; in the vast majority of the
system, leak abatement and safety management are dependent on voluntary measures by
individual operators.
In the transmission and storage segment, another study in our series of 16 estimated
annual emissions of about 80 billion cubic feet per year escaping from thousands of key nodes
along the nation’s natural gas interstate pipeline system. This equals the 20-year climate impact
of 33 coal-fired power plants and more than $240 million worth of wasted natural gas per year.
The estimated storage emissions, however, do not include emissions from well failures like
the recent Aliso Canyon disaster in California which released nearly 100,000 tons of methane.
Operators aren’t required to report the amount leaked to regulators – nor is there currently a
method for EPA to consider these emissions in their official estimates. Aliso Canyon is a glaring
example of the public health, safety, environmental and economic consequences when oversight
of expanding mid-stream infrastructure is left to largely voluntary measures, and research shows
similar problems occurring regularly on a smaller scale throughout the supply chain.
In addition to adverse climate and public safety impacts, methane emissions from
gathering, processing, transmission and storage infrastructure waste a valuable resource paid for,
more often than not, by natural gas consumers rather than infrastructure operators. The cost of
lost and unaccounted for gas, which includes but is not analogous to leaked gas, is borne by
7

shippers (i.e., customers) in the interstate pipeline system, and by retail ratepayers in the natural
gas utility distribution network.
While research about methane emissions is ongoing, we already know that there is much
that can and should be done. A cost analysis performed by experts at ICF, International – based
on data from industry -- found a striking opportunity for achieving dramatic reductions in
methane emissions from the oil and gas sector, including in the equipment being used by
midstream operators. The study revealed that a 40% reduction in methane emissions from the
sector could be achieved over the next five years at a cost of less than 1 penny per thousand cubic
feet of gas produced. Low-cost reductions of this magnitude would go a long way toward ensuring
that the expansion of natural gas infrastructure and supply will not be a net loss for the
environment.
Moreover, according to ICF, methane emissions reductions at this scale can be achieved
using current technology. That is, most if not all, of the equipment and operational improvements
needed to provide meaningful emissions reductions can already be found in the market.
Accordingly, in any discussion about the need, means, or opportunities for reducing methane
emissions from the supply chain, there need be no debate about whether the equipment exists to
get the job done. It does, and it is cost-effective to use.
From EDF’s standpoint, it is necessary and appropriate for EPA and the Department of
Transportation to advance ongoing regulatory initiatives to prevent future Aliso Canyon type
incidents and to require cost-effective reductions in methane emissions from the midstream
segment. It is critical to the propriety of natural gas, as an increasingly important fuel in the US
energy system, for these efforts to continue to fruition.
Thank you for the opportunity to present our ongoing science and policy advocacy which
is designed and intended to ensure that natural gas infrastructure is deployed and used in a
manner that broadly advances economic, public safety and environmental interests.
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Major utilities, pipeline companies and natural gas producers are proposing construction of two
new natural gas pipelines into Virginia and North Carolina from the Marcellus and Utica shale
region of West Virginia.
Developers of the Atlantic Coast Pipeline and
the Mountain Valley Pipeline, which would cost
a total of nearly $9 billion to complete, have
applied to the Federal Energy Regulatory
Commission for approval.
The pipelines are proposed to go into service in
2018. They would be part of a larger expansion
of natural gas pipeline infrastructure from the
Marcellus and Utica shale region in Appalachia
that has been described by Moody’s Investors
Services as an “once-in-a-lifetime build-out
cycle” driven by the recent boom in natural gas
production.
Some participants have openly acknowledged
the likelihood of overbuilding, as when Kelcy
Warren, CEO of Energy Transfer Partners, said in
an earnings call last year that overbuilding is
part-and-parcel of the industry (“The pipeline
business will overbuild until the end of time,”
Warren said).
This report shows how the Atlantic Coast and Mountain Valley pipelines are emblematic of the
risks that such expansion creates for ratepayers, investors and landowners.
Among its conclusions:


Pipelines out of the Marcellus and Utica region are being overbuilt.



Overbuilding puts ratepayers at risk of paying for excess capacity, landowners at risk of
sacrificing property to unnecessary projects, and investors at risk of loss if shipping contracts
are not renewed and pipelines are underused.



The Federal Energy Regulatory Commission facilitates overbuilding. The high rates of return
on equity that FERC grants to pipeline companies (allowable rates of up to 14%), along with
the lack of a comprehensive planning process for natural gas infrastructure, attracts more
capital into pipeline development than is necessary.



FERC’s approach to assessing the need for such projects is insufficient.



Industry leaders recognize and acknowledge that current expansion plans will likely result in
overbuilding.



The arguments for the Atlantic Coast Pipeline have not been adequately scrutinized. While
the pipeline developers have asserted that some of the gas supplied is needed by Dominion
Resources for its new Brunswick and Greensville natural gas plants, Dominion has told the
Virginia State Corporation Commission that it can supply those plants through the existing
Transco pipeline.



While ratepayers of the utilities (largely Duke Energy and Dominion Virginia Electric and
Power) that have contracted to ship gas through the Atlantic Coast Pipeline would be
burdened with the costs of building the pipeline (which would include a profit to the
developers, largely Duke and Dominion), they will probably not realize the economic
benefits promised by the developers.



Communities along the Mountain Valley Pipeline face the risk that EQT Corporation (which
owns the largest stake in that pipeline and has contracted for the largest volume of
capacity on the pipeline) will continue to be harmed financially by weak natural gas prices
and will not be a long-term, stable partner for these communities.

This report notes also that much of the $9 billion costs of the projects—aside from the costs
embedded in the price of any natural gas that is exported—would ultimately be either added
to the price consumers pay for natural gas or absorbed as a loss to project investors.
And it points out that regulators have not considered whether these pipelines are the best use
of ratepayer dollars. None of the economic interests within the natural gas industry have any
incentive to seriously consider whether alternatives to natural gas - energy efficiency,
renewable energy or other forms of power generation - may be cheaper.
Given all of these circumstances, IEEFA recommends the following:


That the applications for the Atlantic Coast and Mountain Valley pipelines be suspended
until a regional planning process can be developed for pipeline infrastructure;



That FERC lower the returns on equity granted to pipeline developers; and



That an investigation be conducted into the relatively high failure rate of new pipelines.

The Federal Energy Regulatory Commission is
considering applications for construction of
two major natural gas pipelines that would run
from West Virginia into North Carolina and
Virginia: the Atlantic Coast Pipeline and the
Mountain Valley Pipeline.
These pipelines, which together would stretch
for approximately 850 miles, are being
contemplated during a time of major natural
gas infrastructure expansion in the U.S.
In October 2014, Moody’s Investors Service
characterized the proposed pipeline build-out
from the Marcellus and Utica shale region as
“the start of a once-in-a-lifetime build-out
cycle.”1
This report examines the risks these projects
pose to consumers, investors, and
communities along the proposed routes.
Part 1 of the report describes the rapid buildout of Marcellus and Utica pipeline infrastructure in
order to place the Atlantic Coast and Mountain Valley pipelines in the context of the larger
expansion of pipeline infrastructure. Part 2 considers specific risks associated with the proposed
Atlantic Coast and Mountain Valley pipelines.

The boom in natural gas pipeline construction associated with the Marcellus and Utica shale
region is driven fundamentally by the low price of shale gas and the desire on the part of
developers to transport that gas to higher-priced markets, perhaps even to export markets. The
following graph shows prices since January 2012 at the Dominion South Hub in southwestern
Pennsylvania versus those at the Henry Hub in Louisiana. Henry Hub prices are often used as the
benchmark for natural gas prices in the U.S. The Henry Hub has historically been where the
largest volumes of gas have traded. In recent years, larger or comparable volumes have been
1

“Shale-Fueled Inflection Point for Pipeline Operators; Offshore Rig Oversupply to Persist,” Moody’s Investors Service, October
15, 2014.

traded at the Dominion South Hub, reflecting the upsurge in natural gas production in the
Marcellus and Utica regions.2 The price of natural gas at the Dominion South Hub has recently
been very low, averaging $1.50 per MMBTU in 2015 while Henry Hub prices averaged well over
$2 per MMBTU. And 2015 was no anomaly. Over the past three years, prices at the Dominion
South Hub have decoupled from Henry Hub prices, remaining consistently lower.

Figure 1. Natural gas prices at the Dominion South Hub (southwestern Pennsylvania)
have decoupled from prices at Henry Hub (Louisiana) over the past few years.

Source: SNL Financial

The low price of Marcellus natural gas is partially a factor of limited takeaway capacity (the gas
is less valuable if it cannot be tapped) for moving this natural gas to market. As a result,
numerous proposals have been made to build new pipelines to move this natural gas out of
West Virginia, western Pennsylvania and Ohio.
The financial dynamics of the natural gas industry encourage overbuilding of natural gas
pipelines, i.e. the construction of excess capacity. A weak regulatory process and a lack of
coordinated planning for natural gas infrastructure facilitate this process.
The next several sections here explore the causes and consequences of overbuilding pipeline
capacity.

2

In 2012 and 2013, the volume of gas traded at the Dominion South Hub exceeded the volume traded at the Henry Hub. In
2014, 84,000 MMBTU were traded at the Dominion South Hub versus 90,000 at the Henry Hub, and in 2015, 60,000 MMBTU
were traded at the Dominion South Hub versus 61,000 at the Henry Hub. (Source: SNL Financial)

Various economic interests drive pipeline investment that tends toward building excess
capacity. In the past, pipeline development in the U.S. has been done by a set of companies
that specialize in the pipeline field, including Kinder Morgan, Columbia Pipeline Group and
Williams Company. However, in recent years, electric and natural gas utilities, as well as natural
gas producers, have begun to move into the natural gas pipeline business. All of these entities—
traditional pipeline developers, utilities and producers—can have incentives to overbuild.
For example, current low natural gas prices in the Marcellus and Utica region are driving a race
among natural gas pipeline companies that want to capitalize on low prices by building new
pipeline capacity to higher-priced markets. An individual pipeline company acquires a
competitive advantage if it can build a well-connected
pipeline network that offers more flexibility and storage to
customers; thus, pipeline companies competing to see
who can build out the best networks the quickest.3 This is
likely to result in more pipelines being proposed than are
actually needed to meet demand in those higher-priced
markets.
Additionally, utilities—which have been attracted to the
natural gas pipeline business because of its traditionally
high returns and to further integrate their supply chains as
electric power generation becomes increasingly reliant
on natural gas—have an economic interest in building
new lines. A regulated electric or gas utility that is
purchasing natural gas for power generation or for use as
a heating fuel passes the cost of its pipeline contracts,
which include a FERC-approved profit for the pipeline
developer, on to its customers.4 If the regulated utility’s
parent company can build its own pipeline for use by its
regulated subsidiary, it can capture this profit, giving a
utility holding company an incentive to prioritize building
its own pipeline rather than utilizing that of another
company.5 This structure also shifts some of the risk of

Tyler Crowe, “5 Things Energy Transfer’s Management Wants You to Know,” The Motley Fool, September 10, 2015.
Some utility holding companies are becoming involved in the natural gas pipeline business even though they do not own any
power plants. In New England, regulated electric distribution utilities are proposing to enter into contracts for natural gas
capacity on new pipelines in order to re-sell that capacity on the secondary market to natural gas power plants, with the goal
of bringing down prices for natural gas generation. The costs or benefits of this transaction (the costs of long-term capacity
contracts, net the revenues received from re-selling that capacity to generators) are to be passed on to the customers of the
regulated distribution utilities. Some of the regulated utilities involved in these contracts are subsidiaries of holding
companies, including National Grid and Eversource, that are investors in building the new pipelines. (Sources: M. Serreze,
“National Grid seeks Massachusetts DPU approval of gas pipeline capacity contracts,” MassLive, January 22, 2016; S.
Sullivan, “Algonquin Gas introduces nearly 1-Bcf/d Access Northeast to FERC early review,” SNL Financial, November 3,
2015;).
5 State public utilities commissions often have a role in regulating contracts between regulated utilities and their affiliates (in this
case, between the regulated utility and the affiliate that owns a share in the pipeline). State commissions also must ensure
that the regulated utility acted prudently in sourcing its supply of natural gas. To our knowledge, no regulated utility has been
denied cost recovery, in whole or in part, for a contract with an affiliated natural gas pipeline, but this is a potential risk to
utilities in the future.
3
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pipeline development from the developer and its shareholders to the regulated utility’s
ratepayers.
Some upstream producers of natural gas, such as EQT Corporation, have also moved into the
pipeline construction business. For such companies, investment in pipelines promises a relatively
stable revenue stream compared to the volatility of the natural gas drilling business. EQT, for
example, has taken advantage of investors’ willingness to fund pipeline development by
creating an EQT-controlled master limited partnership (EQT Midstream), which has been able to
raise equity through public offerings both for new pipeline projects and for buying gathering
and processing infrastructure formerly owned by EQT, leaving EQT in a much better cash
position than many other drillers. Such short-term balance sheet considerations for a company
like EQT do not translate into rational planning of long-term infrastructure. These dynamics will
be explored in more detail in Part 2, Section B below.
None of the economic interests within the natural gas industry have any incentive to seriously
consider whether alternatives to natural gas— energy efficiency, renewable energy or other
forms of power generation—may be cheaper. There is little discussion of how long-term natural
gas demand will evolve over the lifetime of a proposed pipeline as alternatives become
increasingly cost-effective and widespread.

A coordinated planning process for natural gas infrastructure could serve as a check on the
tendency of individual pipeline developers to overbuild.
But the U.S. has no overarching national or regional planning process for natural gas
infrastructure development. This planning void contrasts sharply with established planning
processes for electricity transmission lines, interstate highways and many other types of
infrastructure. Electricity transmission in states with deregulated electricity markets, for instance,
is overseen by Regional Transmission Organizations (regulated by the Federal Energy Regulatory
Commission6) that have planning processes to determine whether proposed new transmission
lines are needed and whether there are more cost-effective alternatives to building new lines.
While electric transmission lines ultimately must be approved by FERC and by state public utilities
commissions, the RTO-level transmission planning process has informed decision making and
sometimes led to the cancellation of proposed new electric transmission lines that are shown to
be unnecessary.7
6

The Federal Energy Regulatory Commission, FERC, regulates electric transmission under the Federal Power Act and natural
gas pipeline infrastructure under the Natural Gas Act. The Federal Power Act, as amended by the Energy Policy Act of 2005,
has explicit provisions for transmission planning (see Federal Power Act Section 217(b)(4)). FERC Orders 890 and 890-A
relied on this authority in “mandating coordinated, open and transparent transmission planning on a local and regional level.”
These orders require transmission providers to incorporate nine principles into their planning process, including “coordination”
with customers and neighboring transmission providers, “regional participation” (coordination with interconnected systems)
and “economic planning studies.” (See: Lawrence Greenfield, “An Overview of the Federal Energy Regulatory Commission
and Federal Regulation of Public Utilities in the United States,” Office of the General Counsel, Federal Energy Regulatory
Commission, December 2010).
7 For example, PJM’s Regional Transmission Expansion Plan process allowed the Virginia State Corporation Commission to see
that the PATH power line proposed through West Virginia, Virginia and Maryland was unnecessary because the reliability

No such planning process exists for the build-out of natural gas pipeline infrastructure. While
FERC must approve the construction of new pipelines, it does not conduct any long-term
assessment of regional natural gas demand in assessing the need for new pipelines.
Instead, FERC primarily relies on whether a pipeline developer has been able to recruit enough
companies to contract for capacity on the line. If a pipeline is fully or near fully subscribed, FERC
considers this strong evidence that the pipeline is necessary.
This approach by FERC is highly likely to result in excess capacity that will be underutilized. For
example, in situations in which a pipeline developer contracts with an affiliate company to ship
gas through a new pipeline, this is strong evidence that it is doing so because of the financial
advantage to the parent company from building the pipeline, but not necessarily that there is a
need for the pipeline. As described in the previous section, the private financial interests of
individual pipeline developers do not necessarily align with the public interest.

Not only do the dynamics of the natural gas and pipeline industries tend to favor building
excess capacity, but federal regulatory policy toward pipelines does too.
FERC is in charge of regulating the rates that pipeline companies
charge to shippers (the entities that are contracted to ship gas
through pipelines). Pipeline rates are required to be cost-based,
meaning that they must reflect the cost to the pipeline company
of providing the service. This cost includes a return on equity
(profit) to the pipeline company for the capital that it has invested
in building the line.8 Pipelines are financed partially with debt and
partially with equity.
In theory, without FERC regulation, a pipeline company could take
advantage of a shipper by charging exorbitant rates, because the
shipper may have no other option for delivering gas. In order to
prevent this, FERC sets the “recourse rate,” which is the rate that a
shipper is allowed to demand and receive. This prevents the
pipeline company from gouging a shipper. Both the Atlantic Coast
Pipeline and the Mountain Valley Pipeline have applied for
recourse rates that include a return on equity of 14%. This is a
relatively common request, and one that has been granted on
many recent greenfield pipelines, including the Constitution

problems that PATH would solve could be solved less expensively through rebuilding existing transmission lines. (Sources:
Virginia State Corporation Commission, “Hearing Examiner’s Ruling,” Case No. PUE-2010-00115, January 19, 2011; PATH
Allegheny Virginia Transmission Corporation, “Motion to Withdraw Application,” Case No. PUE-2010-00115, February 28,
2011).
8 It is worth noting that, at least in the case of the Atlantic Coast pipeline, this “capital” includes more than the actual construction
costs of the pipeline. The Atlantic Coast Pipeline is seeking to earn a return on landowner outreach, community and
government meetings regarding the route, and preparation of regulatory filings.(See: Atlantic Coast Pipeline, LLC & Dominion
Transmission, Inc., FERC Docket Nos. CP15-554-000 & CP15-555-000, Response to Data Request, December 15, 2015.)

Pipeline9 approved in 2014, the Sierrita Gas Pipeline in 2014,10 the Ruby Pipeline in 2011,11 the
Bison Pipeline in 201012 and the ETC Tiger Pipeline in 2010.13
A 14% return on equity is high relative to returns that one could expect to receive by investing
capital elsewhere in the utility business. In 2014, the average return on equity granted by state
public utilities commissions to investor-owned electric utilities was 9.92%.14 And FERC has recently
lowered its allowed return on equity for electric transmission companies in New England to a
maximum of 11.74% and is expected to lower returns for transmission companies in the Midwest
as well this year. 15
FERC has provided little justification to support recourse rates that include a 14% return on equity
for new pipelines. In comments opposing a 14% return on equity for the Atlantic Coast Pipeline,
the North Carolina Utilities Commission (NCUC) noted that FERC has never required pipeline
companies to provide much evidence to support such requests. Indeed, the only support the
developers of the Atlantic Coast Pipeline provided to justify its request were citations to previous
FERC orders granting 14% returns on equity for new pipelines, but those FERC orders themselves
did not provide any justification for granting 14% returns. The NCUC stated that “[w]hile the
NCUC recognizes that in the past the Commission has merely accepted recourse rates based
on cases citing previous cases, application of that policy would appear to conflict with the
unambiguous statutory requirement that a filing entity demonstrate that its filing, including the
recourse rates, comports with the public convenience and necessity.”16
In practice, most major contracts between pipelines and shippers are not based on recourse
rates, but on negotiated rates. Because a pipeline company needs to prove to FERC that it has
attracted customers to ship gas on its pipeline in order to obtain FERC approval to build the line,
it needs to negotiate long-term contracts with shippers in advance of proposing the pipeline to
FERC. So-called “anchor” or “foundation” shippers who agree to enter into these long-term (15to 20-year) contracts are typically granted preferential rate treatment, i.e. with negotiated rates
that are lower than the recourse rates.
Negotiated rates do not have to be approved by FERC, but they must be filed with FERC
between 30 and 60 days before the pipeline is placed into service.17 This means that the
negotiated rates for the Atlantic Coast and Mountain Valley pipelines are not currently publicly
available, so there is no way of knowing what return on equity is embedded in these
negotiated rates.
Even though the return on equity embedded in the recourse rate is not necessarily what the
pipeline earns, because the negotiated rate may be based on a different return on equity, the
recourse rate still provides an important benchmark. Interruptible rates for non-firm pipeline
9

149 FERC ¶ 61,199 (2014)
147 FERC ¶ 61,192 (2014)
11 136 FERC ¶ 61,054 (2011)
12 131 FERC ¶ 61,013 (2010)
13 131 FERC ¶ 61,010 (2010)
14 Edison Electric Institute, “Industry Financial Performance,” 2014, online at
http://www.eei.org/resourcesandmedia/industrydataanalysis/industryfinancialanalysis/finreview/Documents/FinancialReview_
2014_02_IndustryFinPerf.pdf, accessed April 13, 2016.
15 R. Walton“Breaking down FERC’s recent, and pending, ROE decisions,” Utility Dive, November 17, 2014; and J. O’Reilly,
“RRA Focus on FERC – January 2016: Downward pressures on ROEs continues as FERC ALJ recommends significant
reduction in MISO, new complaints filed against Duke in NC, SC,” SNL Financial, January 15, 2016.
16 FERC Docket No. CP15-554, “Comments in support of project and protest of proposed recourse rates of the North Carolina
Utilities Commission,” October 23, 2015.
17 133 FERC ¶ 61,220 (2010)
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service are based on the recourse rates. And the rates of return embedded in the recourse
rates define what is considered to be a reasonable return for pipeline companies, which is
important for any entity seeking to file a complaint with FERC that a pipeline company is overearning.
A pipeline’s rates can be challenged by FERC Staff or by outside entities if the pipeline appears
to be earning an excessive rate of return.18 (Just because rates are set based on an expected
return does not preclude the pipeline company from earning higher than that return, if it is able
to reduce other costs). Such challenges are typically based on annual financial data that must
be filed with FERC after a pipeline has been placed into service. While the FERC complaint
process can result in new, lower rates being established, the excess earnings that the pipeline is
found to have received in past years do not have to be refunded to customers.19
In practice, many pipelines appear to be earning higher returns than authorized in their
recourse rates. A recent study from the National Gas Supply Association, an association of
natural gas suppliers, producers and marketers, looked at the returns on equity from 2009-2013
of 32 major natural gas pipeline companies, comprising 75% of interstate natural gas market
capacity. Fewer than 40% of the companies were earning returns on equity of 8-12%. The
majority of companies earned returns on equity greater than 12%, with two of those companies
earning returns on equity in excess of 24%.20
In short, the regulatory
environment created by
FERC encourages pipeline
overbuild. The high returns
on equity that pipelines
are authorized to earn by
FERC and the fact that, in
practice, pipelines tend to
earn even higher returns,
mean that the pipeline
business is an attractive
place to invest capital.
And because, as
discussed previously, there
is no planning process for
natural gas pipeline
infrastructure, there is a
high likelihood that more
capital will be attracted
into pipeline construction
than is actually needed.

18

Figure 2. The Majority of Major Pipeline Companies Earned
Returns In Excess of 12% For 2009-2013.

Source: Natural Gas Supply Association

For example, FERC opened an investigation into a Kinder Morgan pipeline in 2011 that FERC Staff estimated had earned a
return on equity of 19.55% in 2010 and 18.51% in 2011. (Source: S. Sullivan, “WIC submits settlement to take care of FERC
rate investigation,” SNL Financial, June 25, 2013)
19 American Public Gas Association, “Section 5,” Online at http://www.apga.org/issues/issues-section-5, last accessed April 13,
2016.
20 Pen Cankardes Ulrey, “Pipeline Cost Recovery Report: 32 Major Pipelines, 2009-2013,” Natural Gas Supply Association (no
date).

State regulatory commissions play a very limited role in regulating interstate natural gas
pipelines.
Although regulations vary from state to state, state public service commissions often regulate
contracts and transactions between regulated utilities and their affiliates. Thus, if a regulated
utility seeks to enter into a contract for pipeline capacity with a corporate affiliate that is
developing the pipeline, it may require approval from the commission to enter into the
contract. In the case of the Atlantic Coast Pipeline, the North Carolina Public Utilities
Commission has granted approval for Duke Energy Progress, Duke Energy Carolinas and
Piedmont Natural Gas to become shippers on the pipeline. Dominion Virginia Electric and
Power has not yet sought similar approval from the Virginia State Corporation Commission.
State regulatory commissions also have a role in approving the passthrough of the costs of pipeline contracts to the rates of regulated
utility customers. The cost of shipping natural gas on a pipeline,
including the return on equity for the pipeline company, is an
operating cost for the end-use utility and is therefore a cost that is
passed through to utility customers, as long as the state commission
agrees that this cost has been prudently incurred.21 A commission
could disallow all or part of the costs paid pursuant to a natural gas
contract if the commission finds that such costs were not prudently
incurred (for example, if the utility knowingly contracted for too much
capacity or failed to secure a lower-priced contract). The
commission would have to find that the utility’s decision at the time of
entering into the contract was imprudent, not that the contract
turned out to be expensive for ratepayers in hindsight.
Such a potential disallowance would of course occur after the
pipeline has been placed into service. In the absence of affiliate
contracts, utilities have no incentive not to enter into prudent
contracts with third-party suppliers. The transaction structure in which
a regulated utility contracts to ship gas on a pipeline developed by
an affiliate company is a relatively recent development that tends to
shift risk from shareholders to ratepayers. It is not yet clear whether
state public utilities commissions will scrutinize pipeline capacity
procured under such contracts more closely in rate-making.
Additionally, if a state commission believes that a pipeline is earning excessive returns, it can
challenge the pipeline’s rates at FERC (as described above) but it does not have authority to
alter recourse or negotiated rates.
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For example, Dominion Virginia Electric and Power has entered into a contract for capacity on the Atlantic Coast Pipeline.
That contract contains, embedded in it, a return on equity for the pipeline developer (in which Dominion Resources has an
interest). The payments made pursuant to that contract are expenses that Dominion Virginia Electric and Power will be
allowed to pass through to its ratepayers, as long as the Virginia State Corporation Commission agrees that those expenses
were prudently incurred.

Thus, state regulatory commissions only play a role in approving the initial construction of a
pipeline to extent that they are required to approve a regulated utility’s decision to enter into a
contract with an affiliate that is building the pipeline. The state regulatory commission’s role in
regulating the cost of natural gas contracts embedded in the rates of utility customers occurs
after a pipeline has been constructed and therefore has little impact on the potential for
overbuilding pipelines.

Industry financial dynamics, coupled with favorable federal regulatory treatment, will likely result
in excess pipeline capacity being built out of the Marcellus and Utica shale region. The pipeline
capacity being proposed exceeds the amount of natural gas likely to be produced from the
Marcellus and Utica formations over the lifetime of the pipelines. An October 2014 analysis by
Moody’s Investors Service stated that pipelines in various stages of development will transport
an additional 27 billion cubic feet per day from the Marcellus and Utica region. This number
dwarfs current production from the Marcellus and Utica (approximately 18 billion cubic feet per
day).22 The following graph from Bloomberg New Energy Finance shows that pipeline capacity
out of the Marcellus and Utica will exceed expected production by early 2017.23

Figure 3. Pipeline capacity out of Appalachia is expected to exceed gas production starting in 2017.

App Basin Takeaway Capacity
Bcfd
45
40
35
30
25
20
15

Jan 14
Apr 14
Jul 14
Oct 14
Jan 15
Apr 15
Jul 15
Oct 15
Jan 16
Apr 16
Jul 16
Oct 16
Jan 17
Apr 17
Jul 17
Oct 17
Jan 18
Apr 18
Jul 18
Oct 18
Jan 19
Apr 19
Jul 19
Oct 19

10

Source: Bloomberg New Energy Finance, 2016. The black line represents expected production and the
bars represent planned capacity. Billion cubic feet per day (Bcfd).
U.S. Energy Information Administration, “Utica Region: Drilling Productivity Report,” April 2016, and U.S. Energy Information
Administration, “Marcellus Region: Drilling Productivity Report,” April 2016.
23 Joanna Wu, “US Gas Insight: Midstream Madness,” Bloomberg New Energy Finance, March 8, 2016.
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Over the long term, as shown in the following chart from a forthcoming paper by Oil Change
International, pipeline capacity is expected to exceed Marcellus and Utica production through
2030, with production peaking around 2028.24

Figure 4. Natural gas pipeline capacity is expected to exceed production through 2030.
Production forecast from Rystad.

Source: Oil Change International, 2016

Industry leaders are well aware that the dynamics of the pipeline industry lend themselves
towards overbuilding.
Kelcy Warren, CEO of Energy Transfer Partners (ETP), said as much in
comment last year on the company’s second quarter 2015 earnings
call: “The pipeline business will overbuild until the end of time. I mean
that’s what competitive people do.”25 In a subsequent earnings call, he
provided the specific example of the Barnett shale in Texas: “There is no
question there are certain areas that are overbuilt. For example, we
overbuilt in Barnett shale. The production peaked and it's now down.”26
Energy Transfer Partners would know. It is the largest transporter of
24

Discrepancies between the timing and extent of capacity additions shown in Figures 3 and 4 may be attributable to (a) the
fluidity of projects in early stages of development in terms of proposed capacity; and/or (b) differences in attempting to
distinguish between pipelines that are expected to add new takeaway capacity versus provide greater connectivity between
pipeline networks.
25 Energy Transfer Partners 2nd quarter 2015 earnings call, August 6, 2015.
26 Energy Transfer Partners 3rd quarter 2015 earnings call, November 5, 2015.

natural gas out of the Barnett shale of northeast Texas; ETP’s pipeline capacity alone now
exceeds the total 2015 natural gas production in the Barnett shale, which is down 24% from its
peak in 2012.27,28
Southwestern Energy, a driller in the Fayetteville shale of northwest
Arkansas and in Appalachia, predicts overbuilt pipeline capacity by
2018.29 And Elie Atme, vice president for Marketing and Midstream
Operations for Range Resources, one of the largest Appalachian shale
drillers, has stated that Range expects that “the Appalachian Basin’s
takeaway capacity will be largely overbuilt by the 2016-2017
timeframe.”30
In the meantime, existing natural gas pipeline capacity is going
underutilized, even as companies propose new pipelines. A 2015 report
by the Department of Energy found that from 1998 to 2013, existing
pipelines in the U.S. had an average capacity utilization of 54%.31,32
As noted in a recent article in American Oil and Gas Reporter, new
construction and potential overbuilding of pipelines may lead to existing
pipelines losing shippers, “thus creating the irony of unused capacity at
the same time new capacity is being constructed.”33

Overbuilding of natural gas pipeline infrastructure poses risks to ratepayers, investors and
communities along pipeline routes.
Excluding natural gas destined for export, the rates charged for shipping gas on pipelines are
ultimately passed through to the consumers of the gas, largely customers of electric and natural
gas utilities. That leaves ratepayers at risk of paying for unnecessary new capacity.

Energy Transfer Partners, “Press Release: Energy Transfer Adds Vital Capacity out of the Barnett Shale,” January 8, 2009.
Texas Railroad Commission Production Data Query System, “Texas Barnett Shale Total Natural Gas Production 2000
through 2015,” February 22, 2016. Online at: http://www.rrc.state.tx.us/media/22204/barnettshale_totalnaturalgas_day.pdf
29 Southwestern Energy 2nd quarter 2015 earnings call, July 28, 2015.
30 Kallanish Energy Daily News & Analysis, “Marcellus-Utica could soon be ‘overpiped,’” February 1, 2016.
31 U.S. Department of Energy, “Natural Gas Infrastructure Implications of Increased Demand from the Electric Power Sector,”
February 2015.
32 Existing pipelines in West Virginia, Virginia and North Carolina are even more underutilized. According to EIA data, average
capacity utilization in 2014 for pipelines flowing out of West Virginia was 33%. Utilization of pipelines flowing into Virginia was
23% and, into North Carolina, 37%. (Source: U.S. Energy Information Administration, “International & Interstate Movements
of Natural Gas By State,” 2016 online at http://www.eia.gov/dnav/ng/ng_move_ist_a2dcu_nus_a.htm; U.S. Energy
Information Administration, “U.S. State to State Capacity,” online at http://www.eia.gov/naturalgas/pipelines/EIAStatetoStateCapacity.xls).
33 Tom Seng, “Resource Plays Spur Big Infrastructure Rebuild”, American Oil and Gas Reporter, August 2013.
27
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Overbuilding creates the risk for investors that a pipeline
developer will be unable to renew its contract with shippers
after the initial (typically 15- to 20-year) contracts expire. If a
pipeline proves to be unnecessary, shippers may not want
to renew their contracts. Because pipeline finances are
structured so that the costs of the project are recovered
over a period longer than the initial contract, investors lose
out if the contracts cannot be renewed. This risk is greatly
reduced if the shipper is a regulated utility affiliate of the
developer.
Additionally, the boom in pipeline development is encouraging companies for whom pipeline
development is not their core business to diversify into the sector. This poses its own risks for
investors. Whether it is a supplier or utility-driven investment in natural gas pipelines, the
companies involved are pursuing higher returns, based presumably on an assessment of their
business models that point to a ceiling on the profitability of core business. For these companies,
investing in a natural gas pipeline can look like an investment in an area with tightly drawn
market adjacencies to their current core businesses, thus minimizing future risk. These
investments outside the core can produce returns, but they can also produce pain.34
Landowners are at risk from having their land seized and potentially damaged for pipeline
projects that are not needed. Additionally, landowners and communities along pipeline routes
may be at risk of greater safety problems. As reported in SNL Financial, “the push to build new
pipelines to transport abundant shale supplies appears to be having a materially adverse
impact on pipeline safety.” Data from the Pipeline Safety Trust shows that pipelines built in the
2010s are failing at a rate similar to the failure rate for pipelines constructed pre-1940 (see figure
5).35 Though it is not clear the specific reasons for the high failure rate of the new pipelines, this
data has led to speculation that the boom in construction of natural gas pipelines has led
contractors to cut corners.36

34

For example, FirstEnergy, an Ohio-based utility that owns many coal-fired power plants, bought into the Signal Peak coal
mine in Montana in 2008, an investment related to, but outside of, FirstEnergy’s core utility business. Signal Peak was seen
as an attractive investment because it could feed FirstEnergy’s own coal fleet and could sell coal into a growing export
market. The investment has since floundered as the coal mining business entered a downturn. FirstEnergy has recently
incurred a significant asset impairment on this mine (Source: M. Brown, “Signal Peak Owner Says the Mine is Worth
Nothing,” Billings Gazette, February 24, 2016).
35 S. Smith, “As U.S. rushes to build gas lines, failure rate of new pipes has spiked,” SNL Financial, September 9, 2015.
36 Ibid.

Figure 5. Pipeline incidents on newly installed pipelines are comparable to those installed pre1940.

Source: U.S. Pipeline and Hazardous Materials Safety Administration, Pipeline Safety Trust

One core similarity between the Atlantic Coast Pipeline and the Mountain Valley Pipeline is that
they both have been proposed as affiliate transactions, meaning that the majority of the
capacity on both of the lines has been reserved by companies that are affiliates of the same
companies that are building the lines.
The projects are structured differently, however. Construction of the Atlantic Coast Pipeline is
driven by natural gas utilities. Suppliers, not utilities, are driving construction of the Mountain
Valley pipeline. This is a difference that raises ratepayer and investor risks that are unique to
each project. In particular, IEEFA finds that the utility-driven Atlantic Coast Pipeline places most
of the risk on ratepayers, whereas the Mountain Valley Pipeline poses greater risks for investors.

Developers of the proposed 550-mile Atlantic Coast Pipeline propose bringing gas from the
Marcellus region of northern West Virginia into Virginia and North Carolina.37 The pipeline would
carry up to 1.5 million dekatherms per day. The pipeline would be developed, owned and
operated by a joint venture of Dominion Resources (which has a 45% interest in the venture),
Duke Energy (40%), Piedmont Natural Gas Company (10%) and AGL Resources (5%).38 AGL
Resources is the target of a possible acquisition by the Southern Company, a deal which is
expected to close in the second half of 2016.39 Piedmont Natural Gas Company is the target of
a pending acquisition by Duke Energy, also
expected to close in the second half of 2016.40 If
both acquisitions go through, the ownership stake
in the pipeline would be 48% Dominion, 47% Duke
and 5% Southern.41 The pipeline is expected to cost
$5 billion, and developers anticipate putting the
project into service in late 2018.42
Developers applied to FERC for a certificate of
need in October 2015 with 96% of the capacity of
the pipeline already subscribed. The contracts for
the majority of this capacity are with utility companies that are subsidiaries of the companies
proposing the project. That is, developers of
Atlantic Coast justify need for the line based on
contracts negotiated with shippers who are
affiliates of the same companies building the
pipeline. The following table shows the six
companies that have contracted to ship gas on
the Atlantic Coast Pipeline.43

37

As originally proposed, the Atlantic Coast Pipeline route starts in Harrison County WV, traversing Lewis, Upshur, Randolph
and Pocahontas counties in WV; Highland, Augusta, Nelson, Buckingham, Cumberland, Prince Edward, Nottoway, Dinwiddie,
Brunswick and Greenville counties in VA; and Northampton, Halifax, Nash, Wilson, Johnston, Sampson, Cumberland and
Robeson counties in North Carolina. In February 2016, the developers proposed a revised route for the pipeline after the
National Forest Service objected to the original route because of impacts to endangered species. The new route adds Bath
County, VA to the list of counties traversed by the pipeline. (Sources: Atlantic Coast Pipeline, “Abbreviated Application for a
Certificate of Public Convenience and Necessity and Blanket Certificates: Volume 1, Exhibit F,” Federal Energy Regulatory
Commission Case No. CP15-554, September 18, 2015; X. Mosqueda-Fernandez, “Forest Service staff rejects Atlantic Coast
pipeline route,” SNL Financial, January 21, 2016; X. Mosqueda-Fernandez, “Atlantic Coast Pipeline forges alternative route
with Forest Service,” SNL Financial, February 12, 2016).
38 More specifically, each of these companies has set up subsidiaries to hold their interests in the project. The ownership
interests therefore belong to Dominion Atlantic Coast Pipeline, LLC; Duke Energy ACP, LLC; Piedmont ACP Company, LLC;
and Maple Enterprise Holdings, Inc., a subsidiary of AGL.
39 “Southern Company acquires AGL Resources Inc.: Deal Profile,” SNL Financial, last accessed April 12, 2016.
40 D. Sweeney, “In NC merger application, Duke Energy, Piedmont outline benefits of combined company,” SNL Financial,
January 19, 2016.
41 J. Dumoulin-Smith, M. Weinstein and P. Zimbardo, “Dominion Resources: A Plainer Dominion,” UBS Global Research,
January 29, 2016.
42 X. Mosqueda-Fernandez, “Atlantic Coast Pipeline forges alternative route with Forest Service,” SNL Financial, February 12,
2016.
43 Atlantic Coast Pipeline, “Abbreviated Application for a Certificate of Public Convenience and Necessity and Blanket
Certificates, Resource Report 1: General Project Description”, Federal Energy Regulatory Commission Case No. CP15-554,
September 18, 2015, page 1-11.

Table 1. Utilities contracted to ship gas on the Atlantic Coast Pipeline. All but Public Service
Company of North Carolina are subsidiaries of companies involved in developing the pipeline.
Contracted capacity
Utility
Parent
(dekatherms/day)
Virginia Power Services
Dominion
300,000

Duke Energy Progress
Duke Energy Carolinas
Piedmont
Public Service Company of North Carolina
Virginia Natural Gas

Duke
Duke
Piedmont Natural Gas
SCANA Corporation
AGL Resources

452,750
272,250
160,000
100,000
155,000

According to Atlantic Coast’s application to FERC, a large portion of the gas (79%) that would
be shipped through the pipeline would be destined for power generation in Virginia and North
Carolina.44 Of this amount, 86% would go to Duke and Dominion.45
The extent to which Dominion needs this new pipeline capacity to deliver natural gas to
planned and proposed new natural gas plants in Virginia is questionable. The application to
FERC cites the need for natural gas to supply Dominion’s new Brunswick natural gas plant
(currently under construction) and its planned Greensville natural gas plant. Both plants have
received approval from the Virginia State Corporation Commission. In seeking approval for the
Brunswick plant, Dominion represented that the plant would have a contract for firm natural
gas supply from Transcontinental Gas Pipe Line Company (“Transco”), which was to construct
nearly 100 miles of new pipeline to connect to the Brunswick Plant.46 This pipeline was
completed and placed into service in September 2015.47 Similarly, for the Greensville plant,
Dominion represented that the plant “will be fueled using 250,000 Dth per day of natural gas
with reliable firm transportation provided by Transcontinental Gas Pipe Line Company, LLC”
though it also noted that Greensville “will also have access to” Atlantic Coast.48 The Transco
pipeline is expected to be placed into service by December 2017.49 Thus, in its applications to
the Virginia State Corporation Commission, Dominion has represented that the Brunswick and
Greensville plants will be supplied with natural gas from Transco. The Virginia State Corporation
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The remainder will be used for natural gas heating, industrial uses and commercial uses such as vehicle fuel. (Source:
Atlantic Coast Pipeline, “Abbreviated Application for a Certificate of Public Convenience and Necessity and Blanket
Certificates, Resource Report 1: General Project Description”, Federal Energy Regulatory Commission Case No. CP15-554,
September 18, 2015, page 1-5.)
45 Atlantic Coast Pipeline, “Abbreviated Application for a Certificate of Public Convenience and Necessity and Blanket
Certificates, Resource Report 1: General Project Description”, Federal Energy Regulatory Commission Case No. CP15-554,
September 18, 2015, page 1-12.
46 State Corporation Commission of Virginia, Case No. PUE-2012-00128, “Application of Virginia Electric and Power Company
for approval and certification of the proposed Brunswick County Power Station electric generation and related transmission
facilities under §§56-580 D, 56-265.2 and 56-46.1 of the Code of Virginia and for approval of a rate adjustment clause,
designated Rider BW, under § 56-585.1 A 6 of the Code of Virginia,” November 2, 2012.
47 Williams, “Press release: Williams’ Transco Completes Virginia Southside Expansion,” September 1, 2015, online at:
http://investor.williams.com/press-release/williams/williams-transco-completes-virginia-southside-expansion.
48 State Corporation Commission of Virginia, Case No. PUE-2015-00075, “Application of Virginia Electric and Power Company
for approval and certification of the proposed Greensville County Power Station and related transmission facilities pursuant to
§§56-580 D, 56-265.2 and 56-46.1 of the Code of Virginia and for approval of a rate adjustment clause, designated Rider GV,
pursuant to § 56-585.1 A 6 of the Code of Virginia,” July 1, 2015.
49 Williams, “Virginia Southside Expansion Project II,” online at http://co.williams.com/expansionprojects/virginia-southsideexpansion-project-ii/, last accessed April 13, 2016.

Commission has already approved construction of both gas plants without requiring any
additional natural gas contracts.
The Atlantic Coast pipeline could be used as a back-up gas supply for Dominion’s Brunswick
and Greensville plants. Contracting for some amount of redundant natural gas supply may be
prudent. But the Virginia State Corporation Commission approved the plants without any
discussion of need for a redundant pipeline.50 The question of how much redundant supply
might be prudent is not likely to be addressed when FERC considers the need for the Atlantic
Coast pipeline.
Moreover, Dominion’s most recent integrated resource plan, which lays out its long-term plan
for electricity supply, does not provide a clear vision for Dominion’s natural gas expansion plans.
The IRP describes four scenarios that are compliant with the Clean Power Plan; these scenarios
vary substantially in the amount of new natural gas generation called for. The least gasintensive scenario calls for building one additional 1,585 MW natural gas baseload combined
cycle power plant in 2022 and two 457 MW natural gas peaking plants by 2030. The most gasintensive scenario calls for building two 1,585 MW baseload plants, three 457 MW peaking plants
and repowering several existing plants with natural gas. The IRP does not express a preference
between these scenarios.51
While Duke and Dominion are required to file integrated resource plans showing their detailed
natural gas capacity expansion plans with state regulators in Virginia and North Carolina, these
plans have not been filed with FERC. Thus, FERC will not be able to scrutinize these plans in
assessing the need for the Atlantic Coast Pipeline.

Ratepayers—specifically the customers of Dominion Virginia Power, Piedmont, Virginia Natural
Gas, Public Service Company of North Carolina, Duke Energy Progress and Duke Energy
Carolinas—are on the hook for 96% of the project’s costs through the rates that they are
charged to ship gas on the pipeline.
These ratepayers will bear the following risks.
One is that the Atlantic Coast pipeline would go underutilized. As described above, it is not
clear that the utilities that have contracted to ship gas on the pipeline actually need all of the
gas that they are contracted to purchase. The utilities have the option to sell the capacity that
they’re not using on the secondary market and crediting this money back to ratepayers. If the
excess capacity cannot be sold, ratepayers will pay for the capacity that their utilities are under
contract to purchase. If the excess capacity can be sold, ratepayers still bear the risk that the
price received for this capacity is less than what they are paying for it.
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State Corporation Commission of Virginia, “Final Order,” Case No. PUE-2012-00128, August 2, 2013.
Dominion, Integrated Resource Plan, as filed with the Virginia State Corporation Commission and the North Carolina Utilities
Commission, July 1, 2015, pp. 5-8.

Ratepayers are also at risk that natural gas prices from the
Marcellus and Utica region will not continue to be significantly
cheaper than Henry Hub prices. Part of the supposed
rationale for building the Atlantic Coast Pipeline is that
ratepayers will benefit from a cheap supply of natural gas
from the Marcellus and Utica region. But ratepayers would
benefit only if the cost advantage of sourcing gas from the
Marcellus/Utica outweighs the cost to ratepayers of building
the pipeline. While a study conducted on behalf of the
developers by ICF International to justify the economic
benefits of the pipeline does not provide a forecast of future
natural gas prices from the Marcellus region, it does assert that
Marcellus/Utica natural gas will continue to be $1$1.75/MMBTU cheaper than natural gas from the Henry Hub
through 2035, which would mean that the Atlantic Coast
pipeline would generate savings for ratepayers over the
lifetime of the pipeline. However, ICF’s projection of a
widening spread between Henry Hub and Marcellus/Utica gas
(at the Dominion South Hub) contradicts current market expectations. ICF projects the price
difference between the Dominion South Hub and the Henry Hub narrowing to about
$0.50/MMBTU by 2018 but then steadily increasing to about $1/MMBTU by 2022 and $2/MMBTU
by 2028.52 By contrast, current market expectations, as revealed by futures prices, project the
spread between the two hubs steadily narrowing to $0.50/MMBTU by 2022.
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Figure 6. Projected price difference between Henry Hub and
Dominion South Hub*
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As more pipelines are built out
of the Marcellus and Utica
region, the excess pipeline
capacity will further narrow the
price differential between the
hubs. That is, as natural gas
pipeline capacity increases to
meet or exceed the glut of
natural gas supply, natural gas
prices in the Marcellus should
rise. A January 2016 article in
Midstream Business noted that
“new Marcellus Shale regional
pipelines are beginning to
pressure Henry Hub prices,
sapping differentials in gas
value as more of the area’s
production escapes regional
lockdown”
(emphasis added).53
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ICF International, “The Economic Impacts of the Atlantic Coast Pipeline,” February 9, 2015
Darren Barbee, “Contents Under Pressure: New Pipelines Ease Marcellus Takeaway Troubles,” Midstream Business, January
12, 2016.

It is clear that the current low natural gas prices in the Marcellus and Utica are not sustainable
for drillers, a factor that will likely drive Marcellus and Utica gas prices higher over the long term,
likely reducing the price differential with the Henry Hub and affecting ratepayers who are on
the hook for shipping contracts for the next 20 years. Many of the companies with the greatest
production in Appalachia operated at a loss in 2015. Of the top 10 Appalachian drilling
companies, only two (EQT and Antero) posted positive net income in 2015.54 Chesapeake
Energy, the largest Appalachian driller, is widely expected to go bankrupt (though the
company is currently denying that it will file for bankruptcy).
In response to continued low prices, drillers have cut back on capital expenditures. Capital
expenditures by the top eight Appalachian shale drillers in the fourth quarter of 2015 were 54%
lower than in the fourth quarter of 2014. And capital expenditures for the first quarter of 2016 are
expected to be 49% lower than in the first quarter of 2015.55 This reduction in capital
expenditures is reflected in production volumes; according to the most recent figures from the
Energy Information Administration, production growth has slowed over the past several months
and a decline is projected from February to April 2016.56
Low oil prices since late 2014 have also hurt many Appalachian drillers who had previously been
able to use profitable wet gas drilling operations to prop up less profitable dry gas drilling. Low
oil prices have driven down prices for natural gas liquids, making wet gas drilling less profitable.57
In spring 2016, banks will be re-determining the revolving credit lines for many shale gas drillers.
They are widely expected to cut back on lending.58
It is all but certain that the instability and financial problems brought about by current low
natural gas prices will drive some of the shale gas drilling companies into bankruptcies.
According to JP Morgan there have been 48 bankruptcies in the oil and gas exploration and
production sector since 2014,59 and further bankruptcies are expected in 2016.
Production will be scaled back and prices will stabilize at a higher level. It is not clear over what
timeframe this will occur, though natural gas prices are generally expected to remain low at
least through 2016. According to Standard & Poor’s, “commodity prices will remain low in 2016,
impeding cash flows and increasing the risk for negative rating and outlook actions as leverage
measures and liquidity continue deteriorating.”60
While most analysts are not projecting a near-term rise in gas prices (and futures prices show
Dominion South Hub prices remaining below $2.50 per MMBTU through 2022), shale drillers
cannot continue to produce below cost indefinitely. In the longer term (10-15 years), it is likely
that Marcellus and Utica gas prices will stabilize at a somewhat higher level. These longer-term
prices will have a significant impact on the long-term economics of the Atlantic Coast Pipeline,
which is designed as a 40-year project.

List of top 10 Appalachian drillers from B. Holland, “Appalachian drillers vow to slow down after brutal Q3,”
SNL Financial, November 12, 2015. Net incomes obtained from individual company 2015 Form 10-K Securities and Exchange
Commission filings.
55 B. Holland, “Billions evaporate from gas industry as Northeast drillers gut spending,” SNL Financial, January 8, 2016.
56 Energy Information Administration, “Drilling Productivity Report: Report Data,” March 7, 2016.
https://www.eia.gov/petroleum/drilling/xls/dpr-data.xlsx
57 X. Mosqueda-Fernandez, “NGL projects could struggle under low crude price future,” SNL Financial, June 17, 2015.
58 B. Holland, “JP Morgan clamping down on oil, gas clients, expects more bankruptcies,” SNL Financial, February 24, 2016.
59 Ibid.
60 B. Holland, “Lack of oil, gas hedging could lead drillers to spring defaults, S&P warns,” SNL Financial, December 21, 2015.
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Thus, ratepayers run the risk of paying higher than expected natural gas prices for gas delivered
on the Atlantic Coast pipeline as the difference between Marcellus and Henry Hub natural gas
prices narrows.
Ratepayers also bear risks associated with delays in project construction. It is not clear how
much of the risk of project delay would be borne by ratepayers versus investors in the project.
According to Atlantic Coast’s application to FERC, “in an agreed-upon risk sharing agreement,
the negotiated rates would be decreased by specified amounts for certain delays in the Project
in-service date.”61 The developers offer no further detail on how the risk of delay would be
shared among project investors and ratepayers. Given that the negotiated rates were
negotiated between affiliated companies, it seems likely that the burden of the risk would be
placed on ratepayers, not project investors.
Ratepayers may also bear some risk of construction cost overruns. Dominion has noted that the
terrain that the Atlantic Coast pipeline will traverse accentuates the risk of construction cost
overruns and delays: “The large diameter of the pipeline and difficult terrain of certain portions
of the proposed pipeline route aggravate the typical construction risks with which DTI [Dominion
Transmission Inc] is familiar. In-service delays could lead to cost overruns and potential customer
termination rights.”62
Atlantic Coast pipeline’s application to FERC provides no additional detail on these “potential
customer termination rights.” It is not clear whether customers would be able to terminate their
contracts and walk away with the project without any losses, or whether they would still end up
paying for a portion of the project if their contract is terminated.
Finally, ratepayers face the risk of future regulation of greenhouse gas emissions. The Atlantic
Coast Pipeline is designed to recover its construction costs from ratepayers over a 40-year
period, i.e. through 2058. It is reasonable to expect significant policies requiring reductions in
greenhouse gas emissions by then, changes that will constrain the use of natural gas.

Generally speaking, the Atlantic Coast pipeline does not appear to be particularly risky to
investors. The pipeline will be paid for through shipping rates paid by financially stable,
regulated utilities with captive customers.
Nevertheless, there are still investor risks.
First is that a state utilities commission (either the North Carolina Utilities Commission or the
Virginia State Corporation Commission) will disallow some of the costs of the pipeline from being
passed through to ratepayers based on a decision that the costs were imprudently incurred.
Such a decision would likely be predicated on a conclusion that the utility had contracted for
more capacity than it needs, based on what was known about future natural gas demand at
the time the contract was entered into.
Investors also face the risk of delays or construction cost overruns that cause shippers to back
out of the project or to receive lower rates. As described in the previous section, delays and
Atlantic Coast Pipeline, “Abbreviated Application for a Certificate of Public Convenience and Necessity and Blanket
Certificates: Volume 1,” Federal Energy Regulatory Commission Case No. CP15-554, September 18, 2015, p. 32.
62 Dominion Resources, 2014 Form 10K, p. 26.
61

cost overruns could trigger shippers to pull out of the project, though it is not clear what level of
delay or cost overrun would be required to allow a shipper to terminate its contract.
Furthermore, developers of the Atlantic Coast project have apparently agreed to lower
negotiated rates if the project is delayed by a certain amount though, again, there are no
details on these agreements. Given that these contracts are largely between affiliated entities,
it seems reasonable to assume that the risks of delay and cost overruns will be borne more by
ratepayers than by investors.
Investors are also at risk that the pipeline owners would not be able to renew shipping contracts
after 20 years. The contracts that Atlantic Coast has signed with shippers are all 20-year
contracts. Yet the rates charged in these contracts are designed to recover the costs of the
constructing the pipeline over a 40-year period.63 Thus, Atlantic Coast is banking on its ability to
renew shipping contracts in order to fully recover the costs of building the pipeline. The risk of
not being able to renew these contracts is, in theory, borne by the project’s investors. However,
given that almost all of Atlantic Coast’s shipping contracts are with affiliates, there will be strong
pressure on the regulated utilities to renew the contracts. IEEFA therefore views this as a minimal
risk to investors.

The Mountain Valley Pipeline is a proposed 300-mile pipeline that originates in West Virginia and
terminates in Virginia.64 The Mountain Valley Pipeline would carry up to 2 million dekatherms per
day. It is a joint venture of EQT Midstream (45.5% ownership interest), NextEra Energy (31%), Con
Edison (12.5%), WGL Holdings (7%), Vega Energy Partners (3%) and RGC Resources (1%) and will
be operated by a subsidiary of EQT.65 The pipeline is expected to cost $3.7 billion and to go into
service in the fourth quarter of 2018.66
All of the capacity on the Mountain Valley Pipeline has been reserved by shippers. The
companies that have entered into shipper contracts are EQT (64.5%), Consolidated Edison
(12.5%), USG Properties Marcellus Holdings, a subsidiary of NextEra (12.5%), WGL Midstream
(10%) and Roanoke Gas (0.5%). EQT and USG Properties Marcellus Holdings, which together
have contracted for 77% of the capacity of the pipeline, are natural gas supply companies.
The Mountain Valley Pipeline is very different from the Atlantic Coast Pipeline in that is a
supplier-driven pipeline, rather than a customer-driven pipeline. That is, the entities that have
entered into long-term contracts for the majority of the capacity on the Mountain Valley
Pipeline are producers of natural gas.
As shown in the following table, the entities that have entered into contracts for capacity on
the Mountain Valley Pipeline are all affiliates of the companies that are partners in the joint
Atlantic Coast Pipeline, “Abbreviated Application for a Certificate of Public Convenience and Necessity and Blanket
Certificates: Volume 1, Exhibit P,” Federal Energy Regulatory Commission Case No. CP15-554, September 18, 2015
64 The proposed route starts in Wetzel County and traverses Harrison, Doddridge, Lewis, Braxton, Webster, Nicholas,
Greenbrier, Summers and Monroe counties in WV; and Giles, Craig, Montgomery, Roanoke, Franklin and Pittsylvania
counties in VA. The pipeline route terminates at an intersection with the Transco line, a pipeline owned by Williams
Corporation that is a backbone of the East Coast natural gas transmission system, connecting the Gulf Coast to New York.
(Source: Mountain Valley Pipeline, “Application for Certificate of Public Convenience and Necessity and Related
Authorizations: Volume 1, Exhibit F,” Federal Energy Regulatory Commission Case No. CP16-10, October 23, 2015.)
65 Mountain Valley Pipeline, “Frequently Asked Questions,” http://mountainvalleypipeline.info/faqs/, last accessed April 12, 2016.
66 S. Sullivan, “Mountain Valley applies to FERC for 2-Bcf/d gas pipeline,” SNL Financial, October 23, 2015.
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venture. The pipeline is fully subscribed. EQT is, by far, the largest shipper, as well as being the
dominant partner in the joint venture to build the pipeline.
Table 2. All of the shippers on the Mountain Valley Pipeline are affiliates of companies involved
in developing the project.

Pipeline owner
EQT Midstream
Partners, LP
NextEra Energy US
Gas Assets, LLC
Con Edison Gas
Midstream, LLC

Ownership
Shipper
interest
45.5% EQT Energy, LLC
USG Properties
Marcellus Holdings, LLC
Consolidated Edison
12.5%
Company of New York
31%

WGL Midstream, Inc.

7% WGL Midstream, Inc.

Vega Midstream MVP
LLC

3%

RGC Midstream LLC

1%

Roanoke Gas
Company

Capacity
Capacity
contracted
contracted
(dekatherms/day (%)
1,290,000

64.5%

250,000

12.5%

250,000

12.5%

200,000

10%

10,000

0.5%

Investors in the Mountain Valley Pipeline are at greater risk of being harmed by financial
problems with the shippers than investors in the Atlantic Coast Pipeline are because natural gas
producers are much less financially stable than regulated utilities. According to Moody’s
Investor Services, the long-term credit rating of EQT is Baa3 (the lowest investment-grade credit
rating), whereas the largest shippers on the Atlantic Coast pipeline have credit ratings of A1
(Duke Energy Carolinas) and A2 (Duke Energy Progress and Dominion Virginia Electric and
Power Company).
In recent months, investors have grown increasingly aware of the risks of supplier-driven
pipelines, like the Mountain Valley Pipeline, because of the weak financial position of many
shale drilling companies. As described by SNL Financial:
“Firm transportation contracts with counterparties that have credit ratings below investment
grade, such as Chesapeake Energy Corp., have the potential to disrupt operators if the
shippers cannot keep up with reservation payments for the duration of the contracts.
As oil and gas prices remain depressed, exploration and production companies have
continued to watch their valuations fall. These upstream problems may work their way
down the value chain, putting previously stable revenue for midstream companies at risk as
their contract counterparties look to renegotiate pricing, or in some instances, file for
bankruptcy. Pipelines with higher proportions of volume contracted with these companies
are more exposed to these effects.”67
Two pending bankruptcy proceedings are raising the issue of whether drillers’ contracts with
pipelines are likely to be honored if the drillers go bankrupt. In its pending bankruptcy
67
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proceeding, Sabine Oil & Gas successfully terminated its contracts with natural gas pipeline
companies for gathering and processing natural gas.68 Quicksilver Resources, also in
bankruptcy, is following suit, seeking to terminate its contracts for gathering and processing.69
Similarly, while Chesapeake Energy – the largest company drilling in the Marcellus shale—has
denied plans to file for bankruptcy,70 it is experiencing serious financial troubles and a
bankruptcy would potentially jeopardize its payments to pipeline companies with which it is
contracted to ship gas.
In the case of the Mountain Valley Pipeline, the financial health of EQT is critical to how the
project moves forward. EQT is a major shale gas drilling company whose operations are
concentrated in the Marcellus and Utica shale region (78% of its proved reserves are in the
Marcellus).71 As described in the previous section, the shale drilling sector in general is in turmoil
because of prolonged low natural gas prices. While EQT is
positioned better than many other major Appalachian shale
drillers (it was one of only two of the top ten Appalachian
drillers to post positive net income in 2015, for example), it is
still not immune to the effects of low prices. EQT’s stock price
has fallen 26% since January 2014, a period in which the Dow
Jones Industrial Average has increased 8%.72 Its long-term
credit ratings from S&P, Moody’s and Fitch are all one notch
above junk status.73 Additionally, as of December 2015, EQT
had only 37% of its production hedged for 2016, lower than
Antero, Range and several other major Appalachian
drillers.74
EQT has had negative free cash flow for the past nine years, meaning that the cash generated
from drilling operations is not sufficient to finance the ongoing capital expenditures of the
company. While it is standard industry practice to rely upon equity and debt cash infusions
during a period of growth, this is done with the expectation that project returns will occur over a
longer period and cash flow will flip from negative to positive as projects start generating
returns. EQT’s long period of negative free cash flow reflects a decision to continue investing in
the drilling business despite the poor short-term future outlook. In a time when many companies
are facing distressed financial scenarios, a nine-year negative free cash flow raises the
company’s risk profile. EQT’s situation appears to be worsening, with free cash flow declining
from -$450 million in 2013 to -$1,217 million in 2015.
EQT’s business outlook remains focused on growth and, so far, investors have been willing to
continue investing in EQT. Despite low prices, EQT’s natural gas production volume increased
27% in 2015 over 2014.75 Part of EQT’s growth strategy has been to grow its pipeline business, a
less risky line of business than natural gas drilling. EQT launched the master limited partnership
EQT Midstream in 2012. EQT has sold pipeline assets to EQT Midstream to raise cash, and EQT
Midstream has raised money through public offerings. In 2015, for example, EQT raised $1.1
B. Holland, “E&P bankruptcy ruling brings clouds for midstream and a ‘kind of’ silver lining,” SNL Financial, March 9, 2016.
N. Amarnath, “More trouble for midstream MLPs as struggling producers seek to ditch contracts,” SNL Financial, February 9,
2016.
70 M. Passwaters, “Chesapeake says it is not seeking bankruptcy as shares plummet,” SNL Financial, February 8, 2016.
71 EQT, 2015 Form 10-K, page 10.
72 SNL Financial, “EQT Corporate Profile,” retrieved April 17, 2016.
73 Baa3 from Moody’s, BBB from S&P and BBB- from Fitch. (Source: SNL Financial)
74 B. Holland, “Lack of oil, gas hedging could lead drillers to spring defaults, S&P warns,” SNL Financial, December 21, 2015.
75 EQT, 4Q 2015 earnings call transcript, February 4, 2016.
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billion from sales of assets to EQT Midstream, and EQT Midstream was able to raise $1.2 billion
through public offerings.76 The Mountain Valley Pipeline represents a major area of growth for
EQT Midstream.
In part because of its infusions of cash from EQT Midstream, EQT would be in a strong position to
be able to buy up the assets of other natural gas drillers who are in financial distress due to low
natural gas prices. EQT’s basic business strategy is to continue growing and hope that it will be
well-positioned to take advantage of higher natural gas prices in the future.
The key question, of course, is how long natural gas prices will stay low. The longer they do, the
riskier EQT’s business strategy becomes. Natural gas prices at the Dominion South Hub averaged
$1.50/MMBTU in 2015 and futures prices project prices falling further to $1.22/MMBTU in 2016,
before rising to $1.70 in 2017 and $1.93 in 2018. Fitch has estimated that the average cost of
production in the Marcellus shale is $2.50, implying that futures prices for the next few years are
expected to be below the average cost of gas production.77 As noted in a recent article in SNL
Financial, “Most independent gas drillers have finally resigned themselves to low prices
indefinitely (the highest price on the NYMEX gas futures strip is $4.611/MMBtu all the way at the
end, December 2028) and are now in a race to wrangle their expenses inside their cash flow
before they default.”78
Even if EQT is better positioned to withstand continued low natural gas prices than other
Appalachian drillers, it would be adversely affected by the bankruptcies that are widely
expected in the sector, which will likely drive capital out of the entire drilling sector.

In addition to the fundamental risk posed by EQT’s weak financial condition, other risks to
investors include the risk that the pipeline owners will be unable to renew shipping contracts
after 20 years. As with the Atlantic Coast pipeline, the rates for the Mountain Valley Pipeline are
designed to recover the costs of the pipeline over 40 years, which is longer than the length of
the initial shipping contracts.79 Pipeline investors bear the risk that Mountain Valley will not be
able to renew its shipping contracts after 20 years or that it will not be able to renew them with
as favorable terms.
This risk is compounded by the risk that greenhouse gas regulations imposed over the next 20
years will restrict the use of natural gas.
Investors also may be vulnerable to cost-overrun risks. Mountain Valley’s shipping contracts
includes a provision for adjusting the negotiated rates if the actual construction cost differs from
the estimated cost, but the nature of this adjustment is not publicly available.80
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79 Mountain Valley Pipeline, “Application for Certificate of Public Convenience and Necessity and Related Authorizations:
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Communities and landowners along the pipeline route also bear risks that stem from EQT’s
financial weakness. EQT does not appear to be a stable, long-term partner for these
communities.
EQT’s weakened financial position suggests it will adopt only a limited commitment to
communities or perhaps be forced to sell its ownership interests to a new company that is not
part of current deliberations. Natural gas pipelines are not just long-term investments between
companies and investors, they are long-term partnerships between the companies and their
host communities. Company culture matters.
Another risk to communities directly affected by the proposed project: Pipeline safety problems
are on the rise, as documented in Figure 5, and how a company perceives such risk, monitors
for it, seeks to prevent it, and communicates about it to affected communities is paramount.
Closely related to this risk are those that stem from a company’s land management and
reclamation activities. Companies involved in positive corporate citizenship buy locally to stimulate
local businesses, hire locally, and invest locally in new businesses and community projects.

The clearest risks to ratepayers from the Mountain Valley Pipeline are the risks to the customers
of the regulated utilities that have contracted as shippers on the pipeline. These are
Consolidated Edison and Roanoke Gas.
The risks to ratepayers on the Mountain Valley Pipeline are similar to those posed by the Atlantic
Coast Pipeline.
These include the risk of project delay. According to the contracts that have been signed by
shippers on the Mountain Valley pipeline, a shipper many terminate its contract if the pipeline
has not been placed into service by June 1, 2020, but it is still required to pay its share of the
expenses incurred to that date, plus fifteen percent unless the developer can re-sell the
shipper’s capacity to a third party. In other words, ratepayers may be on the hook for a share of
construction costs even if the utilities ultimately pull out of the project.81
Ratepayers are at risk that natural gas prices from the Marcellus shale will not turn out to be
substantially lower than Henry Hub prices over the long term. Customers of the regulated utilities
that have contracted to ship gas on the Mountain Valley Pipeline will pay for their share of the
construction cost of the pipeline through their rates. If the expense of the pipeline outweighs the
savings from access to a lower-cost supply of natural gas, then this cost will be borne by
ratepayers.
Finally, the potential for greenhouse gas regulations poses a ratepayer risk. As with the Atlantic
Coast pipeline, it is likely that ratepayers will bear the cost of their utilities’ share of the stranded
capacity on the Mountain Valley pipeline if and when greenhouse gas emissions regulations
restrict the use of natural gas.
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The establishment of a comprehensive planning process for natural gas pipeline
development. FERC’s current practice of considering the need for projects on an individual
basis is insufficient.



Lower returns on pipeline development. The returns on equity embedded in recourse rates
for new interstate natural gas pipelines exceed authorized returns for state-regulated
electric utilities and federally regulated electric transmission lines. This is especially egregious
given that the growing trend of transactions between regulated utilities and affiliated
pipeline developers tends to shift risk from utility shareholders to ratepayers. FERC should
lower the returns it allows on equity for pipeline development.



An investigation into the safety of new pipelines with a focus on the relatively high failure
rate of newly installed pipelines.



The Virginia State Corporation Commission closely examine the prudence of contracts
signed by regulated utilities to ship gas on a pipeline owned by affiliated companies.



FERC consider information presented to state regulators by Duke and Dominion in integrated
resource plans and in certificate applications regarding their planned buildout of regional
natural gas power generation.



FERC acknowledge that it lacks sufficient evidence to evaluate the need for the Atlantic
Coast and Mountain Valley Pipelines and that applications for those project be suspended
until such time than an appropriate regional planning process is developed.



FERC should recognize that pipelines are being proposed with different corporate structures
that involve very different risk profiles. In assessing supplier-driven pipelines, FERC should
assess industry trends and the short and long term financial condition of companies along
the chain (with careful attention paid to leverage and free cash flow). FERC could also
consider a range of recourse rates that would reflect different risks.

Natural gas pipeline infrastructure out of the Marcellus and Utica region of Appalachia will
probably become overbuilt within the next several years, an outcome recognized by many in
the industry itself. The economic and financial factors that incentivize companies to invest in the
development of new natural gas pipelines—from drilling companies that seek to diversify into a
sector with more stable income to traditional pipeline companies angling to build larger and
better-connected networks—will not produce a socially rational outcome. Without a
coordinated approach to natural gas pipeline planning, as exists for many other types of
infrastructure, the Federal Energy Regulatory Commission cannot make an honest
determination of the need for these pipelines. Ratepayers and communities will shoulder much
of the costs and risks of the Atlantic Coast and Mountain Valley pipelines, investments of nearly
$9 billion that are poised for approval without adequate scrutiny.
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Many details about the Atlantic Coast and Mountain Valley pipelines have not yet come to
light in the FERC application process. These details may never come to light through that
process because they are not necessarily issues that FERC prioritizes in deciding on the “need”
for a pipeline. Nevertheless these are questions that need to be answered if there is to be
appropriate public scrutiny over whether these pipelines are worth the risks.

-

Why are ratepayers being asked to pay for redundant natural gas supply for Dominion
Virginia Electric and Power’s Brunswick and Greensville natural gas plants?

-

Which specific proposed natural gas plants do Duke and Dominion plan to supply with gas
from that Atlantic Coast pipeline? When are these plants expected to be constructed?

-

Why have there recently been so many safety problems with new pipelines?

-

Dominion’s 2014 10-K states, “certain portions of the proposed pipeline route aggravate …
typical construction risks.” Which portions of the route? What is Dominion doing to minimize
these risks?

-

Who will be the construction contractor for the Atlantic Coast pipeline? What is this
contractor’s recent safety track record?

-

Who will be liable for damages from pipeline explosions?

-

Who will pay for construction cost overruns, shippers or the pipeline developer?

-

If a shipper terminates their contract due to project cost overruns or delays, to what extent is
that shipper still liable for construction costs of the pipeline?

-

What are the rates that have been negotiated between Atlantic Coast and its shippers?
What return on equity is embedded in these rates?

-

How much do negotiated rates decrease if there are delays in putting the pipeline into
service?

-

Who will be the construction contractor for the Mountain Valley pipeline? What is this
contractor’s recent safety track record?

-

Who will be liable for damages from pipeline explosions?

-

Who will pay for construction cost overruns, shippers or the pipeline developer?

-

What are the rates that have been negotiated between Mountain Valley and its shippers?
What return on equity is embedded in these rates?

-

How much do negotiated rates decrease if there are delays in putting the pipeline into
service?

-

If a shipper goes bankrupt, how likely is it that the shipper’s contract with Mountain Valley
pipeline will be terminated?

